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Executive Summary

Overall Assessment

Ont ar i cadministetfeddwbolesale electricity market has operated reasonably well
according to the parameters set for it over the winter period, November 2009 to April
2010, although there were occasions eletions by market participants or the IESO

led to inefficient outcomes.

The Market Surveillance Panel (MSP) did not find an abuse of market power to have
occurred in this period. However, a market participant has requested the MSP initiate an
investigdion of possibleabuse omarket power by a market particigamhe

investigation is ongoing arttie Panel will report on the outcome of this istvgation

when it is completed.

The MSP has not initiated any formal gaming investigations in this permaever, the

Panel has observed behaviours associated with extraction of congestion management
settlement credit (CMSC) payments that profit some participants at the expense of the
market as a whole. It has not yet determined whether to commence a formal

investigation in respect of these activities but has made general recommendations relating

to the availability of CMSC payments for dispatchable loads in certain situations.

Demand and Supply Conditions
Total Ontario Demand was 138.28 TWh this period, @89 TWh (5.4 percent)

compared to the previous period.

There were sever al notable changes to Ontari
and April 2010. A combined heat and power (CHP) facility and a wind generating

facility became commerciallgperational and another combiregtle gasfired facility

began commissioning. These changes added 1,117 MW of installed capacity to the

Ontario system.
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Net exports decreased more than 2 TWh (18.5 percent) to 9.1 TWh during the 2009/10
reporting periodThis decrease in net exports was primarily due to a drop in exports (10.8

percent decline) rather than growth in imports (3 percent increase).

Exports (excluding linked wheel transactions) declined this period by 1.9 TWh (10.8
percent) to 15.5 TWh witthe majority of exports flowing through Michigan and New
York. Ontario went from being an annual net exporter of electricity to Quebec at 350
GWh in 2008/2009 to being an annual net importer of 1,877 GWh in 2009/2010; a year
to-year difference of 2,527 GWHRApproximately 1,500 GWh of imports flowed over the

new Outauouais tie with Quebec.

There were zero hours of import congestion on either the Michigan or NYISO interties
during the 2009/2010 reporting period, down from 15 and 63 hours respectively during

the previous reporting period. Congestion at all other interties significantly increased as
the volume of imports increased for all three interties. Hours of import congestion at the
Manitoba interface increased from 504 to 1219 hours, while the imporheadver that

intertie increased by 14.9 percent. The Minnesota intertie experienced the most hours of
import congestion at 2,523, up from 418 the previous period, while the total volume of
imports over the Minnesota intertie increased by 19.8 percenudltname of imports

over the Quebec intertie increased by 632.5 percent and was accompanied by an increase

of 255 hours that experienced import congestion.

In comparison to 2008/2009, the number of hours that experienced export congestion
dropped for allmtertie groups except Manitoba, which saw a slight increase. Michigan,
Minnesota, and NYISO all experienced drops in total volume of exports, and
corresponding drops in the number of export congested hours. Quebec experienced an
88.4 percent increase inetlvolume of exports to a total of 1,538 GWh, yet also saw a
decrease in export congested hours from 1,375 to 394 hours (71 percent drop). This can
be explained by the opening of n@utauouaisntertie transmission facilities.
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Market Prices, Uplifts and the Global Adjustment

The average Hourly Ontario Energy Price (HOEP) was $28.30/MWh in this period, a
reduction from $44.61/MWh (36.6 percent) from the past period. Seven of the eight

| owest monthly average HOEPOs s idwingghemar k et
latest annual period. One reason for the steep decline in HOEP was due to reduced

demand for electricity this year. Lower fuel prices also contributed to a lower HOEP this

year. Both natural gas and Central Appalachian (CAPP) coal pricesigmfieantly

lower this year (by approximately 45 percent each).

Although HOEP was down significantly relative to the previous period, the effective
HOEP, which includes the Global Adjustment, OPG Rebate and hourly uplift, actually
increased by 12 percefiom $59.76/MWh in 2008/2009 to $67.12/MWh in 2009/2010.
The combined Global Adjustment and OPG rebate portion of the charge exceeded the
HOEP portion for the period. This primarily reflects regulated and contractual price
guarantees for various souradgggeneration. The structure of generator cost guarantee
(GCG) program payments also continues to be a contributor to reduced HOEP and

increased Global Adjustment as described in a later section.

Market Outcomes
In pre-dispatch, exports set the patespach price 4 percent more often this period (up
from 20 to 24 percent this year), while imports remained constant at 26 percent and

generation decreased from 54 percent to 50 percent.

Coal units continue to be the most frequent price setter iineale\en after
experiencing a 15 percent share decline (from 60 percent to 45 percent) compared to the
previous period. Shares for hydro units and oil/gas units increased approximately equally

to make up for the coal reduction.

On average, there were net impements in both the average and absolute average
differences between orff®ur ahead and pidispatch prices over the last annual period.

This result is a consequence of many factors including:
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- The change by the IESO to the use of average demand for@cashframpup
hours in predispatch in mid December 2009

- Average error of selécheduling facilities has decreased over recent months after
some high differences were observed in many months between mid 2008 and late
2009

- Offset by increasing aggregatengiforecast error associated with increasing
wind capacity

- While the failure rate of export transactions (MW failed relative to MW
scheduled) increased from 4.12 percent last year to 5.99 percent this year, the

import failure rate fell from 7.27 percenstayear to 4.44 percent.

Average nodal prices in all 10 internal Ontario zones declined by approximately 50
percent in comparison to the previous annual period, consistent with reduced demand and
fuel prices. Of particular note, tlamnualaverage zonairice in the Northwest dropped
significantly from-$190.37/MWhin 2008/20090 -$404.08/MWhin 2009/2010

Reduced demand in the zone, abundant supply of verpimed water, as well as

abundant energy available from imports and congestion of expofatge continues to

lead to energy surpluses in the area and downward pressure on zonal prices.

Operating Reserve (OR) prices dropped by approximately 90 percent over the reporting
period as the amount of offered reserve increased with new fossil omitsgconline,

ending with 2year lows of $0.41/MWh for all types of ORSince October 2009, there

also appears to be a convergence of the 10S/10N prices (which are typically similar) and

the 30R price (which historically has been lower).

Wholesale elecicity consumption continued its downward trend since 2003. This
included a postarketopening monthly low of 1,688 GWh of wholesale consumption in
June 2009. Current period wholesale consumption levels are roughly 2/3 of the
consumption levels observed2003.
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In spite of reduced demand and increasing supply on the system, the average monthly
pre-dispatch (onénour ahead) supply cushion fell from 17.7 percent in 2008/2009 to 16.6
percent in 2009/2010. This was primarily associated with a drop imyscysghion in

off-peak periods. However, the total number of hours with aliggatch supply cushion

less than 10 percent dropped from 2,156 hours to 1,988 hours.

The average monthly reime supply cushion dropped from 20.7 percent to 18.8
percent. Inddition, the number of hours that experienced a supply cushion of 10 percent
or less increased from 1,087 hours to 1,368, meaning that 15.6 percent of all hours

experienced a supply cushion of 10 percent or less during the 2009/2010 reporting period.

After a noticeable increase in the forced outage rate for coal units between December
2008 and April 2009, the forced outage rate has declined and remained below 20 percent
from July 2009 onwards. In fact, the coal forced outage rate fell below 10 perdeunt i
months over the recent annual period, a threshold that had never been observed since
market opening. On the other hand, the nuclear forced outage rate appeared slightly
higher this period compared to previous annual periods. In May 2009, tharfocted
outage rate climbed above 30 percent for only the second month since market opening,
the other month being April 2005. Aside from May 2009, the nuclear forced outage rate
fluctuated between 12 and 24 percent for the remainder of the curret. p&he oil/gas
forced outage rate was the lowest of the three fuel types in most months in the current
period but it did reach a historical high of 17.3 percent in October 2009, surpassing the

previous record high of 16.8 percent set in June 2003.

Changes in Ontario HOEP were generally consistent with trends in other jurisdictional
prices. Only New England, and to an extent PJM, diverged considerably from the group
of Northeast interconnected markets. These two jurisdictions were almost always the
most expensive regions and saw prices soar above the other jurisdictional prices from
November to March Although the average annual HOEP was materially lower than all

other jurisdictions, there were threecasions when the monthly HOEP was higher than
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the average price in a neighbouring jurisdiction. Such instances occurred in August
(MISO), February (NYISO), and April (MISO).

Anomalous Events

There was one hour during the November 2009 through April 2010 review period where
the HOEP was greater thaBGR/MWh. Prices were reflective of tight supply/demand
conditions at the time.

There were 460 hours in which the HOEP was less than $20/MWh, including 26 hours
where the HOEP was negative. This represented a significant decline from the previous
Novemler - April period. Abundant baseload supply relative to total demand (1,470 MW
surplus on average during low price hours) was the most important factor leading to the
low priced hour outcomes over the latest winter period, followed by demand deviation
(237 MW), and finally failed net exports (180 MW).

On April 2, 2010, HE 7, the HOEP fell t8128.15/MWh, easily surpassing the previous
record low HOEP 0f$52.08/MWh set on June 7, 2009, HE 6. Factors contributing to
the low HOEP included redime demad that was lighter than projected in faispatch,

a large volume of export failures, and greater than anticipated generation from wind
facilities. However, the main factor which contributed to a new record low HOEP

resulted from a change in the offerastigy at a nuclear facility.

On November 23, 2009, daily CMSG@talled$1.17 million at the Michigan interface.
Approximately 80 percent of the CMSC paid was to a single market participant whose
export transactions at high bid prices that were destordelJM were cut over most

hours of the day to address potential4t@ak shortage issues in the OR market. This
resulted when the IESO pemptively curtailed exports after control action operating
reserve (CAOR) had been scheduled as a componentratiogereserve (OR) in real
time. Foll owing discussion with the MAU,

prevent a recurrence of this action.
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Matters to Report in the Ontario Electricity Marketplace
OPG NonPrescribed Assets

The pri ce c apeswied Bget@énsrationcexpired on May 1, 2009 and
these generating units became directly expos
observations to date suggest that OPG6s peak
responding to negative market prgignals by spilling water more frequently, which is a

directionally efficient market outcome (provided that spilling is feasible and not costly).
Hydroelectric Offer Strategies

The Panel 6s Monitoring of Offersiltymind Bi ds Do
market power being exercised by energy limited resources through economic withholding

or pricing up wil!/l be assessed by considerin
opportunity cost.

Between May 2009 and April 2010, hydroelectric resouset¢she MCP at a price above

$500/ MWh in 22 intervals. Al t hough these of
want to r un gignhlngstsategyeathersharaan gctual opportunity cost

analysis, the Panel does not view the negative impitsito the market from potential

pricing up to be material at this point due to the limited number of intervals where the

MCP was set by these resources.

Anomalous CMSC Paid to two Dispatchable Loads

Beginning in February 2010 two dispatchable loadifes began to receive extremely

high CMSC payments. Collectively these two facilities have a maximum dispatchable
capability of 190 MW, representing appr oxi ma
load capability.

Over the five month period from Bruary 2010 to June 2010 these two facilities received

over $18 million in net CMSC payments. The $18 million paid to these two
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dispatchable loads is in sharp contrast to the approximately $590,000 of net CMSC
payments made to all other dispatchable $aadOntario over the same period. Put

di fferently, these two facilities that repre
capacity received approximately 97 percent of CMSC payments made to all Ontario
dispatchable loads for the period Februaryune 2010. On an annualized basis, this

would be expected to translate into approximately $43 million in consumer uplift
charges, or an uplift charge of approximately $0.28/MWh based on annual market
demand of 155 TWh. The CMSC payments made to the ispatdthable loads again
highlight aspects of the two schedule system which do not contribute to market
efficiency. Three recommendations are made to address the specific concerns identified
in these situations aritle Panel believes their magnitude watsammediate action on

the part of the IESO.

Two Dispatch Sequence Structure in Ontario

In its last report the Panel urged the industry to reconsider the two schedule system of the
Ontario Market. Investigations over the current period reinforce thed®anelvi ew t hat t
frequency and magnitude of tvazhedule issues arising and the difficulty of effectively

addressing these inefficiencies strongly suggest that it is time to take a more fundamental

look at the Ontario market design.

Update on Changestohe | ESO6s Generation Cost Guarant e

I n previous Monitoring Reports the Panel has
referred to as the spare generation online (SGOL) andltegd commitment (DACP)

programs. On Decembel'92009 the IESO imoduced a rule amendment that was

intended to restrict eligibility under the program and to better align GCG participation

with economics. The P asnohthssfoperatoreirdisatee nt of t h
that this rule change does not appear to hanerated the distortive market effects of

the GCG program. Specifically, the continued use of-#fiefact cost submissions
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which represent approximate®t.8 percenb f par ti ci pati ng generator

appear to have led to inefficient disgfata depressed market clearing price, high uplift
charges and an inflated global adjustment. A recommendation has been made to address
this continuing market distortion.

Transmission Rights Market

Transmission Rights (TR) can be used by intertie traddnsdge the risks associated
with congestion at an external market interface and can potentially improve market
efficiency. They may also be purchased by parties that are not hedging physical

translations.

The IESO maintains a TR Clearing Account agsed with the TR Market. The IESO
Board of Directors is authorized to disburse funds from the TR Clearing Account at such
times it determines appropriate. This account includes the TR auction revenue,
congestion rent collected, and payouts to TR holdersvell other related items such as
interest earned, etc.).

The IESO Board has since 2004 set a threshold of $20 million for the TR Clearing
Account in order to offset possible congestion rent shortfalls. When the TR Clearing
Account exceeds the threstipthe IESO is instructed to increase the amount of TRs for
sale until the accumulated amount drops close to the threshold, or the TR amount for sale
at any interface reaches its expected maximum transfer capability, whichever comes first.
In simple termsin operating the TR market, the IESO has not been attempting to balance

congestion rent collected with the TR payout obligation.

The Panel has observed some fundamental design problems in the current TR market
operation. In particular, the marketissde gned as fAcl osedd, such
congestion rent and much of the TR auction revenue) are purposely distributed to TR
holders. This has led to very high rates of return to TR holders and left only a portion of
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TR auction revenue that can thstributed to customers or transmission owners, or that

could be used to build more transmission lines to relieve congestion.

On average, payouts to TR holders have been much higher than Auction Clearing Prices.
Simply put, TRs sell at a significant d@unt to the historic average payout on them.

While there is room for debate about the risk premium a TR investor might require, it is
hard to imagine that it would approach the premium implicit in the returns that have been

realized (the average, annuedurn to TR holders has been about 100 percent).

The Panel suggests the IESO reassess the design of the Ontario TR market to determine
whether it can play a more effective role in supporting efficient trade with neighbouring
jurisdictions Pending such eeview, the IESO should revise its operating practices to
adhere to the original planned design of balancing the TR payout with the congestion

rent.

Recommendations

The Panel has made six recommendations in the areas of Price Fidelity, Dispatch, and

Houry Uplift Payments.
Price Fidelity

The Panel regards price fidelity as being of fundamental importance to the efficient

operation of the market.

Recommendation 35 (Chapter 3, section 2.3)

The IESO should limit the number of transmission rights auatied to a level where
the congestion rent collected is approximately sufficient to cover the payouts to

transmission right holders.
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Recommendation 36 (Chapter 3, section 2.3)

The IESO should reassess the design of the Ontario Transmission Rights market
determine whether it can play a more effective role in supporting efficient trade with

neighbouring jurisdictions.
Dispatch

Efficient dispatch is one of the primary objectives to be achieved from the operation of a

wholesale market.

Recommendation 34 (Chapter 3, Section 2.2)

To the extent that the IESO believes a reliability program such as the generation cost
guarantee program continues to be warranted, the IESO should base the guarantee
payment on the offer submitted by the generator or should imp@at another solution
that would require actual generation costs to be taken into account at the time of

scheduling decisions.

Recommendation 32 (Chapter 3, Section 2.1)

The IESO should explore the feasibility of tightening its compliance deadband
defini t i on for di spatchable | oads by Ilinking tF

dispatchable capability and/or ramp rate.

Hourly Uplift Payments

The Panel examines hourly uplift payments both in respect of their contribution to the

effective HOEP andlso their impact on the efficient operation of the market.

PUBLIC Xi



Market Surveillance Panel Report Executive Summary
November2009i April 2010

Recommendation 31 (Chapter 3, section 2.1)

The IESO should immediately eliminate setiduced CMSC paid to dispatchable loads
resulting from either a voluntary change in consumption or a conspton deviation.

Recommendation 32 (Chapter 3, section 2.1)

The 1 ESO should expedite the i mplementation
recommendation that, for the purposes of calculating Congestion Management

Settlement Credit (CMSC) payments, the IESO slibrevise its constrained on

payment calculation using a replacement bid (such as $0/MWh) when a dispatchable

load bids at a negative price.
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Chapter 1: Market OutcomesMay 2009 to April 2010

1. Highlights of Market Indicators

This Chapter provides an overview of the results of the Ha&Dinistered markets over
the period May 1, 2009 to April 30, 2010.

1.1 Pricing

The average Hourly Ontarenergy Price (HOEP) was $28/80/Nh this period,

reprsenting a reduction in HOEP of 36.6 percen
$44.61/MWh.Seven of the eight | owe snarketropemitgh!| v aver
in May 2002 occurred durinthe latest annual periodhese months occurred primarily

in 2009 and ranged in price from $18.99/MWh to $28.22/MWh.

Although HOEP was down significantly since the previous period, the effétOEP,
whichincludesthe Global AdjustmenDPG Rebatand hourly uplift actually increase
from $59.76MWh in 20082009to $67.12MWh in 20092010, an increase of 12.3
percent. The comined Global Adjustment and OPGePRate portion of the per MW
charge actually exceeded the HOEP portion of the per MW charge for the period.

1.2 Demand

Total Ontario Demand was 138.28 TWh thisipg, down 7.89 TWh (5.4 percent)
compared to the previous periodll months saw a decline this period over last, except
February which saw a tiny increase. June and July experienced the largest proportional

drops of 10.6 and 13.9 percent respectively.
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Exports (excluding linked wheel transactindeclined this period by 1.9 TWh (10.8
percent) to 15.5 TWh with the majority of exports flowing through Michigan and New
York.

1.3 Supply

There were sever al not abl e chaeegMay200% Ont ar i
and April 2010. A combined heat and power (CHP) facility and a wind generating

facility became commercially operational and another combayetk gasfired facility

began commissioning. These changes added 1,117 MW of installed captuity to

Ontario system. In addition, the status of another CHP facility changed frem self

scheduler to dispatchable.

1.4 Imports and Exports

Net exports decreased more than 2 TWh (18.5 percent) to 9.1 TWh during thH202009/
reporting period.Declines in oppeak exports accounted for 82 percent of the absolute
drop in exports, with ofpeak reductions making up the remaindEis decrease in net
exports was primarily due to a drop in exports (10.8 percent decline) rather than growth

in imports (3 percent inease).

2. Pricing

2.1 Ontario Energy Price

Table }1 presents the monthly average HOEP for May to April 2008/2009 and
2009/2010. The average HOEP for the May 2009 to April 2010 period was
$28.30/MWh, down from $44.61/MWh (37 percent) compared to one ye@mre&bth

! A linked wheel transaction occurs when an ingeitader simultaneously imports electricity into Ontario
and exports the same quantity out of Ontario.
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on and offpeak average HOEP fell this year, although the percentage change decline was
higher during the opeak hours (40 percent reduction ineak HOEP compared to a
32 percenhreduction in offpeak HOEP).

With the exception of April 201,Ghe average HOEP was lower in all months with the
most significant yeaoveryear changes occurring in the summer months of June, July,
and September 2009. In April 2010, the HOEP was 68 percent higher than the previous
April average. The percentageigaase waprimarily indicative of a transmission

constraint thahadlimited export volumes at the New Yof&nd indirectly the Michigan
interface for much of April 2009.

One reason for the steep decline in HOEP was due to reduced demand for elgutricity
year relative to one year ago as shown in Tail8 below. Factors affecting supply
such as lower fuel pricealso contributed to a lower HOEP this year. Both natural gas
andCentral AppalachianGAPP coal prices were approximately 45 percenter this
yearrelative to the previous annual period.

Table 1-1: Average HOEP, Onpeak and Offpeak,
Mayi April 2008/2009 & 2009/2010

($/MWh)
Average HOEP Average OnPeak HOEP | Average Off-Peak HOEP
2008/ | 2009/ % 2008/ | 2009/ % 2008/ | 2009/ %
2009| 2010| Change 2009| 2010 | Change 2009| 2010| Change
May 3456 | 27.77 | (19.6) 47.12 | 35.35 | (25.0) 2421 | 22.04 | (9.0)
June 57.44 | 22.84 | (60.2) 76.57 | 30.58 | (60.1) 42.13 | 15.43 | (63.4)
July 56.58 | 18.99 | (66.4) 82.78 | 24.19 | (70.8) 35.00 | 14.31 | (59.1)
August 46.57 | 26.07 | (44.0) 60.63 | 34.92 | (42.4) 35.96 | 19.40 | (46.1)
September | 49.09 | 20.76 | (57.7) 58.58 | 27.62 | (52.9) 40.78 | 14.75 | (63.8)
October 45.27 | 29.22 | (35.5) 55.87 | 34.92 | (37.5) 35.75 | 24.53 | (31.4)
November | 51.78 | 26.54 | (48.7) 59.98 | 32.66 | (45.5) 4522 | 21.18 | (53.2)
December | 46.34 | 35.05 | (24.4) 57.67 | 39.62 | (31.3) 37.02 | 31.28 | (15.5)
January 53.22| 37.40 (29.7)| 62.32| 40.93 (34.3)| 45.73| 34.73 (24.1)
February 47.24| 35.90 (24.0)| 57.78| 39.95 (30.9)| 38.53| 32.56 (15.5)
March 28.88| 28.22 (2.3)| 36.65| 30.89 (15.7)| 21.90| 25.62 17.0
April 18.40| 30.83 67.6| 28.62| 37.57 31.3] 10.22| 25.43 148.8
Average 4461 | 28.30 | (36.6) 57.05 | 34.10 | (40.2) 34.37 | 23.44 | (31.8)
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Figure 11 presents the frequency distributions of HOEP over the last two years. During
the May 2008 to April 2009 period, the HOEP mostjfrently fell into the $4&0/MWh

price rang€25 percent of all houys In the latest annual period, the HOEP was most
frequently in the $3@0/MWh price categoryapproximately 38 percent of all hoyrs

while the frequency of HOEP in the $80/MWh droppé (less than 10 percenf all

hours) There was also a large increase in the number of observations in the $20
30/MWh range. Declining fossil fuel prices this year contributed to this change. Finally,
there were feer negatveH OE P 6 s, t h ¢ feom 24& hours last yadr tb 147

hours this year.

Figure 1-1: FrequencyDistribution of HOEP,
Mayi April 2008/2009 & 2009/2010
(% of total hours in $10/MWh price ranges)
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2.1.1 Loadweighted HOEP

Table 12 reports the loatveighted HOEP by load type fdre¢ 2008/2009 and

2009/2010 periods. Loadeighted HOEP provides a more accurate representation of the
actual price paid by loads since it is weighted by hourly demand. Similar to the
unweighted HOEP, there were significant declines in theVegighted HDEP for all

load types in 2009/2010. Relative to the same period one year agwdagded HOEP

for the all loads categoeclined by $17.95/MWhbr 37.7 percent

As expected, the average leagighted HOEP was lowest for the dispatchable load
categoy at $27.95/MWh ($1.77/MWobr 6.0 percenless than load weighted HOES

all loads overa)l To the extent possible, these resources attempt to avoid higher price
periods by reducing loaduring highetprice periods andf shifting consumption to
lower-price periods.Other wholesale loads also make some attempt to do so and paid an
average loadveighted HOEP of $28.35/MWh ($1.37/MWh or 4.6 percent less than for

all loads overall). Finally, LDC loadavhich represents the least price responsive
componenbf load but most significant in magnitug®id an average loadeighted

HOEP of $29.90/MWh ($0.18/MWh or 0.6 percent more than for all loads overall).

Table 1-2: Load-Weighted Average HOEPby Load Category
Mayi April 2008/2009 & 2009/2010

($/MWh)
Unweighted _Load-weighted HOEP
HOEP LDC Dispatchable | Other Wholesale Al Loads
Year Load Loads
2008/2009 44.61 48.06 43.03 45.26 47.67
2009/2010 28.30 29.90 27.95 28.35 29.72
Difference (16.31) (18.16) (15.08) (16.92) (17.95)
% Change (36.6) (37.8) (35.0 (37.4) (37.7)

2 Unadjusted like the unweighted HOEP, the loagkighted HOEP does not include the impact of the
Global Adjustment or the OPG Rebate.
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2.1.2 Impact of the Global Adjustmef®@PG Rebateand Hourly Uplifton the Effective
HOEP

Figure %2 plots the monthly average HOEP and effective HOEP between April 2005 and
April 2010 as well as payments made through the Global Adjusti@&jtand theOPG
Rebate® Hourly uplift payments are also included in the effective HOEP as they
represent another payment from consumers to gengrattartie traders and to

dispatchable loadS The GA tends to moderate the effective HOEP by lowgrin
(increasing) the net payments to generators when the average HOEP is high (low) during
a month. From January 2006 to April 2009, the effective HO&Ruding hourly uplift)
generally remained between $50/MWh and $60/MWh with eiypccurrences where

the effective HOEP climbed above $60/MWhhe effectiveHOEPhas consistently

remained above $60/MWh since May 2G0f exceeded $70/MWh in October 2009

The Global Adjustment has been increasing since the beginning of 2Gagsor
reasonskFirst, for most priceguaranteed generation procured into the system by the
Ontario Power Authority, the gap between the HOEP and the guaranteed contract price
becomes a component of the Global Adjustmélittesubstantial decline in average

HOEP beginning March 20G8iggeredsubstantial increases @lobal Adjustment
payments.Second, more contracted energy has come online and in certain situations
contract prices have increasethird,thest r uct ur e of the | ESOO&6s
contributed to lower HOEP, which turn has increased the Global Adjustmenter the

last 12 months, Global Adjustment on average has been larger than the average HOEP
with the exception of three mont{Becember 2009 to February 20%hich are the only
three months where the averag@EP was higher than $35/MWh since February 2009

GCC

®The OPGRebater ovi ded regul ated c omp e n-<rastribesiassesr ltveas ge ment s

discontinued in April 2009.

* In previous Panel Reports, the Effective HOEP did not incorporate the hourly uplift component. Hourly
uplifts are discussed in Section ®&low.

® Dispatchable loads pay hourly uplift based on consumption, but unlike other loads can also earn hourly
uplift payments, including CMSC and operating reserve payments.
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Global Adjustment reached a peak of $41.72/MWh in July 2009 with an average HOEP
of $18.99/MWh in the month.

Figure 1-2: Monthly Average Effective HOEP Adjusted for OPG Rebate, Global
Adjustment, andHourly Uplift
April 20057 April 2010

($/MWh)
100
—+— Average HOEP —4— Global Adjustment
—=—Effective HOEP (incl. Hourly Uplift) OPG Rebate
Hourly Uplift
80
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*Note T OPG Rebate was discontinued after April 2009

Table 13 reports the average HOEP relative to thedeadjhted HOEP with and

without the Global Adjustmen©PG Rebateand hourly uplifiover the lastwo May to

April periods. The combination of the OPG Rebate and Global Adjustment component
increased this year by $25.71/MWh (276 percemt)e hourly uplift component fell by

14 percent, fron$2.78/MWh last year to $2.39/MWh this yeaklthoughthe lbad

weighted HOEP fell by $17.95/MWh this period, the offsetting effect ofrttrease to

the Global Adjustmentomponented to anetincrease in the effective loaseighted

HOEP of $736/MWh, or 12 percent.
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Table 1-3: Impact of Adjustments and Uplifts on HOEP,
Mayi April 2008/2009 & 2009/2010

($/MWh)
Load- Global Effective
Year Average Weighted Adjustment Hou'rly L(_)ad-
HOEP HOEP and OPG Uplift Weighted
Rebate HOEP
2008/2009 44.61 47.67 9.31 2.78 59.76
2009/2010 28.30 29.72 35.01 2.39 67.12
Difference ($) (16.31) (17.95) 25.71 (0.39) 7.36
% Change (36.6) (37.7) 276.2 (13.9) 12.3

2.2 Hourly Uplift and Components

Table }4 reports the monthly total hourly uplift chagfer the last two reporting
periods. Total hourly uplift charges dropped fr$405.5 milion in 2008/2009 to $329.6
million in 2009/2010Qa reduction ol9 percent. Payments fordsses dropped
considerablyOperating ReserveOR) paymentsand CMSCpaymentdell only slightly,

andIntertie Offer Guaranted@G) payments remained relativelyabte.

Table 1-4: Monthly Total Hourly Uplift Charge by Component and Month,
Mayi April 2008/2009 & 2009/2010
(% millions and %)

Total H_ourly 10G CMSC Losses Operating
Uplift Reserve

2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008 | 2009/ | 2008/ | 2009/
2009| 2010| 2009| 2010j 2009| 2010 2009| 2010| 2009| 2010

May 28.4 45.6 1.6 1.0 11.3 25.0 10.4 8.8 51 10.8
June 60.4 37.4 3.5 15 34.7 21.4 175 7.6 4.7 7.0
July 46.3 36.5 2.0 5.7 18.8 18.0 19.5 5.7 6.1 7.1

August 35.1 28.5 1.0 14 16.3 12.2 15.1 8.4 2.7 6.5

September | 32.5 20.0 1.7 2.4 16.1 11.0 13.9 3.7 0.9 3.0

October 30.1 21.0 15 2.0 14.5 10.3 9.9 7.5 4.2 1.2

November | 33.8 25.0 2.3 0.5 15.5 14.7 11.9 6.7 4.1 3.1

December | 26.2 24.9 14 11 6.3 10.4 16.0 10.3 2.5 3.1

January 32.5 26.0 1.3 0.9 9.8 11.6 15.2 10.1 6.2 3.4
February 20.1 22.7 1.0 0.5 7.9 10.6 13.3 9.2 6.8 2.4
March 23.9 23.7 0.8 0.9 10.4 12.5 8.4 7.5 4.2 2.8
April 27.1 18.4 0.3 0.7 13.1 10.5 6.0 6.9 7.6 0.3
Total 405.5 | 329.6 | 184 186 | 174.8 | 168.2 | 1571 | 924 55.2 50.5

% of Total | 100.0 | 100.0 4.5 5.6 43.1 51.0 38.7 28.0 13.6 15.3

® A positive value represents a payment from consumers to generators.
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e |OG Payment$ Annual IOG Payments stayed relatively constant over the last
two annual reporting periogsnly increasing $0.2 million. The 2009/2010
monthly high occurred in July 2009 and saw payments of $5.7 millionga $2
million (62.9 percent) increase over the 2008/2009 high of $3.5 million reached in
June 2008. I0G payments tend to be larger in months whetigpatch to real
time price differences are highest. As shown later in Talil@, the average
difference letween the orrour ahead prdispatch and redlme price in July
2009 was almost 9 percent, which is higher than any other month in the current
and previous annual periods.

e Lossed Total payments for losses declined dramatically by $64.7 million (41
percent) this period over lasthis decrease occurred consistently across all
months with the exception of April 201@here payment increased by $0.9
million (15 percentyelative to April 2009 The decline in payments is consistent
with the reductionn HOEP that occurred in almost every month (as seen in Table
1-1) because payments to generators for losses are directly related to the price of
energy as well as the quantity of losses incurred.

e CMSC Payments CMSC payments decreased $6.6 million (4cpat) but
showed much less volatility month to month tlamingthe previous periodThe
maximum monthly payment of $25.0 million occurred in May 2009 and the
minimum monthly payment of $10.3 million occurred in October 2009. As a
percentage of total lifi payments, CMSC increased from 43.1 percent to 51.0
percentdriven by thdarge declines in losses.

e Operating Reserve Paymeiit&\nnual OR payments fell $4.7 million (9 percent)
from $55.2 million in 2008/2009 to $50.5 million in 2009/20 X1l months from
May to September 2009 saw increases in total OR payments when compared to
payments made the same month of the previous year. Conversely, all subsequent
months (with the exception of December 2009) saw drops in total OR payments
made over the sameamith in the previous year. This is consistent with the
decline in OR prices observed after October 2009 relative to the same months one

year earlier, as reported in Tableglland 122 below.
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Figure 13 plots hourly uplift charges in millions of dolaand in $/MWh between
January 2003 and April 2010. From May 2009 to April 2010 both total uplift and uplift

$/MWh have deviated from their relative leteym stability. After an early summer
2009 spike, total uplift and uplift $/MWh declined steadilyi8.4 million total uplift
and $176/MWh of uplift in April 2010 representing the lowest values observed since the

fall of 2006

Figure 1-3: Total Hourly Market Uplift and Average Hourly Market Uplift,

January 2003 April 2010
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Over the latest twelvenonth period, there has been a noticeable difference Htimeal

price-setting shares across fuel type categories. Specificallyfioedlunits set the price

significantly less often than one year ago, which wasbflfg increases in sharer
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hydro and gas unitsPredispatch price setting was relatively stable, with a small

increase in the share set by exports offsetting a decline in the share set by generation.

2.3.1 Reattime Price Setters

Table 15 presents the mainly average share of reane MCP set by resource type for
the 2008/2009 and 2009/2010 periédhe table shows that the average share by
resource type shéd significantlyfrom coal to hydro andasunits. However, oal units
continue to be the moBequent price setter in reaime during the 2009/2010 period

even after experiencing a 15 percenaredecline (from 60 percent to 45 percent)
compared to the previous period. Shares for hydro unitgasuhits bothincreasedn

the current periodyb7 percent and 8 percent to 31 percent and 23 perespectively.
Nuclear units set the reaime MCP 1 percent of all intervals this year which is
unchanged relative to the previous May to April period. The shift in the average share
from coal unitdo hydroandgasunits isconsistent with an annual decline in coal

productionalong with thegrowing capacity of gafired units over the last two yedts.

Table 1-5: Average Share of Realime MCP set by Resource Type,
Mayi April 2008/2009 & 2009/2010
(% of Intervals)

2008/2009 2009/2010 | Difference
Coal 60 45 (15)
Hydro 24 31 7
Gas 15 23 8
Nuclear 1 1 0
Total 100 100 0

Tables 16 to 1-8 report the monthly share of retaine MCP set by resource type for the
last two twelvemonth periods for allntervals, orpeak, and ofpeak intervals

respectively. Table-6i ndi cates that coatlimeMCPRvhsar e of

" Dispatdable loads are also able to set the-tieaé MCP but are removed from Tabled 1o 1.7 since

they do so infrequently. For example, between May 2009 and April 2010, dispatchable loads set the real
time MCP in 0.05 percent of all intervals.

8 Coal prodution totalled 9.4 TWh between May 2009 and April 2010, a decline of 9.8 TWh (51 percent)
compared to the same period one year earlier.
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considerably lowr betweerMay andNovember of the current period but returned to

more historic level$or the remainder of theurrent reporting periodHowever, the

increase in the share during the winter months did not offset the decline during the other
months in the beginning of the 2009/2010 period and thus the average share for coal

decreased by 15 percent.

Hydro units et the MCP much more frequently this yesspeciallybetween June and
November 2009 Gasunits set the MCP more often in most months during the
2009/2010 period with the exception of July and January (2 percent and 11 percent
lower). Nuclear units avega share was relatively unchanged yeagryear and mainly

during offpeak hours only.

Table 1-6: Monthly Share of ReatTime MCP set by Resource Type,
Mayi April 2008/2009 & 2009/2010
(% of Intervals)

Coal Gas Hydro Nuclear
2008/ 2009/ 2008/ 2009/ 2008/ 2009/ 2008/ | 2009/

2009 2010 2009 2010 2009 2010 2009 2010
May 67 47 3 22 31 30 0 1
June 60 35 16 16 24 45 0 3
July 56 26 18 16 26 57 0 1
August 64 35 9 27 26 37 0 1
September | 59 32 13 27 28 39 0 2
October 67 39 9 27 24 34 0 1
November | 59 38 24 30 17 31 0 1
December | 60 61 19 23 20 16 1 0
January 61 70 26 15 13 14 0 0
February 69 66 19 23 12 11 0 0
March 63 52 8 20 26 28 3 0
April 35 37 13 32 41 32 11 0
Average 60 45 15 23 24 31 1 1

During the orpeak intervals, TableZs h o ws t Ishare declined froin$7 percent

to 46 percent overall, with the largest monthly decrease occurring in May (36 percent)

and August 2009 (26 per cenpgedkandoffealahbubss s har e
but the effect was greater during the-p#ak hairs (19 percent decline gffieak

compared to 11 percent-@eak)as shown in Table-8& As previously noted, the

monthly average shares for both hydro units gaslinits increased in 2009/2010. The
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increase for hydro units appears to hamby occurredduring offpeak hours onlyhile

in the case ofjasunits, the share increased during botkpeak and ofpeak hours.

Table 1-7: Monthly Share of ReatTime MCP set by Resource Type, OPeak,
Mayi April 2008/2009 & 2009/2010
(% of Intervals)

Coal Gas Hydro Nuclear
2008/ 2009/ 2008/ 2009/ 2008/ 2009/ 2008/ | 2009/

2009 2010 2009 2010 2009 2010 2009 2010
May 82 46 5 39 13 16 0 0
June 54 48 28 26 19 25 0 1
July 51 38 34 27 15 35 0 0
August 68 42 17 44 15 13 0 0
September | 55 44 22 40 23 15 0 0
October 67 45 17 43 16 12 0 0
November | 47 47 41 41 12 12 0 0
December | 44 47 37 43 19 10 0 0
January 44 56 46 30 10 14 0 0
February 56 49 33 42 11 9 0 0
March 67 49 14 33 19 18 0 0
April 44 36 23 49 32 14 1 0
Average 57 46 26 38 17 16 0 0

Table 1-8: Monthly Share of ReatTime MCP set by Resource Type, OfPeak,
Mayi April 2008/2009 & 2009/2010
(% of Intervals)

Coal Gas Hydro Nuclear
2008/ 2009/ 2008/ 2009/ 2008/ 2009/ 2008/ | 2009/

2009 2010 2009 2010 2009 2010 2009 2010
May 54 a7 1 10 45 41 0 1
June 65 23 7 7 28 64 0 5
July 61 15 4 7 35 77 0 1
August 61 30 4 14 35 55 0 1
September | 63 22 5 15 32 60 0 4
October 67 34 2 13 32 51 0 1
November | 69 29 10 20 21 49 0 2
December | 73 71 5 8 21 21 1 0
January 75 81 10 4 15 15 0 0
February 79 80 7 7 14 13 0 0
March 59 54 3 7 32 38 6 0
April 28 37 5 18 48 45 19 1
Average 63 44 5 11 30 44 2 1

PUBLIC



Market Surveillance Panel Report Chapter 1
November2009i April 2010

2.3.2 Pre-dispatch Price Setters

Table 19 presents the percentage of hours that thehone ahead prdispatch price was
set by resource type on a monthly basis for20@8/2009 and 2009/2010 peridds.
Overall, there was no change for imports setting thelggatch price this period
although there were som@nor monthly fluctuations Exportssetthe predispatch price
4 percent more often this period (up from @@# percent this year), which offset the 4

percent decline by generators (down from 54 to 50 percent this year).

Table 1-9: Monthly Share of Final Pre-dispatch Price set by Resource Type,
Mayi April 2008/2009 & 2009/2010
(% of Hours)

Imports Exports Generation
2008/ 2009/ 2008/ 2009/ 2008/ 2009/
2009 2010 2009 2010 2009 2010
May 27 27 19 25 54 47
June 29 27 16 32 55 41
July 29 33 18 24 53 43
August 21 29 18 21 61 51
September | 34 30 20 25 46 45
October 32 24 21 31 47 45
November | 36 12 21 32 43 56
December | 24 18 25 28 52 54
January 24 25 23 19 53 56
February 27 36 20 10 53 54
March 14 33 17 20 69 48
April 11 22 22 18 67 61
Average 26 26 20 24 54 50

2.4 OneHour Ahead Pralispatch Prices and HOEP

Production and consumption decisions are impilavbeen market participants can rely
on accurate prdispatch price projections. Therefore, the differences betweehoume
ahead pralispatch price and HOEP is an important statistic to monAaoundpre-

dispatch price signal can translate into4tegak dispatch efficiencies.

° The table excludes the very small (on the order of 0.1 percent) contribution from Dispatchable Loads.
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2.4.1 Onehour Ahead Pralispatch Price

Table 210 presents the differences between thelomér ahead prdispatch price and
the HOEP for May to April 2008/2009 and 2009/2010. On average, there were
improvements in both the averaged absolute average differences over the last two
periods. The average difference decreased from $4.01/MWh to $3.23(b/Bh
percentwhile the absolute average difference decreased from $10.44/MWh to
$6.41/MWh(38.6 percent}® In fact, the absolutevarage difference fell in all months
this year compared to the same monthes year earlier.

Similar patterns are not observed whendtiierences ar@resented as a percentage of

HOEP. As mentioned in the previous section, the average Hi@&Rllen damatically
over the current period and thus, the average differesivecen pralispatch and real

time pricesexpressed as a percentage of average HOEP appears higher. The overall
average difference as a percentage of HOEP increased from 9.7 per@atgertent in

the recent period with the largest monthly increases occurring in July and September

2009 (37.8 percent and 18.4 percent higher). Not surprisingly, the average HOEP was

lowest during these two months as shown in Takleabove.

°The positive dthmetic averages indicate that miispatch prices are generally higher than-tieaé
prices, with the averages in each month relative to the corresponding month last period.
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Table 1-10 Measures of Differences between Ordour Ahead
Pre-Dispatch Prices and HOEP,
Mayi April 2008/2009 & 2009/2010

($/MWh)
Average
Average Hligellie Maximum Minimum Standard briErenge g
Difference Average Difference Difference Deviation £ O
Difference Average
HOEP"
2008/ | 2009/ | 2008/ | 2009/ | 2008/ 2009/ | 2008/ 2009/ 2008/ | 2009/ | 2008/ | 2009/
2009| 2010 2009| 2010 2009 2010 2009 2010 2009| 2010 2009| 2010
May 486 | 3.57 |9.33 7.49 63.30 44,58 | (45.40) (121.33) | 13.02 | 11.46 | 14.1 12.9
June 8.60 |5.73 | 14.97 |8.74 115.21 41.01 | (217.42) | (54.84) | 22.60 | 11.19 | 15.0 |25.1
July 5.21 |8.92 | 11.66 | 10.79 | 61.08 82.47 | (155.88) | (46.66) | 17.67 | 11.84 | 9.2 47.0
August 123 |1.80 | 1054 |8.01 36.54 86.94 | (330.15) | (326.31) | 22.67 | 22.54 | 2.6 6.9
September | 1.88 | 4.60 | 11.33 | 6.11 334.24 36.80 | (337.64) | (37.34) | 27.03 | 8.08 3.8 22.2
October 2.88 |359 |9.12 7.88 38.77 48.79 | (234.55) | (247.31) | 18.14 | 16.82 | 6.4 12.3
November | 4.81 | 3.30 | 8.99 6.31 42.90 38.21 | (67.71) (141.34) | 11.81 | 12.01 | 9.3 12.4
December | 3.08 | 2.71 | 9.92 4.66 83.79 81.04 | (177.65) | (41.62) | 1812 | 7.76 6.6 7.7
January 7.42| 0.26| 12.44| 4.63| 1,925.02| 35.85| (379.76)| (455.14)| 73.97| 18.18| 13.9 0.7
February 0.18| 0.93| 11.29 2.83 60.23| 42.73| (1,846.87)| (59.24)| 81.92 5.20 0.4 2.6
March 435| 2.48 7.87 4.05 66.62| 31.87| (125.82)| (30.98)| 13.35 5.59 15.1 8.8
April 3.66| 0.87 7.82 5.39 57.88| 160.9 (80.80)| (139.98)| 11.89| 12.69| 19.9 2.8
Average 401 | 323 | 1044 | 6.41 240.47 | 60.93 | (333.30) | (141.84) | 27.68 | 11.95 9.7 134

2.4.2 Reasons for Differences

To date, the Panel has identified four main factors that lead tepl&wies between pre
dispatch and redalme prices"?
o Predispatch to realime demand forecasteviations

o Performance of sedchedulers and intermittent (primarily wind) generators;

M n previous MSP Reports, the average difference as a percentage of H@fiesstaund in the last

column of Tables-B and 110 was calculated hourly and then averaged over the month. However, given
the high frequency of HOEP around $0/MWh (and sometimes a HOEP equal to $0/MWh leading to an
undefined result), the statistic svheing driven up (or down) by some very large outliers. To minimize this
outlier effect, the calculation has been revised as the average price difference as a percentage of the average
HOEP in each month (denominator being the monthly average HOEPegpoftable 11). Results from

the 2007/2008 winter period have also been adjusted.

2 predispatch and redlme scheduling also differ in the magnitude of control action operating reserve
(CAOR) incorporated, although this tends primarily to affect afeyg reserve price differences, with an
indirect and smaller influence on energy prices. Up to September 2008 there were 400 MW of CAOR
available in predispatch and 800 MW in reéilme. Subsequently, the 400 MW in giispatch was

dropped. SeetheRae | 6 s January 2009 N®Bnitoring Report, pp.
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o Failure of scheduled imports and exports; and

e Frequency that imports (exports) set the preispatch price.

Table 111 presents the average and absolute average differences for each of the first

three factors listed above for the past twetventh period> Monthly averages and

absolute averages provide some indicatiotoaghich of the factors are most important

in leading to discrepancies between-gigpatch and realme prices. However, any one

of these factors can lead to significant price discrepancies in a given hour.

Table 1-11: Average and Absolute Average Hody Differencesby Discrepancy

Factor,
May 2009 April 2010
(MW)
Average | Absolute Average Average Absolute Average
Discrepancy Factor Difference Difference Differenceas % of | Differenceas % of
(MW) (MW) Ontario Demand* | Ontario Demand*
PD to Realtime Average
Demand Forecast Deviation 186 254 1.2 1.6
PD to Reattime Demand 14 161 0.1 1.0
Forecast Error
SelftScheduling and
Intermittent Deviation 31 80 02 0.5
Net Export Failures 84 119 0.5 0.8

*Average hourly Ontario Demandenominatorfor the twehe month period was 15,703 MW

Overall, the largest absolute averalifferencesesult from demand forecast

discrepanciesThe predispatch to realime average demand difference was 186 MW

(1.2 percent of Ontario Demand), on average, over the latesbith period and the

absolute average difference was 254 MW (1.6 percent of Ontario Demand). In the case

of pre-dispatch to realime demand forecast error, theeragaifference wad4 MW

(0.1 percent of Ontario Demand) whilee absolute averaghfferencewas 161 MW(1

percent of Ontario DemandAverage and absolute average net export failures were

13 The summary table does not report the frequency that imports (or exports) setdfspateh price since
the metric to measure the frequency (percentage of hours) does not necessarily transtatointy a
guantity (MW) statistic like the three other factors that lead to discrepancies betwabspateh and real

time prices.
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second highest in magnitude at 84 MW5 percent of Ontario Demanaijd 119 MW
(0.8 percent of Ontario Demandgspectivelyfollowed by selfschedulingand

intermittentdeviation

2.4.2.1 DemandDiscrepancies

In a move to help reduce Surplus Baseload Generation (SBG) events and improve
dispatch efficiencies, the IESO switched to using average demand forecast for non ramp
up hours in pralispatch in mid Decemb@009'* The previoupracticegenerated a
forecasthat targetdpeak interval demanid an houy meaning many intervals during the
hour had actual demand levels well below the forecast peak. This placed downward
pressure on redime pricesrelative tothe predispatch projectionsWith the exception

of some morning and eveningmpinghours, the new method (average demand
forecasting) targets the average demand during thatamoluses the forecast to schedule
resources in prdispatch™ This changés consistent with historical issues raised by the
Panel about the use of peak demand forecasts dating back to its inaugural report in
20021

Although the time horizon subsequent to thegispatch demand forecast change is
limited, there is evidence dhdemand discrepancy and demand forecast errors have been
reduced. This section reports on two aspects of demand forecast discrepancy that can
contribute to differences in piispatch and redlme prices. The first compares average
differences betweethe predispatch forecast and average ftale demand and

represents demaridrecastdeviation. The second compares thedispatch forecast

with the targeted redime demand value andpresents IESO demand forecast error

“The announcement, dated November 19, 2009, is available on the IESO website at:
http://www.ieso.ca/imoweb/news/newsltem.asp?newsltemID=4973

15 As of December 15, 2008yerage demands are used to forecastiraal demand in all hours, with the

exception of HE @ betweerfebruary and Octoband HE 69 and HE 1718 betweerNovember and

Januarywhere peak demands are used.

®The use of a peak demand forecast ingpies pat ch was first identified as an
2002 Monitoring Report, pp. 894. The MSP identified the use of peak dathas a problem for two

reasons; it leads to inaccurate price signals and can contribute to dispatch inefficiencies.
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Pre-dispatch to Realime Average Demand Forecd3eviation

The difference between the piespatchdemandorecast and redalme average demand
can lead taliscrepancies betwegme-dispatchandreattime prices. As mentioned

above, there was a change in the forecast usethéulgle resources in pdespatch in

mid December 2009. Specifically the IESO now uses the average demand forecast in
pre-dispatch for all hours, with the exception of traditional morning rampnd evening
rampdown hours.The move from peak demand éoast to average demand forecast in

pre-dispatch would be expected to reddesnand forecast deviations.

Table 112 presents the thrd®wur ahead and offeour ahead prdispatch to realime
average demarfdrecasteviation by month between May 2008 aputil 2010
Improvements in average monthly demand deviation are apparent in both tHedtree
ahead and ornkour ahead metrics. The thykeeur ahead measure fell 0.16 percent, from
2.04 percent last year to 1.88 percent this year while théamedead measure fell by
0.18 percent, from 1.84 percent last year to 1.66 percere iatést May to April period.

" predispatch forecast to reime average demand discrepancy is calculated as the absolute value of pre
dispatch minus redlme averagelemand divided by redgime average demand
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Table 1-12: Pre-dispatchto Realtime Average DemandForecast Deviation
Mayi April 2008/2009 & 2009/2010
(% of Real-time Average Demand)

Three-Hour Ahead One-Hour Ahead
2008/ 2009/ 2008/ 2009/
2009 2010 2009 2010
May 1.78 2.03 1.65 1.85
June 2.33 2.09 2.08 1.93
July 2.27 2.33 1.96 2.04
August 1.97 2.38 1.85 2.09
September| 1.74 2.06 1.68 1.89
October 1.88 1.83 1.77 1.68
November | 1.96 2.15 1.85 2.04
December | 2.22 1.98 1.98 1.69
January 2.20 1.50 1.94 1.22
February 1.92 1.28 1.74 1.06
March 2.11 1.44 1.81 1.15
April 2.07 1.51 1.81 1.24
Average 2.04 1.88 1.84 1.66

There was a noticeable decline in both the thear ahead andne-hour ahead demand

deviation measures after December 2009. The decline coincides with the implementation

of average demand forecasting in-gigpatch and consequently the calculation of the

pre-dispatch price projection. Prior to December 2009, tlehonir ahead average

demand forecast deviatiorever fell below 1.65 percent imagiven month over the last

two years with the exception of May 2008However, between January and April 2010,

the onehour ahead averagimand forecast deviatiorever exeeded 1.24 percent

(April 2010) and reached a low of 1.06 percent in February 2010. -hlorgeahead

monthly demandorecastdeviations exhibited a similar patteshimprovement

Pre-dispatch to Realime Demandrorecast Error

As mentioned above, tHESO implemented a change in December 2009 to using

average demand forecasts (for most hours of the day) to generdisgateh schedules

and

prices.

| n

previous

reports,

t h-e

dispatch forecast relative the reatime demand outcome it was intended to target.

Prior to December 2009, this was referred to as the-{gep&ak demand forecast error

since a forecast of peak demand was used Haigpatch scheduling. This metin@as
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adjusted s of Decembe 16,2009t o compar e t he | Etth®dveragé or ec as't
demand for all applicable hours when average demand is useddispaéch. This
measurement provides some i ndspachdemancht o how c
forecasts come to meetitige expected demand target in fitade. Large differences can

lead to discrepancies in pdispatch and redlme prices.

Table 213 reports the ondour and thredour ahead mean absolute demand forecast
erroison a monthly basis for tH2008/2009and2009/201Qeporting periods. This
switch toaverage demand in poispatchhascoincided withforecast accuracy
improvements for both oAeour and threédour ahead demand forecasts since its
implementation in December 200Predispatch to realime demad forecast errors in
all 2010 months werkelow the yearly average, setting a two year low for thehoue
and threehour aheadneasurements February 2010Prior to December 2009nost
months in the current reporting period had foreeastrshigherthan thosebserved in
thesame monthone year earlierOn an annual basidemandorecasterrorsdropped
0.05percent for both the oAsour and thredour ahead measuremenisth most of the

improvement realized in the final four months of the period
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Table 1-13: Pre-dispatch to Reattime Demand Forecast Error;
Mayi April 2008/2009 & 2009/2010
(% of Real-time Demand)

Mean absolute forecast difference:
pre-dispatch minus reattime demand
divided by real-time demand
Three-Hour Ahead | One-Hour Ahead
2008/ 2009/ 2008/ 2009/
2009 2010 2009 2010
May 1.26 1.32 1.02 1.11
June 1.55 1.42 1.22 1.22
July 1.51 1.54 1.10 1.20
August 1.36 1.53 1.13 1.19
September| 1.14 1.25 0.96 1.05
October 1.11 1.17 0.97 0.97
November | 1.13 1.26 0.96 1.03
December | 1.40 1.35 1.10 1.05
January 1.32 1.11 1.06 0.85
February 1.17 0.96 0.94 0.75
March 1.51 1.14 1.20 0.87
April 1.41 1.19 1.15 0.96
Average 1.32 1.27 1.07 1.02

Figure X4 reports average monthly otheur ahead absolutargeteddemand forecast
discrepang betweenJanuary 200andApril 2010. The linear trend line suggests an

overall improvement in the accuracy of demand foresaste 2003 Duringthe current
annualreporting periodhistoricmonthlylows were observed after December 2009, the
lowest @curring in February 2010 at75 percentAlthough the number of observations

is limited, demand forecast error has shown an improvement in every month in 2010
relative to the same month egear earlier andelative tohistoric levels since 2003. The
mostrecentresults ol | owi ng the | ESO6s adoption of
ramp up hours in prdispatchsuggest théESO shouldealize continuing improvement,

whichin turnwill help the accuracy of prdispatch price projections.
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Figure 1-4: Absolute Average Onélour AheadTargeted Demandrorecast
Discrepancy
January 2003 April 2010
(% of Peak Demand)
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Figures 1-5 and 16 plot the onehour ahead absolute average forecast error by hour of
the day fortwo separate time segments within 20©9/2010 reporting period-igure %

5 focuses on demand forecast error by hour of the day between May 1, 2009 and
December 14, 2009, the time period when peak demand forecasts were used in pre
dispatch. Figure-6 reports on average demand forecast dxydrour of the day for the
remaining days in the latest reporting period (December 15, 2009 to April 30, 2010).
average absolute forecast erfi@presented by the red horizontal 8péropped from

1.11 percent during the May to mid December 200fbdelown to 0.87 percent in the
second periodAlthough the magnitude of the demand forecast errors were different
between the two time periods, hourly patterns were similar. Deroaechits were the
most inaccuraten HE 6 of both time periodsith anaverage absolute forecast error of

1.66 percentduring the first period and 1.29 percent in the second peFRadhermore,
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forecast errorappeatowest during middayours for both time segments, specificatly
HE 14 and HE 15.

Figure 1-5: AbsoluteAverage OneHour Ahead Demand Forecast Error by Hour
Prior to Move to Average Demand in PD,
May 1, 2009 December 14, 2009
(% of Realtime Average Hourly Demand)

Average over all hours

Absolute Error/Real-time Demand (%)

1 2 3 4 5 6 7 & 9 10 1 12 13 14 15 16 17 18 19 20 21 22 23 24

Hour
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Figure 1-6: Absolute Average Onélour AheadDemandForecast Error by Hour
After Move toAverage Demand in PD
December 1520091 April 30, 2010
(% of Realtime Average HourlyDemand)

= Average over all hours

Absolute Error/REaktime Demand (%a)

1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20 21 22 23 24

Hour

While the absolute averagedicatesthe magnitude of the demand forecast errors, the
arithmetic average shows the bias of the error, which can be pasitregative.Figures

1-7 and 18 present arithmetic average eheur ahead demand forecast error by hour of
the day over the May 1 to December 14, 2009 and December 15, 2009 to April 30, 2010
time periods.The average onkour ahead forecast error wasspiwe for both time

periodsat 008 percentand 0.14 percenindicating that on average pdépatch forecasts
were slightly higher than actual demar&imilar to absolute average demand forecast
errors reported above, the largest arithmetic errorsraatin HE 6 for both time periods
(0.98 percent in the time period prior to the change to average forecastslisgateh

and 1.05 percent for the subsequent time period).
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Figure 1-7: Arithmetic Average OnéHour AheadDemandForecast Error by Hour
Prior to Move to Average Demand in PD,

Absolute Error/Real-time Demand (o)
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Figure 1-8
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2.4.2.2 Performance of Sefscheduling and Intermittent Generation

Figure 19 plots the monthly average difference between the amount of energy self
scheduling and intermittent generators foremaahd the amount of engrdhey actually
deliveredin realtime. Average error decreasedecent months after some high

differences were observéd many monthe©etween mid 2008 arddte 2009 During the

current 2009/201@2-monthperiod, the overall averageror fell to31 MW while the

montHy average difference only exceeded 40 MW in two months, June and September
(65 MW and 58 MW respectively). In October 2009, the average difference was negative
2 MW indicating that on average, the amount of energy delivered in a givemvhae

greater than the submitted forecast. The last time a negative average difference occurred
was in March of 2007Historically, the largest peaks in sed€heduling and intermittent

generation error have occurred durthgsummer months.

Figure 1-9: Average Difference between Séicheduling and Intermittent Generator
Forecasted and Delivered Energy
January 2004i April 2010
(MWh)
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Wind Generation

Since first entering the market in early 2006, the amount of wind generating resources

coming a-line has steadily increased. As of April 2010, there was a combined name

plate capacity of 1,089 MW of wind generation in Ontafidzigure £10 presents the

average and absolute average difference betw
delivered energ Average hourly wind output is also plotted and represented by the

green dashed lin€.

Figure 210 shows that both the average and absolute average wind forecast error has
been increasing since 2006 and the magnitude of the error has climbed asitpuidas
increasegdalthough the average difference fell to less than 10 MW in March and April
2010 The overall average of the absolute forecast error grew by 20 MW in the recent
annual period to 69 MW, up from 49 MW in 2008/2009. Absolute averageevior
exceeded 70 MW six of the twelve months in the current period but only occurred once in
the 2008/2009 period. This is mainly driven by increases in wind capacity over the last

five years.

BSee t he Opowedwsebpage foddetails on wind projects that are currently operational and those
under development atitp://64.34.71.24/Page.asp?PagelD=924&SiteNodelD=234

9n previous MSP Reports, nameplate capacity was plotted to show that amount of wind available in a
given month. However, using average hourly wind output provides a better measure of actual wind
generation perforance in a given month as outages and other factors constraining wind generation at
specific facilities are reflected in actual output levels but not in the nameplate capacity value. Average
hourly wind output is also used to deflate average and absekrage wind error in Figure-8.
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Figure 1-10: Average and Absolute Average Differencetlveen Wind Generator
Forecasted and Delivered Energy and Average Hourly Wind Output,
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Figure 210 above provides some evidence that absauezagalifference, and to a

lesser extent average differenbasincreased since dar2006. However when these

error measurements are normalizedasgrage hourlyvind output, little trend is

apparent. Figure-11 plots the average and absolute average difference between wind

generator so

forecasted

easrmmmgliyed asimglhowsly t u a |

average wind output since March 2006. With the exception of a few months during the

recent summer (June to September 2009), normalized absolute average difference as a

percentage of hourly wind output typically fluctuated betw2@io 30 percent and the

average difference generally remained below 10 percent of the hourly average wind

output in the given monthHowever, br the months June to September 2009, the

normalized absolute average difference and the average differenbedvell above its

historical average.
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Figure 1-11: Normalized Average and Absolute Average Difference between Wind
Generatorsd Forecasted and Deliver e
March 2006- April 2010
(% of Wind Output)
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In August 2009, the IESO announced that it l@iincha centralized wind forecasting

service on behalf of wind generatéfsThi s deci si on is consistent
recommendation in its January 2009 Monitoring Report that the IESO consider the option

of centralized forecasting to help reducees associated with wind resources in the pre

dispatch schedul€sd. The IESO is currently in the process of gathering stakeholder

feedback and developing a process plan, which will include a timeline for

implementatiorf?

2 |ESO News Release dated August 18, 2009 is available at:
http://www.ieso.ca/imoweb/media/md_newsitem.asp?news|D=4842

I See Recommendation4inCrapt er 4 of the Panel 6s January 2009 Mon
ZFor the latest update on the centralized -5ind foreca
on Mar ch 10 CentalzddWind Fotetastidg, afid avail able at:
http://www.ieso.ca/imoweb/pubs/consult/se57/s26T00316Centralizedwind-Forecasting.pdf
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2.4.2.3 RealTime Failed Intertie Tragactions

Failed import and export transactions are another factor that can contribute to differences
between pralispatch prices and HOEP. In r¢imhe, import failures represent a loss of
supply while export failures represent a decline in demand, bethioh result in

discrepancies between galespatch to realime prices.

Export Failures

Table1-14 provides summary statistics on the frequency and magnitude of failed export
transactions over the latest two annual periods. The number of hourgxytets failed
declined by 294 hours over the current annual period, from 4,951 hours to 4,657 hours
However, this still represented 53 percent of all hours in the review pehitiibugh the
frequency of export failures fell, the magnitude of hourlgaxk failures were up by 58

MW, on average, and were higher in nine of the twelve momksa resultthe failure
rate(MW failed relative to MW scheduled)creased from 4.12 percent last year to 5.99
percent this year.
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Table 1-14: Frequency, Average Magnitude, and Rateof Failed Exports from

Ontario,
Mayi April 2008/2009 & 2009/2010
Number of .
Hours when Maxw;:irlll rl-e|ourly Avergag”eulr-éourly Failure Rate
Failed Exports 0p)***
OccurreF:j* L350 L 0
2008/ 2009/ 2008/ 2009/ 2008/ 2009/ 2008/ 2009/

2009 2010 2009 2010 2009 2010 2009 2010
May 645 341 875 1,342 190 165 7.33 491
June 554 392 1,003 1,144 172 236 5.66 5.30
July 502 527 1,858 1,739 138 330 3.81 8.50
August 394 429 709 1,844 138 212 3.27 5.53
September 356 385 679 989 151 172 4.14 5.21
October 370 314 725 1,050 140 134 3.44 3.98
November 314 174 552 779 131 118 2.93 2.01
December 386 431 1,645 1,430 176 187 4.62 5.45
January 434 434 965 1,280 133 209 3.07 5.77
February 340 393 675 935 134 245 3.28 7.67
March 337 457 1,815 892 168 227 3.79 7.95
April 319 380 900 980 108 233 413 9.64
Total/Average | 4,951 4,657 1,033 1,200 148 206 4,12 5.99

* The incidents with less than 1 MW and linked wheel failures are excluded

** Based on those hours in which a failure occu

*** Total failed export MWh divided by total scheduled export MWéx¢ludingthe export leg of
linked wheels) in the unconstrained schedule in a month

Causes oExport Failures

Figure 212 plots theexport failure rates beginning dune 206, the date of introduction
of the realtime intertie failure chargeExport failures(and import failures belowgre
by t he

under the control of a system operator (l&gelSO curtailments}® The failure rate is

separated those under mar ket particip
determined as a percentage of failed to total exports (or imports) in MWh per month

(linked-wheel failures are not included).

The export failure rate, as illustrated in Figur&2 has been relatively stablaese June
2006 MP failureshave fluctuated betweeéhand 4 percerdver the last two years

% The IESO Compliance database that separates failures into 13Mnoertts and market participant
failures does so for constrained schedule failures only. Therefore, failure rates vary slightly from the
statistics reported in TableslB and 114, which report unconstrained schedule failures in aggregate.
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However, large spikes in ISO curtailment failures occurred in2ZQ0Y, reaching &-

year high of 8.85 percent, amdApril 2010wereat6.71 percent.The high percentage in
July 2009 was driven by a series of exports cuts throughout the month using the TLRe
code at the MISI interface due to a mixture of surplus generation conditions in PJM and
PJM ramp issues. During the first half of April 2010, e YorkISO had ar'LR
proceduran placelimiting the amount of flow on the NiagaRackard flowgatewhich
resulted in a series of export curtailments at the MISI interface (coded TLRe) to respect

the limits.

Figure 1-12. Monthly Export Failures as a Percentge of Total Exports by Cause,
June 2006 April 2010
(%)
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ExportFailures by Intertie Group

Tablel-15reports average monthly export failures by intertie groupbgr@huse for the
period May 2009 to April 2010. Export failures at the Michigan irgextcounted for
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approximately 56 percent of all export failures during the reporting period. Of those
failures, 74.4 percent were 1ISQrtailments Despite this, it was the Minnesota intertie
which had the highest ISO induced failure rate at 13 peodetst total scheduled
exports. The NYISO intertie was responsible for roughly@fcent of total MP export
failures and had the highest MP failure rate at 8.1 percent. Historiddlfgilures have
been the highest at the New York inteffle.

Table 1-15: Average Monthly Export Failures by Intertie Group and Cause,

May 2009 April 2010
(GWh and % Failures)
Average Failures - Failures - Failure Rate
Monthly ISO Participant ISO Participant
Exports Controlled Controlled Controlled | Controlled
GWh GWh % GWh % % %
New York 308.9 2.6 4.7 24.9 67.5 0.8 8.1
Michigan 764.7 41.5 74.4 10.4 28.2 5.4 1.4
Manitoba 22.6 2.3 4.1 0.6 1.6 10.2 2.7
Minnesota 51.7 6.7 12.0 0.3 0.8 13.0 0.6
Quebec 126.6 2.7 4.8 0.8 2.2 2.1 0.6
Total 1274.5 55.8 100.0 36.9 100.0 4.4 2.9

Import Failures

Table 116 provides monthly summary statistics on the frequency and magnitude of
failed import transactions during the last two May to April periods. Similar to export
failures over the recent annual period, the total numbleowfs when failed imports

occurred decreased from 3,032 hours in 2008/2009 to 2,924 (BBysercent of total

hours in the periodph 2009/2010, a drop of 108 hoy¥spercent) There was alsa

decline in the magnitude of import failureghe averagedurly failure dropped 66 MW

(42 percent), while the largest instance of failure in an hour decreased from 1,085 MW in
2008/2009 to 1,024 MW in 2008210, a drop of 61 MW (5.6 percentAs a resultthe

import failure rate fell from 7.27 percent last y&a#.44 percent this year.

2 participans selling into New York must place offers to sell the energy inties which allows for the
possibility that transactions are not economic and not scheduled in New York even when scheduled in
Ontario. The potential for mismatched economic scheduling MMISO is unique among the jurisdictions
directly connected to Ontario. This distinction also applies for imports to Ontario.
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Table 1-16: Frequency, Average Magnitude and Rateof Failed Imports to Ontario,
Mayi April 2008/2009 & 2009/2010

NSl € Maximum Hourly Average Hourly :
Hours when . . Failure Rate
Failed Imports UG Fa"uif (%)***
Occurred* L) (LK)
2008/ 2009/ 2008/ 2009/ 2008/ 2009/ 2008/ 2009/

2009 2010 2009 2010 2009 2010 2009 2010
May 289 235 1,085 381 182 67 9.87 3.47
June 285 269 807 783 176 101 7.35 7.07
July 271 320 818 619 163 104 7.07 5.02
August 254 261 880 1,024 145 97 7.36 3.74
September 348 330 989 965 218 97 10.46 4.41
October 338 265 1,029 855 187 96 8.89 3.84
November 282 244 730 580 152 79 5.13 6.88
December 220 253 812 625 143 107 7.17 7.28
January 287 218 600 410 143 99 5.99 3.10
February 145 119 800 388 158 63 5.26 1.19
March 163 132 575 453 98 59 5.70 1.32
April 150 278 425 506 108 107 7.00 5.97
Total/Average | 3,032 2,924 796 632 156 90 7.27 4.44

* The incidents with less than 1 MW and linked wheel failures are excluded
** Based on those houia which a failure occurs
*** Total failed import MWh divided by total scheduled import MWéxgludingthe import leg of
linked wheels) in the unconstrained schedule in a month

Causes ofmport Failures

Figure 13 plots the import failure rates byuse sinceune 2006 Import failures due

to ISO curtailments account for the majority of import failures since20@B® This

trend continued during the past reporting period includingye@as high failure rate

occurring in July 2009 as ISO controlldlures surpassed 12 percent of total imports.

The observed increase in ISO curtailed imports is attributable to increased curtailments at

the MISI interface in mid 2008 and the MNSI interface beginning May 2009. The
majority of curtailments were cod&drNh from January through March 20,1@hich

means transmission and ramp limitations on the MISI interfabeimport failure

percentage induced by ISO curtailment droppearéoind 2 percent, reaching y&ar

low of 1.22 percent in February 2010
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MP import failures fluctuated around 1 to 2 percent and reachegeardow of 0.26
percent in March 2010lmport failure rates (both ISO and MP controlled) were
considerably lower in February and March 2010 compared to the rest of the reporting

period.

Figure 1-:13: Monthly Import Failures as a Percentage of Total Imports by Cause
June 20061 April 2010
(%)

14

—+—1SO Curtailments —= MP Failures

[¥]

0

Import Failures by Intertie Group

Table 117 reports average monthly import failures by intertie and cause for the period
starting May 2009 and erdj April 2010. Quebec imports accounted for nearly 62
percent of all importsTheyhad an ISO controlled failure rate of only 1.7 percent and an
MP failure rate of 0.3 percentn addition to the highest ISO controlled export failure

rate, the Minnesotitertie also had the highest ISO controlled import failure rate at 36.9
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percent.Minnesota import failures began to increase in May 2009, in large part due to
ramp limitations in the MISO jurisdictionHowever, the Minnesota intertie averaged the
loweg monthly imports of all interties by a large margin at 9.2 GWhe Michigan

import failure rate was also materially high at 13.4 percent and accounted for
approximatéy 54 percentof all ISO controlled import failures. NYISO and Minnesota

had the high¢dVIP controlled failure rates at 4.6 percent and 4.3 percent respectively.

Table 1-17: Average Monthly Import Failures by Intertie Group and Cause,

May 2009 April 2010
(GWh and % Failures)
Average Failures - Failure Rate
Monthly Failures - Participant ISO Participant
Imports ISO Controlled Controlled Controlled | Controlled
GWh GWh % GWh % % %
New York 43.3 1.6 6.1 2 42.6 3.7 4.6
Michigan 105.1 14.1 54.0 1.2 25.5 134 1.1
Manitoba 25.2 2 7.7 0.3 6.4 7.9 1.2
Minnesota 9.2 3.4 13.0 0.4 8.5 36.9 43
Quebec 296.5 4.9 18.8 0.8 17.0 1.7 0.3
Total 479.4 26.1 100.0 4.7 100.0 5.4 1.0

2.4.2.4 Imports or Exports Setting Pdispatch Price

A fourth factor identified by the Panel that leads to discrepancies betwedispaéch
and reattime prices is the frequncy of imports and exports setting the-gigpatch
MCP. An increased frequency of imports or exports setting thdigpatch price will

lead to an increased divergence betweerdjmeatch and realme prices?®

Table 118 shows the frequency of hauthat imports and exports set the-gigpatch
price for May to April 2008009 and 20020010. For the curent reporting period,
imports orexports set the préispatch pricen roughly half of all hours.The number of
hours increased from 3,994 hours20082009 to 4,376 hours in 2008010, a 4 percent

% For a detailed explanation of why this occurs, seep830 of t he Panel 6s July 2007

Report.
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increase.The largest monthly increase occurred in March, which jumped from 232 hours
in March 2008 to 389 hours in March 2009, an increase of 157 hours (67.7 percent).

Table 1-18: Frequency of Imports or Exports Setting the PreDispatch Price,
Mayi April 2008/2009 & 2009/2010
(Number of Hours and % of Hours)

2008/2009 2009/2010 Difference

Hours % Hours % Hours | % Change
May 340 46 392 53 52 7
June 322 45 423 59 101 14
July 350 47 427 57 77 10
August 289 39 366 49 77 10
September 389 54 395 55 6 1
October 394 53 413 56 19 3
November 411 57 314 44 (96) (13)
December 361 49 341 46 (20) 3)
January 352 47 326 44 (25) 3)
February 319 47 308 46 (12) (2)
March 232 31 389 52 157 21
April 238 33 283 40 45 6
Total 3,994 46 4,376 50 382 4

2.5 Internal Zonal Prices and CMSC Payments

Table 119 presents average nodal prices for the 10 internal Ontario zones for each six
month period for the last three sixonth period$’ Figure £14 shows the same axage
nodal prices graphically for each zone for the recent winter period. The average nodal
price for a zone, also referred to here as the internal zonal price, is calculated as the
average of the nodal prices for generators in the Zone.

Table 219 shaws thataverage internal zonal prices were lower in the current annual
period relative to thpreviousannual period Currentannual values are approximately 45
to 48percent below the previous annual period for all zones with the exception of the

Northeat and Northwest zones, which is consistent with the observed drop in the

*’Seethe IES®s fiOntario Transmission Systemd publication
zone division of Ontario dtttp://www.ieso.ca/imoweb/pubs/marketreports/OntTxSys@05jun.pdf

8 All nodal and zonal prices have been modified to +$2,006@000) when the raw interval value was

higher (or lower).
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Richview nodal price The average Richview nodal price w29 88MWh over the

latest annual periodyhich is £4.26MWh, or 44.8 percent, lower than the previous
period. These pge movements in the southern zones are largely related to generally
lower demand and incaged supply in southern Ontario

Table 1-19: Internal Zonal Prices,

May 2008 April 2010
($/MWh and %)
% Change from
Zone May 0871 Apr 09 | May 091 Apr 10 | May 087 Apr 09 to
May 091 Apr 10
Bruce 51.95 28.44 (45.3
East 51.29 27.77 (45.9
Essa 52.35 28.66 (45.3
Northeast 30.11 12.47 (58.9
Niagara 52.00 26.76 (48.5
Northwest (190.37 (404.09 (112.3
Ottawa 55.07 30.05 (45.9
Southwest 52.10 28.84 (44.9
Toronto 54.41 29.66 (45.5
Western 53.64 29.62 (44.9
Richview Nodal Price 54.14 29.88 (44.8)

As observed for previous periods, congestion in the Northwest is the primary reason for
thelarge negative shadow prices in the ar€he average zonal pride the Northwest
dropped ta$404.08MWh, which is more thatwo times lower than thes190.37/MWh
average price in the 2008/2009 summer maonBeducedlemandn the zone and

abundant supply of very loyriced water, including energy available from ingor
continues tdead to energgurpluses in the areand places downward pressure on prices.

Similar to the Northwest zonthe Northeasalso has a large amourithydroelectric
supply, but experienced less surplus and congestiorotigmved irthe Nathwest. The
average zonal price in the Northeast fell from $30.11/MWh last year to $12.47/MWh in

the recent annual period, a decline of 58.6 percent.
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Figure 1-14: Average Internal Zonal Prices
May 20091 April 2010
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Figure 115 provides a summary of congestion payments (CMSC) across the same 10

zones for the lastnnual reporting period. For each zone, there is a total for CMSC paid

for constraining off generation or impods constraining on exports from the zorne.

thisanalysis, imports or exports refer to the individual zone, not the provirreedata

has been aggregated in this manner since constraining on exports is an alternative to

constraining off supply when supply is bottled (oversupply in zone), and sarthisa

is an indicator of the bottling of supply in the zone. A second total shows the CMSC for

constrained on generation or imports, or constrained off exports. This is a measure of the
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need for additional or owdf merit supply in a zone (undersupplyzione)?® However,

not all CMSC is induced by transmissiiimits (including losses) or security. For
example, the 3imes ramp rate or slow ramping @éneratiorunits can induce CMSC, so
the total CMSC is not entirely a measure of congestion or losses.

Of the $62.4 million of CMSC for constrainedf supply or constrainedn exports,

$36.2 million (or 58 percent) occurred in the Northwest zone, primarily as the result of
the EastWest flow limits which bottle the loveost supply in the area. The otineajor
contributors to the total were the Northeast zone at $11.1 million (or 18 percent) and the

Niagara zone at $7.5 million (or 12 percent).

CMSC for constrained on supply and constrained off exports totalling $66.1 million was
mainly concentrated inddithern Ontario.Significant payments were also made in the
Western zone at $19.4 million (or 29 percent), the Toronto zone at $15.7 million (or 24

percent), and the Niagara zone at $8.1 million (or 12 percent).

29 CMSC paid to dispatchable load is omitted here since the largest portion of those payments are self
induced, as opgsed to being related to congestion, losses or other system requirements. For further
discussion, see ChapterSection 3.Df this report.
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Figure 1-15: Total CMSC Payments by Inteal Zone,
May 20091 April 2010
($ millions)
P
s e
& |
= \
g \
rd |
e
e $36.2/3.62 \H
i (Northwest) S
fi -1|| _ ™
el V%
=0 HE Y
5! V2
i $11.14/2.43 3\
L (Northeast) 5 l\
| G hd $-0.44 /552
T e Py S},Dm{;: S N (Ottawa)
- & s T T ous Dutao,.,. .
Usa py . > S‘-’AE;;; L 'H.. ____._;"_ .I.-
- = o $0.22/0.115-1.32/9.78° 5,
= — : '--.\(ESSA) (East/)_ WL
ARCEES . S ol il
n.l\':ljcl‘?.'ga‘.? 8 Y L Hwran . R Y
A4 S$179/00 T ® P
Vg ¥ SN 1$2093/1.37
[ (Bruce) 4 | e
$62.43/66.07 * ) 7 % 1 | (Southwest)’ $1.14/15.73
(Total) :I b UNITED STATES e o [ /‘ A UsA (Toronto)
'-._\ OF AMERICA ’_ EEE ///
* C.Off Supply + C.On Export 5 b o --‘}-Li:,p? $7.48/8.11
/ C.On Supply + C.Off Export ' $33/1938  Jegls (Niagara)
%, _/(Western)

payments madeytzone.

Table 220 provides similar data on a comparative basis relative to the previous annual

reporting period.Overall, there were significant changes in the amount and proportion of
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Table 1-20: Total CMSC Payments by Internal Zone,
Mayi April 2008/2009 & 2009/2010

(% millions)
Constrained off Supply plus Constrained on Supply plus
Zone Constrained on Exports Constrained off Exports
2008/ 2009/ % 2008/ 2009/ %
2009 2010| Change 2009 2010| Change
Bruce 3.5 1.8 (49) -0.1 0.0 (100)
East 1.4 -1.3 (193) 9.5 9.8 3
Essa 0.2 0.2 0 0.3 0.1 (67)
Northeast 21.2 7.5 (65) 6.3 8.1 29
Niagara 4.1 11.1 171 11.4 2.4 (79)
Northwest 64.2 36.2 (44) 1.6 3.6 125
Ottawa 0.0 -0.4 N/A 0.0 5.5 N/A
Southwest 4.2 2.9 (32) 0.7 1.4 100
Toronto 0.5 11 120 6.2 15.7 153
Western 4.6 3.3 (28) 16.1 19.4 20
Total 103.8 62.4 (40) 51.9 66.1 27

Total yearly constrained off supply plus constrained on exports fell by $41.4 million, or

40 percent fromthpr evi ous periodbdés total. The | ar ges
payments were the Northeast and Northwest regions which saw drops of $13.7 million

and $28 million respectively (65 percent and 44 percéltig East region went from

contributing a detbof $1.4 million in 2008/2009 to a credit of $1.3 million in 2009/2010.

Only the Niagara and Toronto regions saw increases in payments from the previous

period, Niagara being the largest increase at $7 million, or 171 percent.

Total constrained on sulyplus constrained off exports increased $14.2 million (27
percent) from 2008/2009 to 2009/201Dhe largest absolute increase in payments
occurred in the Toronto region jumping $9.5 million (153 percent) from the previous
period. Ottawa went from receing the least payments in 2008/2009, to receiving the
fourth largest sum of payments ($5.5 million) in 2009/20M@st other regions saw

modest increases in payments, while three regions saw slight declines, the largest being
Niagara dropping $9 millionTotal payments for all regions and both types of payments

dropped $27.2 million, or 17.5 percent.
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2.6 Operating Reserve Prices

Table 121 presents average monthly operating reserve prices duripgakhours over

the last two reporting periods. eakprices for all three types of OR have decreased

by at least 20 percent when compar2@§8/20020 2009/2010annual periodsAll three
categories saw increases in OR prices in almost every month from May 2009 to
September 2009, followed by sharp declimegrices from October 2009 onward (except
December). OR prices dropped from the start of the reporting period (May 2009) to the
end (April 2010) by approximately 90 percent; ending wiyear lows of $0.41/MWh

for all types of OR. Since October 2008eite also appears to be a convergence of the
10S/10N prices (which are typically similar) and the 30R price (which is typiocaign).

Table 1-21: Operating Reserve PricesOn-Peak,
Mayi April 2008/2009 & 2009/2010
($/MWh)
10S 10N 30R

2008/ | 2009/ % 2008/ | 2009/ % 2008/ | 2009/ %
2009| 2010| Change 2009| 2010| Change 2009| 2010| Change

May 10.18 | 18.67 | 83.4 10.15 | 18.61 | 83.3 7.40 11.77 | 59.1
June 10.13 | 15.89 | 56.9 10.10 | 15.81 | 56.5 9.46 9.17 (3.1)
July 12.62 | 14.41 | 14.2 1250 | 14.28 | 14.2 12.13 | 9.26 (23.7)
August 6.03 10.93 | 81.3 6.02 1091 |81.2 5.69 9.05 59.1

September | 1.67 4.98 198.2 1.63 4.98 205.5 1.57 4.49 186.0

October 729 |184 |(748) |7.04 [184 |[(739 |[552 [1.84 |(66.7)

November | 7.40 |559 | (245) |7.37 |555 |(24.7) |6.90 |4.92 | (28.7)

December | 485 |506 |4.3 484 |506 |45 467 |501 |7.3
January 1223 466 (61.9)| 12.23| 466| (61.9)] 11.35| 458] (59.6)
February 19.47| 4.75| (75.6)| 19.47| 4.75| (75.6)] 17.65| 4.68| (73.5)
March 8.37| 4.03| (1.9 832 4.03| (516)] 6.82] 381 (44.1)
April 1554 041| (97.4)] 15.14| o041| (97.3)| 7.91| 041] (94.8)
Average 965 | 760 | (21.2) | 957 | 757 | (20.8) | 8.09 | 575 | (28.9)

Table 122 presents average monthly operating reserve prices duripgakf hours over

the last two reporting periods. @ftak prices have not been as volatile apeak

prices ovethe last two yearsAlthough onrpeak prices have seen considerable decreases
from one reporting period to the next,-pkak prices for all three categories have

actually increased on average by at least 7 perédhtategoriesaw considerable price

jumps in May, August, September, and December 2009, when compared to those same
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months in 2008. These high increases were somewhat offset by sharp decreases in OR
prices from February to April 2010Che net effect is a 7.3 percent increase in the 10S
caegory a 35 percent increase in the 10egory and a 25 percent increase in the 30R
categorywhen comparin@008/20020 2009/2010 Average prices forlhcategories

ended the current reporting period agear lows ($0.28/MWHior 10S, $0.27/MWHior

10N, and $0.27/MWHior 30R) and showed almost complete price converganmng

thethreecategories

Table 1-22: Operating Reserve PricesOff-Peak,
Mayi April 2008/2009 & 2009/2010
($/MWh)

10S 10N 30R
2008/ | 2009/ % 2008/ | 2009/ % 2008/ | 2009/ %
2009| 2010| Change 2009| 2010 | Change 2009| 2010| Change

May 321 924 [1879 |243 [917 |277.4 |205 |6.69 |226.3
June 290 |371 |27.9 2.84 |356 |254 263 |310 |17.9

July 303 [336 |109 283 (284 |04 2.78 | 243 |(12.6)
August 095 |448 [3716 |092 |416 |3522 |0.92 [359 |290.2

September | 0.77 1.40 81.8 0.56 1.06 89.3 0.56 0.91 62.5

October 1.68 |0.73 |(565) |097 |0.72 |(25.8) |0.81 |0.69 | (14.8)

November | 2.83 1.72 (39.2) 1.22 1.37 12.3 1.22 1.37 12.3

December | 0.99 1.16 17.2 0.51 1.16 127.5 0.51 1.16 127.5

January 2.21 2.62 18.6 2.21 2.62 18.6 2.09 2.62 25.4
February 2.50 0.60 (76.0) 2.49 0.60 (75.9) 2.14 0.60 (72.0)
March 1.85 0.92 (50.3) 1.34 0.92 (31.3) 1.33 0.92 (30.8)
April 5.25 0.28 (94.7) 2.76 0.27 (90.2) 2.42 0.27 (88.8)
Average 2.35 2.52 7.3 1.76 2.37 35.0 1.62 2.03 25.1

Demand for operating reserve, which is reflected in the level of the@Rement
established by the IESO, was slightly higher this year relative to last year. The average
OR requirement for th20082009 annual period wa%,432MW while in 20092010, the

requirenentwas slightly higher at,496MW, an increase oft.5percent

Figure 116 shows monthly average operating reserve prices since Z368 2003 to
early 2008 OR prices had been on the declng subsequently increased frearly

2008to late2009as a result of a decline in OR resources available and increased

PUBLIC 45



Market Surveillance Panel Report Chapter 1
November2009i April 2010

demand®® Since OctobeR009 OR prices have dropped and returnegr®2008levels,

settling at their lowest prices in several years (ag pbles 1-21 andl1-22) as the amount
of offered OR increased with new fossil units comingiae.

Figure 1-16: Monthly Operating Reserve Prices bya@gory
January 2003 April 2010
($/MWh)
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3. Demand

3.1 Aggregate Consumption

Table 123 compare®©ntariomonthly energy demand amétexportsfor the 20082009

and 20022010 reporting periods.

Table 1-23: Monthly DomesticEnergy Demandand Exports (Market Schedule),

Mayi April 2008/2009 & 2009/2010

(TWh)

Ontario Demand*

Exports

(Excluding Linked Wheels)

Total Market Demand
(Excluding Linked Wheels)

2008/ 2009/ % 2008/ 2009/ % 2008/ 2009/ %
2009 2010 | Change 2009 2010| Change 2009 2010 | Change
May 11.41 | 1052 | (7.8) 1.55 1.09 (29.7) [ 12.96 |11.61 | (10.4)
June 12.20 10.91 (10.6) 1.59 1.66 4.4 13.79 12.57 (8.8)
July 13.15 | 11.32 | (13.9) |1.75 1.88 7.4 14.90 |13.20 | (11.4)
August 12.57 12.26 (2.5) 1.61 1.55 3.7) 14.18 13.81 (2.6)
September | 11.82 10.97 (7.2) 1.25 1.21 3.2) 13.07 12.18 (6.8)
October 11.67 11.22 (3.9 1.46 1.02 (30.1) 13.13 12.24 (6.8)
November | 11.85 11.16 (5.8) 1.36 1.00 (26.5) 13.2 12.16 (7.9)
December | 13.09 12.69 (3.1) 1.40 1.40 0.0 14.49 14.09 (2.8)
January 13.75 13.17 (4.2) 1.82 1.48 (18.7) 15.57 14.65 (5.9)
February 11.71 11.78 0.6 1.34 1.16 (13.4) 13.05 12.94 (0.8)
March 12.18| 11.74 (3.6) 1.44 1.20| (16.7)| 13.62| 1294 (5.0)
April 10.77 10.54 (2.1) 0.8 0.84 5.0 11.57 11.38 (1.6)
Total 146.17 | 138.28 (5.4) 17.37 15.49 (10.8) | 163.54 | 153.77 (6.0)
Average 12.18 11.52 (5.4) 1.45 1.29 (20.9) 13.63 12.81 (6.0)

* Non-dispatchable loads plus dispatchable loads

Annual Ontario Demanhfell by 7.89TWh, or 5.4 percent, from 146.2 TWh in 202@)9
to 138.3 TWh in 2002010 largely due to worsened economic conditions, which led to

reduced consumption in the manufacturing sed@mtario Demand declined in every

month, except February wte it saw a slight increas&he summer months of May,

June, and July saw the largest reductions in demand from the same month the previous

year, with drops of 7.8 percent or greater.

Total annual exports (excluding linked wheel transactions) declinedX7.4 TWh in
20082009 to 15.5 TWh in 2002010, a decline of 1.9 TWh, or 10.8 perceRercentage
declinesof over 10 percent from 2008109 to 20092010 occurred ir6 of the 12 months,

with the largest drop of 30.1 percent occurring in October.
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Thesum of Ontario Demand and expediumesma k es up t he oO0tot al mar k
Total Market Demandeclined by9.77 TWh, or 60 percentandwas lower in every

monththis year compared to the prior year. The largest monthly percentage difference

occurredm July at 11.4 percent and the smallest differeroeirredn April at 0.8

percent

3.2 Wholesale and LDC Consumption

Figure 117 plots the separate monthly energy consumption of wholesale loads and Local
Di stribution Companies (dAPCHE0) bet ween Janua

There are clear seasonal fluctuations in LDC demand. Typically, LDC consumption is
highest during the December/January and July/August months. Over the latest reporting
period, LDC demand peaked in January 2010 at 10,743 GWh, the |meedsmonth of

any May to April reporting period since the market opened in May 2002. LDC
consumption hit a posharketopening low of 8,263 GWh in April 2010rhese numbers
typify a period that saw a considerable softening of demand in the Ontariat.marke

Wholesale electricity consumption continued its downward trend since 2003; including
setting a postarketopening monthly low of 1,688 GWh of wholesale consumption in
June 2009.Current period wholesale consumption levels are roughly 2/3 of the

consumption levelsobserved ir2003.
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Figure 1-17: Monthly Total Energy Consumption, LDC and Wholesale Loads,
January 2003 April 2010
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Figure 118 presents the ratio of wholesale load to LDC consumption since January 2003.
The continued decreasethre ratio is consistent with the more rapid decline of wholesale
consumption compared to LDC consumption presented in Figlire The ratio reached

an alttime low of roughly 0.17:1 in December 2009; this corresponds with the seasonal
LDC demand spike gerienced in December/January of every year as showiin 1

above.
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Figure 1-18: Ratio of Wholesale Load to LDC Consumption,
January 2003 April 2010
(Wholesale Loado LDC Consumption)
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4. Supply

4.1 New Generating Facilities

Between May 2009 and April 20lawind generation facility came onlinecambined
heat and power (CHP) facilitybecame fully dispatchable and another combinyede
gasfired facility began commissioning:
e The Thorold Cogeneration Project, a 287 MW CHP generating facility located in
Thorold, Ontario became dispatchable at the beginning of April 2010 after
performing commissioning tests since Ri@huary 2010. The Thorold facility

represents the largest CHP project procured by the OPA td°date.

31 Combined heat and power plants are designed to produce both electricity and heat from a common fuel

source.

¥For a listing of all CHP facilities in operation, se
http://www.powerauthority.on.ca/Page.asp?PagelD=924&SiteNodelD=174
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¢ The Halton Hills Generating Station681.5 MW combinegaycle facility located
in Halton Hills Ontario began commissioning at the end of April 2010. The
facility is expected to become dispatchable sometime in Q3 2010.

e The Wolfe Island Wind Project, a 198 MW wind facility located off the toas

Kingston, Ontario became operational in June 2009.

The total capacity of these units (including the capacity of the commissioning unit)
represents an additional 1,117 MW, or approximately 3.1 percent of total installed
capacity in Ontarid® In addiion, the East Windsor Cogeneration Center, an 84 MW
CHP generating facility changed from a sstheduling facility to a dispatchable facility

in mid-November 2009. The East Windsor facility had been commissioning since early
June 20009.

4.2 The Supply Cushio

Tables 124 and 125 present monthly summary statistics on thedispatch and real
time supply cushion for the last two annual reporting peffddhefinal pre-dispatch
supply cushion measure includes all sources of supply (including imports) éilea

time domestic supply cushion focuses only on supply from internal genetation.

3 As of May 5, 2010, existing installed generating capacity is reported to be 35,781 MW on p. 7 of the

| E S Oénsonti@utlook (fromJune200 t o November 2011). The document
website at:http://www.ieso.ca/imoweb/pubs/marketReports/18MonthOutlook_2010may.pdf

% The supplycushiomeasur e used by the Panecdusdiifofneir s sfereont hteh eP al
January 2009 Monitoring Report, pp. 2P66.

% n predispatch, all disatchable resourcémcluding imports and exports) are able to set the projected

price, while in reatime imports and exports are fixed and cannot set price.
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4.2.1 Pre-dispatch (Onéhour ahead)

Table 124 indicates that thevarage monthlypre-dispatchsupply cushioriell from 17.7
percentin 2008/20090 16.6 percent 2009/20D with the largest monthly declines

observed between June and September. As shown in Tablend A7 of the

Statistical Appendix, the decline in the averagedgispatch supply cushion was mainly

attributable to declines observed in-p#ak hours. Téonpeak average increased from

12.9 percent last year to 13.2 percent this year while theealt average fell from 21.7

percent last year to 19.5 percent this year.

Although the gerage monthlyre-dispatchsupply cushioriell this year,other indi@tors

of supply cushion performance showed an improveméné number of hours with a

negative supply cushion was reduced from one in 2008/to zero in 2002010. In

addition, the total number of hours with a supply cushion less than 10 percentddroppe

from 2,156 hours to 1,988 hours, a reduction of 1.9 percent.

Table 1-24: Final Pre-Dispatch Total Supply Cushion,
Mayi April 2008/2009 & 2009/2010

(% and Number of Hours under Certain Levels)

Average Supply

Negative Supply Cushion

Supply Cushion Less Than 10%

Cushion (%) # of Hours, %) (# of Hours, %)
2008/ 2009/ | 2008/ o 2009/ o 2008/ 2009/
0 % % %

2009| 2010| 2009 2010 2009 2010
May 15.7 16.9 1 0.1 0 0.0 | 255 34.3 144 19.4
June 19.2 155 0 0.0 0 0.0 | 167 23.2 169 235
July 19.6 14.6 0 0.0 0 0.0 | 1583 20.6 218 29.3
August 21.6 16.4 0 0.0 0 0.0 | 120 16.1 194 26.1
September | 22.9 15.3 0 0.0 0 0.0 |62 8.6 166 23.1
October 19.7 18.4 0 0.0 0 0.0 | 150 20.2 117 15.7
November | 18.6 19.5 0 0.0 0 0.0 | 127 17.6 54 7.5
December | 17.2 16.7 0 0.0 0 0.0 | 170 22.8 158 21.2
January 14.4 16.9 0 0.0 0| 0.0 262 35.2 208 | 28.0
February 135 14.9 0 0.0 0| 0.0 261 38.8 227| 33.8
March 13.8 13.9 0 0.0 0| 0.0 279 375 274| 36.8
April 16.7 20.7 0 0.0 0] 0.0 150 20.8 59 8.2
Total 17.7 16.6 1 0.0 0 0.0 2,156 24.6 1,988 | 22.7
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4.2.2 Realtime

Tabe 1-25 indicates thati realtime supply cushion worsened fr&2808/20020

2009/2010 The average monthly supply cushion dropped from 20.7 percent to 18.8

percent. The number of hours where there was a negative supply cushion spiked in
2009/2010with 12 instances, compared to only 22i08/2009(In 2009/201&here were

5 such instances in August alon@he number of hours that experienced a supply

cushion of 10 percent or less increased from 1,087 hours to ITB&825 percent

increasaneant tlat 15.6 percentof all hours experienced a supply cushion of 10 percent

or less during the009/2010Qreporting period.

Mayi April 2008/2009 & 2009/2010

Table 1-25: Reattime Domestic Supply Cushion,

(% and Number of Hours under Certain Levels)

Average Supply Negative Supply Cushion Supply Cushion Less Than 10%
Cushion (%) # of Hours, %) (# of Hours, %)
2008/ 2009/ | 2008/ o 2009/ 0 2008/ 2009/
b % % %
2009| 2010 2009 2010 2009 2010
May 20.5 18.4 0 0.0 1 0.1 |62 8.3 128 17.2
June 22.1 22.8 0 0.0 0 0.0 |93 129 28 3.9
July 24.5 20.7 0 0.0 0 0.0 | 47 6.3 38 5.1
August 24.8 19.0 0 0.0 5 0.7 |76 10.2 143 19.2
September | 21.1 16.7 0 0.0 0 0.0 |132 18.3 212 29.4
October 22.0 16.5 0 0.0 1 0.1 |60 8.1 173 23.3
November | 18.5 18.0 5 0.7 2 0.3 | 162 22.5 | 106 14.7
Decembe 20.4 20.5 0 0.0 0 0.0 |81 109 |76 10.2
January 19.2 17.7 0 0.0 3| 04 54 7.3 172 23.1
February 17.8 17.0 0 0.0 0| 0.0 95 14.1 117| 174
March 20.6 18.0 0 0.0 0| 0.0 71 9.5 116| 15.6
April 16.6 20.7 0 0.0 0| 0.0 154 21.4 60 8.3
Total 20.7 18.8 5 0.1 12 0.1 1,087 12.4 1,369 | 15.6

Figure 119 plots realtime domestic supply cushion summary statistics between January
2003 and April 2010. The loAgrm trend appears to show that the-teak supply

cushion has consistently been improving since 288ough falling slightly from the

peak levels observed in the summer of 2008. Both the number of hours with a supply
cushion less than 10 percent and the number of hours with a negative supply cushion
have decreased substantially since January 2068ugh rebounding slightly during the

current reporting period.
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Figure 1-19: Monthly Reattime Domestic Supply Cushion Statistics,
January 2003 April 2010
(% and Number of Hours under Certain Levels)
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4.3 Baseload Supply

Table 126 presents average hipumarket schedules by baseload generation category

and Ontario Demand over the last two May to April periods. Overall, average hourly
baseload supply declined by 2.3 percent, from 12.9 GW last year to 12.6 GW this year.
Total baseload supply was up ohgrthe 2009 summer months between June and August
compared to 2008 but fell (or stayed constant) for all remaining months in 2009 and
2010. However, average hourly Ontario Demand fell by 5.4 percentlf8ormGWIast

year to 15.8 GW this year, considdsaimore than the drop in average baseload supply.
Therefore, average hourly baseload supply expressed as a percentage of average hourly

Ontario Demand increased from 77.2 percent last year to 79.7 percent this year.
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Table 1-26: Average Hourly Market Schedules by
Baseload Generation Type and Ontario Demand,

Mayi April 2008/2009 & 2009/2010

(GWh)
Selt _ Total Baseload
Baseload . Total Baseload Ontario Supply as a %
Nuclear H Scheduling .
ydro Supply Supply Demand of Ontario
Demand
2008/ | 2009/ | 2008 | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/
2009 | 2010 | 2009 | 2010 | 2009 | 2010 | 2009 | 2010 | 2009 | 2010 | 2009 | 2010
May 8.2 6.7 2.2 2.4 1.0 1.1 11.4 10.2 15.8 14.1 72.2 72.3
June 9.1 9.5 2.0 2.3 0.8 1.2 11.9 13.0 16.4 15.2 72.6 85.5
July 10.0 10.0 2.1 2.3 0.7 0.9 12.8 13.2 18.3 15.2 69.9 86.8
August 10.1 10.0 2.0 2.3 0.7 0.9 12.8 13.2 16.9 16.5 75.7 80.0
September| 9.8 9.4 2.0 2.3 0.8 0.9 12.6 12.6 15.9 15.2 79.2 82.9
October 9.7 8.6 1.9 2.2 1.1 1.2 12.7 12.0 16.2 15.1 78.4 79.5
November | 9.4 9.1 2.0 2.1 1.1 1.2 12.5 12.4 15.9 15.5 78.6 80.0
December | 10.6 10.2 2.1 2.1 14 1.3 14.1 13.6 18.2 17.1 77.5 79.5
January 10.6 9.9 2.0 2.1 1.2 1.3 13.8 13.3 18.5 17.7 74.6 75.1
February 10.2 10.0 2.1 2.1 1.3 1.2 13.6 13.3 15.7 17.5 86.6 76.0
March 10.3 9.5 2.2 2.2 15 14 14.0 13.1 18.1 15.8 77.3 82.9
April 8.6 8.5 2.1 2.1 1.5 1.2 12.2 11.8 14.5 14.6 84.1 80.8
Average 9.7 9.3 2.1 2.2 1.1 1.2 12.9 12.6 16.7 15.8 77.2 79.7
4.4 Outages

Generator outage patterns are important to monitor as they place upward pressure on

market prices as supply is removed from the market. The following sections report on

planned and forced outage rates bgl type since January 2003.

4.4.1 Planned Outages

Planned outages are typically taken during the low demand periods in the spring and fall

morths. Figure 120 plots monthly planned outages as a percentage of capacity since

2003. Planned outage rates over the latest May to April period showed seasonal

fluctuations similar to those observed in previous years.
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Figure 1-20: Planned Outages Reiae to Capacity,
January 2003 April 2010
(% of Capacity)

Percent
(Planned Outage /
Capacity)*
25

20 +

*Includes Nuclear, Coal, ar@asunits.

Figure 121 presents planned outage rates as a percentage of total capacity for coal,
nuclear, anail/gasgenerators since 2003. Planned outages fdr el type show

seasonal patterns similar to the aggregate planned outage rate presentéd Sboilar

to previous spring and fall (low demand) months, coal planned outage rates were above
30 percent of capacity in Majune 2009, OctoloeéNovember 2009and April 2010

®For the purposes of o uontagesate alapsfiedsas planred autagessrather@arG 6 s

co

forced outages as done by the | ESO (-Déoedethiiban Panel 6s

why this adjustment was made). Furthermore, the capacity that was removed from the market by
designating units as NOBA is not reflected in either the planned or forced outage statistics. This
adjustment is only relevant for most 2009 susnr mo nt hs . > R gD assstrage @y klinindied
the use of the CO2 outage designation.
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Figure 1-21: Planned Outages Relative to Capacity by Fuel Type
January 2003 April 2010
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4.4.2 Forced Outages

Given that forced outages occur unexpectedly tltenot exhibit the same level of
seasonality as planned outagees. Figure-P2 plots aggregated forced outages as a
percentage of capacity since January 2003. Over the most recent annual period, the
aggregate rate fluctuated between 10 and 15 percent with three exceptions; May 2009 at
21.8 percent, October 200019.8 percent, and February 2010 at 8.8 percghihough

the monthly observations above 15 percent are high relative to the recent annual period,

they remain well below the high forced outage rates experienced prior to 2005.
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Figure 1-22: Forced Outayes Relative to Capacity,*
January 2003 April 2010
(% of Capacity)
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* Includes Nuclear, Coal, ardil/Gasunits.

Figure 123 separates forced outage rates by fuel type since 2003. After a noticeable
increase in the forced outage rate for coal units éetvbecember 2008 and April 2009,

the forced outage rate has declined and remained below 20 percent in July 2009 onwards.
In fact, the coal forced outage rate fell below 10 percent in four months over the recent
annual period, a threshold that had nee=rbobserved since market opening. On the
other hand, the nuclear forced outage rate appeared slightly higher this period compared
to previous annual periods. In May 2009, the nuclear forced outage rate climbed above
30 percent for only the second mosthce market opening, tlther month being April

2005. Aside from May 2009, the nuclear forced outage rate fluctuated between 12 and
24 percent for the remainder of the current period. gesforced outage rate was the

lowest of the three fuel typesimost months in the current period but it did reach a
historical high of 17.3 percent in October 2009 surpassing the previous record high of

16.8 percent set in June 2003.
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Figure 1-23: Forced Outages Relative to Total Capacity by Fuel Type,
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4.5 Changes in Fuel Prices
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Tables 127 and 128 present average monthly coal and natural gas spot prices over the

last two reporting periods. Based on a comparison of annual averages, both coal and

natural gas prices saw signdiat drops from 2008009 levels.

45.1 Coal Prices

Average monthly Central Appalachian (CAPP) and Powder River Basin (PRB) Coal spot

prices are presented in Tabl®Z for the last two reporting period¥. In percentage

terms, both types of coal plummeted nicp relative to the prices experienced during the

previous reporting period, althougfreydid not decline equally. CAPP coal prices

Coal

exchange rate.

prices

have

been

converted

from US$

t

0
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decreased from a monthly average of $3.90/MMBt2088/200%0 $2.20/MMBtu in
2009/2010, a drop of 43.5 percent. PRBIqwices decreased 24 percent, from
$0.72/MMBtu last period to $0.55/MMBtu this period. Although, on average, both
prices had decreased when comparing reporting period averages, from the beginning of
the current period (May 2009) to the end of the cumpeniod (April 2010), CAPP and

PRB prices increased by 10 percent and 29 percent respectively.

Table 1-27: Average Monthly NYMEX Coal Futures Settlement Prices by Type,
Mayi April 2008/2009 & 2009/2010

($CDN/MMBtu)
NYMEX Central Appalachian NYMEX Western Rail Powder
Coal (CAPP) Price River Basin Coal (PRB) Price
2008/ 2009/ % 2008/ 2009/ %
2009 2010| Change 2009 2010 Change

May 4.38 2.22 (49.4) 0.77 0.51 (33.8)
June 5.04 2.30 (54.4) 0.69 0.56 (18.8)
July 4.96 2.11 (57.5) 0.68 0.55 (19.1)
August 5.26 2.06 (60.9) 0.64 0.51 (20.3)
September | 4.65 2.07 (55.5) 0.58 0.41 (29.3)
October 4.47 2.27 (49.1) 0.63 0.43 (31.7)
November | 3.77 2.02 (46.3) 0.68 0.49 (27.9)
December | 3.42 2.08 (39.2) 0.91 0.52 (42.9)
January 3.15 231 (26.6) 0.94 0.56 (40.4)
February 2.91 2.26 (22.3) 0.85 0.65 (23.5)
March 2.51 2.32 (7.6) 0.68 0.70 2.9
April 2.31 2.44 5.3 0.57 0.66 15.8
Average 3.90 2.20 (43.5) 0.72 0.55 (24.0)

Source: EIA Coal News and Market Reports

Figure 124 plots the monthly average CAPP and PRB coakgtialong with the en

peak and ofpeak HOEP .Historically the Panel has not found a claserelation

between the CAPP and PRB prices and HOHBwever, in recent periodbe onrpeak

and offpeak HOEP seesto reflect a combination of the two fuel prite a degree For
example; in mieto-late 2008 when CAPP prices spiked and PRB prices declined slightly,
there was a modest increase in HOEP. From early 2009 ortveeindCAPP and PRB

prices dropped considerably as did the aveld@EP.
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Figure 1-24: Central Appalachianand Powder River Basin Cod&ricesand HOEP,
January 2003 April 2010
($/MWh and $/MMBtu)
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4.5.2 Natural Gas Prices

Natural gas prices, measured by the Henry Hub Spot and Dawn Daily Gastaies
presented in Table-28 for the last two rporting periods.Based on annual averages,
both prices decreased significantly from the 20089 reporting period to the current
20092010 period. The Henry Hub price declined by $3.66/MMBtb(@ percent) while
the Dawn Daily price fell by $3.7/MMBtW@.8 percent) yeasveryear. The largest
yearoveryear price change occurred in June for both Henry Hub and Dailyy which
sawa prices dropof over 60percentfrom the previous JuneAll months of the

20092010 reporting period had equallower monthly average prices when compared to

the same months of ti208/200%eporting period.

% TheHenry Hub is a point on the naturalsgaipelinelocated inErath, Louisianavhile the Union Dawn
Hub is located near Sarnia, Ontario. Henry Hub prices are conVented)S$ to CDN$ on a daily basis
usingtheBnk of Canadaé6s noon exchange rate.
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Table 1-28: Average Monthly Natural Gas Prices
Mayi April 2008/2009 & 2009/2010

($CDN/MMBLtu)
Henry Hub Spot Price Dawn Daily Gas Price
2008/ 2009/ % 2008/ 2009/ %

2009 2010| Change 2009 2010| Change
May 11.25 4.37 (61.2) 11.67 4.81 (58.8)
June 12.88 4.26 (66.9) 13.05 4.47 (65.7)
July 11.34 3.81 (66.4) 11.64 4.05 (65.2)
August 8.67 3.39 (60.9) 8.88 3.53 (60.2)
September | 8.14 3.16 (61.2) 8.05 3.42 (57.5)
October 7.86 4.16 (47.1) 8.15 4.76 (41.6)
November 8.04 3.77 (53.1) 8.43 4.47 (47.0)
December 7.11 5.65 (20.5) 7.80 6.10 (21.8)
January 6.39 6.07 (5.0) 7.26 6.23 (14.2)
February 5.60 5.60 0.0 6.15 5.88 (4.4)
March 4.98 4.37 (12.2) 5.40 471 (12.8)
April 4.30 4.01 (6.7) 4.78 4.45 (6.9)
Average 8.05 4.39 (45.5) 8.44 4.74 (43.8)

Figure 125 plots the monthly average Henry Hub spot price along with thgeak and
off-peak HOEP pricesAs the Panel has observed in the pasivements in gas prise
appear toagughly coincide with movements in the HOEP.
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Figure 1-25: Henry Hub Natural Gas Spot Price and HOEP,
January 2003 April 2010
($/MWh and $/MMBtu)
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5. Imports and Exports
5.1 Overview

Table 129 presents monthly net exports (imports) from (to) Ontario duringeak and
off-peak hours.Ontario remained a net exporter during all months for botipedk and
on-peak, although the magnitude of net exports declil@ffkpeak net exports dropped
377 GWh (5.9 percent) while geak net exports dropped 1,685 GWh {3ercent).
This means that overall net exports dropped 2,062 GWh (18.5 percent) frora@308/
to 20092010. When comparing the current period to the previous periogpeak net
exports dropped in almost all months (except two), whilgetik saw groth in net

exports during the summer and a decline in early 2010.
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Table 1-29: Net Exports (Imports) from (to) Ontario, Off-peak and Onpeak,

Mayi April 2008/2009 & 2009/2010

(GWh)
Off-Peak On-Peak Total
2008/ 2009/ % 2008/ | 2009/ % 2008/ 2009/ %
2009 2010| Change 2009 2010 | Change 2009 2010| Change
May 601 474 (21.1) 470 179 (62.0) 1,070 652 (39.0)
June 507 734 44.8 448 563 25.7 955 1,297 35.8
July 668 838 25.4 494 408 (17.4) 1,163 1,246 7.2
August 655 686 4.7 490 210 (57.1) 1,145 896 (21.7)
September | 344 384 11.7 251 132 (47.1) 594 516 (13.1)
October 415 274 (33.9) 396 105 (73.6) 811 379 (53.2)
November | 363 478 31.7 200 261 30.5 562 738 31.3
December | 553 657 18.9 441 395 (10.4) 993 1,052 5.9
January 634 502 (20.8) 546 301 (44.8) 1,180 803 (31.9)
February 585 286 (51.1) 348 252 (27.6) 932 538 (42.3)
March 657 415 (36.8) 516 205 (60.2) 1,173 621 (47.1)
April 387 262 (32.2) 195 98 (50.0) 582 360 (38.2)
Total 6,368 5,991 (5.9) 4,793 3,108 (35.1) | 11,161 | 9,100 (18.5)

When the market opened in 20@tario was a net importer of energ@ver the years it

has become a net exporter as favourable supply conditions in the province made it less

dependent on imports to meet internal energy needs. As can be seen in2@urel

trend toward increasinget exports has slowed, although Ontario continues to be a

considerable net exporter.
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Figure 1-26: Net Exports (Imports) from Ontario, Ospeak and Offpeak,
January 2003 April 2010
(GWh)
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Table 130 presents total net exports by neighbouring intgmaip for the2008/2009
and2009/2010eporting periodsWhile earlier Table 128 reports total provincial net
exportsignoringlinked wheel volume¢because each linked wheel includes a

simultaneous injection and withdrawal of energy to and from Onthris,netting to

zero, linked wheel volumes are included in the net exports by intertie group calculations
because the import and export legs are scheduled at different intertie groups (i.e. they do

not net to zero at a given intertie).
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Table 1-30: Net Exports (Imports) from (to) Ontario by Neighbouring Intertie

Group
Mayi April 2008/2009 & 2009/2010
(GWh)
Manitoba Michigan Minnesota New York Quebec Total
2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/
2009| 2010| 2009| 2010| 2009| 2010| 2009| 2010| 2009 2010 2009| 2010
May (92) (130) | 1,298 | 649 3 (36) | (232) | 286 93 (118) | 1,070 | 652
June (144) | (133) | 925 1,206 | (30) | (38) | 164 351 39 (88) 955 1,297
July (151) | (161) | 850 1,186 | (25) | (15) | 522 449 (33) | (213) | 1,163 | 1,246
August (166) | (170) | 739 891 (21) |(39) | 620 454 (28) |(239) | 1,145 | 896
September | (136) | (125) | 143 737 (29) | (17) | 567 368 50 (446) | 594 516
October (160) | (164) | 212 612 (35) [ (32) | 705 326 89 (364) |811 379
November | (160) | (141) | 47 517 (38) | (16) | 647 193 67 185 562 738
December | 6 (97) 345 392 18 (27) | 562 217 63 567 993 1,052
January (45)| (110) 300 838| (24)| (33) 902 397 47| (288)| 1,180 803
February (96) (69) 533 905| (22)| (15) 537 104| (19)| (388) 932 538
March (69) | (121)| 1,011| 931| (16)| (22) 260| 144| (14)| (311)| 1173| 621
April (70)| (117)| 505| 367 12| (26) 140| 311 (4)| @74 582 360
Total (1,282)| (1,537)| 6,906 | 9,231 | (207) | (316) | 5,394 | 3,599 | 350 | (1,877)| 11,161 | 9,100

With the exception of Quebet,Ontario was an annual net importer or exporter to a

specific region during th2008/2009eportingperiod,it remained one throughout the

2009/201(period. Ontario went from being an annual net exporter of electricity to
Quebec at 35GWh in2008/20090 being an annual net importer of 1,877 GWh in
2009/2010a yeatto-year difference of 2,527 GWHOntario was a net importer from

Manitoba in every month and the annual net imports from Manitoba increased by 255
GWh (20 percent)Ont ar i 00 s
annual net exports increased by 2,325 GWh (33.7 perdéntixe 2008/2009wvhere

Ontario was sometimes a monthly net importer and sometimes a monthly net exporter to

argest

export

Minnesota, Ontario was a net importer of Minnesota electricity in every month of the

2009/201(Qperiod. This resulted in annual net imports from Miso& increasing by 109

GWh (52.7 percent).

Imports and exports aseparatelyeported in Table-B1 and 132, showing totals for

each intertie over the last two annual periods. The tables alsalsbdowsat each

intertieexcludinglinked wheels ahat intertie.
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5.2 Imports

As reported in Table-B1, total imports fell to 6,786 GWh, a decrease of 2,248 GWh or
25 percent compared to last ye&xcluding linkedwheel transactions, imports were up
by 3 percenin latest 12 month period.

The most signifiant increase in import volumes occurred at the Quebec interties. Total
imports increased by over 633 percent from 466 GWh last year to 3,415 GWh this year
while the year over year percentage increase was even higher (1,179 percent) for import
volumes exluding linked wheels. The volume increase was attributable to the
introduction of the new Quebec DC intertie at Outaouais that was brought partially into
service in July 2009 and fully into service in November 2009, as well as increased
imports at Beauhaois. Total imports at Outaouais represented an additional 1,462 GWh
of Quebec imports compared to the last May to April period while-gearyear imports

at Beauharnois were up by 1,185 GWh (386 percent).

Table 1-31: Imports to Ontario by Intertie,
Mayi April 2008/2009 & 2009/2010

(GWh)
Total Total Excluding Linked Wheels
2008/ | 2009/ % 2008/ 2009/ %
2009 | 2010 | Change 2009 2010 Change
Manitoba 1,359 | 1,562 14.9 1,359 1,562 14.9
Michigan 3,622 | 881 (75.7) 3,616 880 (75.7)
Minnesota 347 416 19.8 347 416 19.9
New York 3,241 | 512 (84.2) 630 381 (39.5)
Quebec 466 | 3,415| 6325 246 3,146 1,178.9
Total 9,034 | 6,786 | (24.9) 6,198 6,385 3.0

5.3 Exports

The decrease in total exports,sa®wnin Table 132 was 4,311 GWh or 21 percent.
Excluding linked wheels, thgecline was 10.8 percent. With the exception of the Quebec
intertie group, total exports were down in May 2009 to April 2010 relative to one year
earlier, although exports excluding linked wheels were higher at the Michigan intertie.

Due to the introduen of the new DC tie at Quebec, total exports were up by 88 percent.
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Total exports at the Outaouais intertie were 1,427 GWh representing 93 percent of total

Quebec export volumes.

Table 1-32: Exports from Ontario by Intertie,
Mayi April 2008/2009 & 208/2010

(GWh)
Total Total Excluding Linked Wheels
2008/ | 2009/ % 2008/ 2009/ %
2009 | 2010 | Change 2009 2010 Change
Manitoba 76 25 (67.2) 76 25 (67.1)
Michigan 10,528 | 10,112| (4.0) 7,698 9,717 26.2
Minnesota 140 100 (28.7) 140 100 (28.6)
New York 8,635 | 4111 | (52.4) 8,629 4,106 (52.4)
Quebec 816 1,538 88.4 816 1,538 88.5
Total 20,196 | 15,885| (21.3) 17,359 15,486 (10.8)

5.4 Congestion at Interties

Congestion refers to economic trade at an intertie being limited by the capacity of that
intertie to support thow of energy. In general, intertie congestion levels tend to

i ncrease at Ont ar i o0 s-julisdidtianal transacsionsairecreadsénoe v ol u n

intertie capability decreases

5.4.1 Import Congestion

Table 133 reports the number of occurrencesmport congestion by month and intertie
group over the last two reporting periodshere were zero hours of import congestion on
either the Michigan or NYISO interties during tA@09/2010eporting period, down

from 15 and 63 hours respectively durihg previous reporting period’hisis

attributable in larg@artto decreaseis import volumes to Ontario from both Michigan
and NYISO, greatly reducing line congestion (see Tati#&)1 Congestion at all other
interties significantly increased as th@wme of imports increased for all three interties.
Hours of import congestion at the Manitoba interface increbg&d5 hours (142

percent) from 504 to 1219 hours, while the import volume over that intertie increased by
14.9 percent. The Minnesota irtterexperienced the most hours of import congestion at
2,523, up from 418 the previous periothis is an increase of 2,105 hours (f@tcen},
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while the total volume of imports over the Minnesota intertie increased by 19.8 percent.
The volume of importsver the Quebec intertie increased by 632.5 pearahivas
accompanied by ancrease the number of hours that experienced import congestion by
255 hours (1,342 percent).

Table 1-33: Import Congestion in the Market Schedule by Intertie,
Mayi April 2008/2009 & 2009/2010

(Number of Hours)
MB to ON Ml to ON MN to ON NY to ON QC to ON
2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/

2009| 2010| 2009| 2010| 2009| 2010| 2009| 2010| 2009| 2010
May 0 101 1 0 6 84 51 0 0 10
June 19 100 3 0 48 146 10 0 0 4
July 6 61 0 0 22 90 1 0 9 69
August 100 147 0 0 15 259 0 0 6 21
September | 10 85 9 0 78 203 1 0 2 107
October 53 54 1 0 57 248 0 0 0 10
November 80 104 1 0 54 203 0 0 1 0
December 14 111 0 0 21 113 0 0 0 0
January 33 241 0 0 10 245 0 0 0 15
February 121 36 0 0 58 237 0 0 0 22
March 61 57 0 0 26 383 0 0 0 7
April 7 122 0 0 23 312 0 0 1 9
Total 504 1219 15 0 418 2,523 63 0 19 274

Figure 227 compares the number of hours of import congestion by intertie group as a
percentage of total import coestion events for th2008/2009and2009/2010eporting
periods®® Minnesota is now the cause of almost two thirds of import congestion while
Manitoba and Quebec make up the remaining thiitte number of import congested
hours skyrocketed from 1,019 2008/2009%0 4,016 in2009/2010Qan increase of 2,997

instances (294 percent).

%t is possible to have more than one intertie import (export) congested during the same hour. For the
purposes of the pie charts above (and in the export congestion section), these are treated as individual
import (export) congestion events.
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Figure 1-27: Percentage of Import Congestion Events in the
Market Schedule by Intertie,
November April 2008/2009 & 2009/2010

(%)
May 2008 to April 2009 May 2009 to April 2010
Total of 1019 Import Congested Events Total of 4016 Import Congested Events
Quebec
Minnesota e 6.8%

Manitoba

41.0% g T New York
9 30.4%

4 6.2%
/ Quebec
1.9%

Michigan
1.5%

)
v/ Minnesota
o
Manitoba 62.8%

49.5%

5.4.2 ExportCongestion

Table 134 provides the frequency of export congestion by month and intertie group for
the2008/2009and2009/2010reporting periodsin comparison t@008/2009 the

number of hours that experienced export congesti@0@9/201dropped for all intertie
groups.except Manitobavhich saw a slight increaseMichigan, Minnesota, and NYISO

all experienced drops in total volume of exports, and corresponding drops in the number
of export congested hour&lthough export volume on the Manitoba intertie dropped by
67.2percent, the number of hours experiencing export congestion increased by 8 hours
(38 percent).Instances of export congestion on this intertie are so infrequent (29
instances) thadomeanomalous occurrences could léadhiscounterintuitive result.

Quebec experienced an increase in the volume of exports of 88.4 percent to a total of
1,538GWh, yetlsosaw a decrease in export congested hours from 1,375 to 394 hours
(71 percent drop)This drop despite an increase in export voluroan be explainely

the opening of new intertie transmissiawilities during the2009/201Qeporting period,

thus allowing for more power to flow between the two jurisdictions at a given time.
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Table 1-34: Export Congestion in the Market Schedule by Intertie,
Mayi April 2008/2009 & 2009/2010

(Number of Hours)
ON to MB ON to MI ON to MN ON to NY ON to QC
2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/

2009| 2010| 2009| 2010| 2009| 2010| 2009| 2010| 2009| 2010
May 0 0 243 | 47 47 9 162 | 125 |300 |75
June 0 0 153 |[215 |9 3 233 [340 | 203 |95
July 0 0 129 |225 |13 21 348 [330 [101 |18
August 0 0 131 |81 25 4 391 |185 |75 14
September | O 0 30 52 7 150 | 297 [132 |181 |3
October 0 0 13 26 14 56 235 |69 153 |0
November | O 9 40 155 |18 127 | 103 |35 37 77
December | 12 7 54 47 102 | 46 82 15 31 102
January 0 10 6 53 9 26| 258| 106 71 8
February 0 1 1 44 12 45 50 3 27 1
March 3 1 205 36 80 12 27 1 46 1
April 6 1 297 0 238 7 4 53 150 0
Total 21 29 | 1302 | 981 | 574 | 506 | 2190 | 1394 | 1375 | 394

Figure 128 compares the percentage of export congestion eveirtsdoie group for the

last two reporting periods. NYISO remained the largest contributor to instances of export
congestion, Quebec showed congestion share decline, while Michigan and Minnesota had
modest increases in sharEhe number of export congestedtances dropped from

5,462 in2008/20090 3,304 in2009/2010a drop of 2,158 instances (39.5 percent).

Figure 1-28: Percentage of Export Congestion Events in the
Market Schedule by Intertie,
November April 2008/2009 & 2009/2010

(%)
May 2008 to April 2009 May 2009 to April 2010
Total of 5,462 Export Congested Events Total of 3,304 Export Congested Events
Manitoba Manitoba
0.4% Quebec 0.9%
11.9% 3
Quebec Michigan
25.2% 23.8%
Michigan
29.7%
“«
D | \
/' Minnesota \
10.5%
/ New York \
N/ 22%

Minnesota

New York 153%

40.1%

PUBLIC 71



Market Surveillance Panel Report Chapter 1
November2009i April 2010

5.4.3 Congestion Rent

Congestion rent occurs as the result of different prices faced by importers and Ontario
load, or exporters and Ontario generation. These price differences are induced by
congestion at the interties, with importers and exporters recavipgying the intertie

price, and Ontario generators and loads receiving or paying the uniform Ontario price
(either the interval MCP or HOEP). When there is export congestion and exporters are
competing for the limited intertie capability, the integirece rises above the Ontario

price, and congestion rent is collected from the exporters. When there is import
congestion, the intertie price falls below the Ontario price, and congestion rent is the

result of the lower price paid to importers, relativette uniform price.

Tables 135and 136 report the congestion rent for the five intertie groups comparing the
20082009 and20092010 reportingperiods. Congestion rent is calculated as the MW of

net import or net export that actually flow (i.e. theswained schedule) multiplied by

the price difference between the congested intertie zone in Ontario and the uniform price.
This represents a cost to traders, either in the form of a congestion price premium paid for
exports or the reduction in the paymhéor imports. However, traders that have

transactions in the opposite direction to the congested flow may actually benefit from
these differentials. For example, an import on an export congested intertie would receive
a higher payment than HOEP becaokthe higher intertie price. Similarly, an export on

an import congested intertie would pay a lower price than the HOEP. Such dtawser

in the constrained schedule can induce negative components in the congestion rent as

occasionally observed below

Table 135 indicates thabtal congestion rent for impoevents droppe&608,000 (or 46
percent), from 2008/2009 level¥he New York intertie was almost solely responsible
for the overall drop, with virtually no congestion rent in 2009/2010, doam frver $1.3
million in 2008/2009.This drop can be easily explained by the zero hours of import
congestion on the New York intertie as shown in TaBd3.1Michigan was the only
other intertie to experience a drop in congestion rent to almost zero daénburs of

import congestion. All other interties saw congestion rent increase, the largest of which
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occurred on the Quebec intertie where the congestion rent increase was $351,000 (702

percent). The Minnesota intertie remained the only jurisdictiathwmegative import

congestion rent, although the total amount nearly halved.

Mayi April 2008/2009 & 2009/2010

Table 1-35: Import Congestion Rent by Intertie,

(% thousands)
MB to ON MI to ON MN to ON NY to ON QC to ON Total
2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/
2009| 2010| 2009| 2010| 2009| 2010| 2009| 2010| 2009| 2010| 2009| 2010
May 0 5 (1) 0 9) (8) 931 |0 0 0 922 | (4)
June 46 75 6 0 (75 | 58 386 |0 0 0 363 | 133
July 6 53 0 0 (38 |13 2 0 16 58 (14 | 124
August 163 |51 0 0 1w | |o 0 30 42 176 | 72
September | 7 28 21 0 (130 | 14 0 0 2 178 | (100 | 220
October 21 66 1 0 (100 | (139 |0 0 0 16 12 (52
November 1 53 1 0 (20) (16) 0 0 2 0 (16) 37
December | 2 (3 0 0 3 3 0 0 0 0 5 0
January 17 38 0 0 8 22 0 0 0 27 25 86
February (11 7 0 0 8 (37 0 0 0 44 (©)] 15
March (25) 13 0 0| @) | (59 0 0 0 13| (46| (33
April 6 91 0 0 (4) 5 0 0 0 23 2 119
Total 233 | 478 28 0 (305 | (161) | 1,319 O 50 401 | 1,326 | 718
As can be seen from Table36, btal export congestion remtas alsaconsiderately
lower this periodatjust over$26 million, representing reduction oalmost$40 million
or 60 percentAll interties saw at least some reduction in export congestion rent, the
smallest being a 10 percent decline and the largest a 69 percent declineoiridiies
with a reduction in the number of hours experiencing export congestion at all interties,
except Manitoba (see Table3#).
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Table 1-36: Export Congestion Rent by Intertie,
Mayi April 2008/2009 & 2009/2010

(% thousands)
ON to MB ON to Ml ON to MN ON to NY ONto QC Total
2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/
2009| 2010| 2009| 2010 2009| 2010| 2009| 2010 2009| 2010| 2009| 2010
May 0 0 8,700 | 549 86 1 741 1,521 | 492 38 10,019| 2,109
June 0 0 6,351 | 3,300 | 6 1 3,997 | 2,861 | 328 436 10,682 6,597
July 0 0 4,389 | 3,465 | 11 17 5,946 | 1,987 | 122 2 10,468 5,470
August 0 0 2,757 | 1,047 | 19 2 6,098 | 1,105 | 102 30 8,976 | 2,184
September | O 0 200 424 4 50 4,087 | 637 205 2 4,496 | 1,113
October 0 0 52 177 5 13 2,507 | 279 346 0 2,910 | 469
November 0 51 467 2,267 | 10 89 952 225 51 110 1,480 | 2,741
December | 68 6 718 248 424 42 2,600 | 130 39 894 3,849 | 1,319
January 0 5 27| 1,183 20 26| 4,098 950 43 25| 4,188| 2,189
February 0 0 5 914 6 21 427 22 16 7 454 964
March 1 0| 3,238 536 95 4 219 0 48 1| 3,601 541
April 1 0| 4,164 0 174 1 23 381 119 0| 4,481 382
Total 69 62 | 31,068| 14,109| 860 266 | 31,695| 10,097| 1,911 | 1,544 | 65,604 | 26,079

There are several factors which can influence congestion rent since it is based on both the
magnitude of actual imports or expoatsthe intertie and the Intertie Congestion Price

(ICP). ICP is the difference between the uniform Ontario gH&@EP)and the intertie

zonal price It depends on the price of the marginal import or export at the intertie,

relative to the marginal resme within Ontario in the unconstrained scheduling process.
The magnitude of the actual import or export flow is dependent on:

i) the maximum capability of the intertie,

1)) temporary reductions in the intertie capability,

iii) loop flows, which use up part of, od@to, the intertie capability,
iv) import or export failures, and

V) constraineebn or constrainedff imports or exports.

Congestion rent can be viewed as the risk that an importer may be paid less than the
Ontario uniform price or an exporter may pay moretthee uniform price. To hedge the
risk, the IESO makes available Transmission Rights (TR) which compensates the TR

holder for differencebetweerthe intertie and uniform prise In previous reports the
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Panel has observed that TR patsgenerally exceedongestion rent received by the

IESOand we examine this issue in more detail in Chapter 3 of this f8port

Tables 137 and 138 show TR pagutsby intertie for each month of trf#08/200%nd

2009/2010 reportingeriods, separately for import congestevents and export

congestion eventsTR payouts for imports totalled $5nGillion, which isup more than

$1.2 million (29 percent) over the previous period. While payouts on the Michigan and

New York interties declined to zero, the remaining threatisesaw increases in TR

payouts. The largest absolute increase of over $1.2 million occurred on the Manitoba

intertie where hours of import congestion more than doubled (TaR®. JAugust was
the month with the highest import TR payouts ($861,00®p#s Minnesota and

Manitoba had abnormally high instances of import congested hours.

Table 1-37: Monthly Import Transmission Rights Payments by Intertie,
Mayi April 2008/2009 & 2009/2010

(% thousands)
MB to ON Ml to ON MN to ON NY to ON QC to ON Tota
2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/
2009| 2010 2009| 2010| 2009| 2010 2009| 2010 2009| 2010| 2009| 2010
May 0 451 2 0 8 77 860 0 0 1 870 528
June 182 363 15 0 102 107 393 0 0 0 692 471
July 39 277 0 0 36 104 4 0 59 26 138 408
August 517 562 0 0 26 265 0 0 37 34 580 861
September | 100 236 44 0 184 84 0 0 3 218 331 537
October 209 161 1 0 61 173 0 0 0 23 271 358
November 526 378 1 0 93 160 0 0 3 0 623 538
December 47 214 0 0 30 82 0 0 0 0 77 296
January 71 470 0 0 19 147 0 0 0 44 a0 661
February 293 38 0 0 65 99 0 0 0 44 358 181
March 252 75 0 0 27 206 0 0 0 10 279 292
April 26 273 0 0 16 172 0 0 0 33 27 478
Total 2,262 | 3,498 63 0 667 1,677 | 1,257 0 102 434 | 4,336 | 5,609

As presented in Table38, btal TRpayoutsfor exports were $2.8million, which is65

percent lower thathe priorperiod. As with export congestion rent, expbiR payouts

dropped at all interties due primarily to the reduction in total hours of export congestion

across all interties with the excegtiof export congestion at Manitoba (Tabi84). The

Vsee t

he

Panel 6s

January

2009

Monitoring

PUBLIC

Report,

75

P .



Market Surveillance Panel Report Chapter 1
November2009i April 2010

largest percentage drop by jurisdiction was New York at 76 percent, while the smallest

was Manitoba at 22 percent.

Table 1-38: Monthly Export Transmission Rights Payments by Intertie,
Mayi April 2008/2009 & 2009/2010

(% thousands)
ON to MB ON to Ml ON to MN ON to NY ON to QC Total
2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/ | 2008/ | 2009/

2009| 2010 2009| 2010| 2009| 2010| 2009| 2010| 2009| 2010 2009| 2010
May 0 0 6,342 | 537 87 12 4,958 | 1,995 | 684 71 12,071 | 2,615
June 0 0 6,474 | 3,332 | 6 3 9,994 | 4,702 | 512 507 16,986 | 8,545
July 0 0 4,582 |3,830 |13 17 13,011 | 3,249 | 184 3 17,790 | 7,099
August 0 0 3,367 1,228 | 20 2 9,551 | 920 126 40 13,064 | 2,190
September | O 0 481 509 8 647 6,010 | 665 246 3 6,745 | 1,823
October 0 0 59 187 93 41 3,146 | 300 406 0 3,704 | 528
November | O 49 740 3,941 | 70 225 1,005 | 136 70 82 1,884 | 4,433
December | 81 7 2,665 | 590 944 224 5,523 | 151 40 583 9,254 | 1,556
January 0 14 49| 1,036 45 31| 3,541 1,140 47 20| 3,683| 2,241
February 0 1 4 725 36 174 465 16 18 8 523 925
March 8 0 5,327 476 206 25 256 0 129 1| 5,925 503
April 2 0 993 0 533 10 5 349 317 0| 1,849 359
Total 91 71 31,083 | 16,391 | 2,061 | 1,412 | 57,465| 13,623 | 2,779 | 1,318 | 93,478 | 32,815

Tables 139 and 140 provide thesum of monthly Intertie Cogestion Prices (ICPs) by
intertie for imports and exports respectivélyThe ICP represents the difference in the
intertie price and the uniform price, which is ttangestion renfandthe basis fomfR

payouts) The sum of the ICPs represents the arhthat the IESO has received over the
month (or year) from intertie traders who are faced with costs during hours of congestion.
The cumulative ICPs for imports were generally higher for the recent annual period
compared to the year before, particulayhe Minnesota intertie, where the cumulative
ICP increased by 160 percent from $8,191/NM®éar to $21,328/M\Wyear. This is

consistent with the observed increase in hours of congestion at the Minnesota intertie as
shown in Table B2 above. CumulativeClPs for exports fell at most interfaces this year
compared to last year with the most significant declines occurring at the Michigan (63
percent decline), New York (69 percent decline), and Quebec (74 percent decline)

interties.

““Monthly observations denoted as 6n/ a6 represent
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Table 1-39 Monthly Cumulat ive Import Congested Prices by Intertie,
Mayi April 2008/2009 & 2009/2010
($/MW -Month and $/MW-year)

MB to ON MI to ON MN to ON NY to ON QC to ON |
2008/ 2009/ 2008/ 2009/ 2008/ 2009/ 2008/ 2009/ | 2008/ 2009/
2009 2010 2009 2010 2009 2010 2009 | 2010 2009 2010
May n/a 2,0025 |14 n/a 88.6 1,149.2 | 801.7 n/a n/a 16.9
June 760.3 1,780.6 | 13.1 n/a 1,202.4 | 1,603.2 | 366.0 n/a n/a 21
July 162.7 1,238.8 | n/a n/a 425.0 1,153.6 | 3.9 n/a 195.4 43.8
August 2,297.1 | 2,753.2 | nla n/a 311.6 2,949.3 | n/a n/a 58.6 74.0
Septembe 442.4 1,1545 | 30.2 n/a 2,161.3 | 1,401.3 |04 n/a 5.0 481.4
October 869.8 790.1 0.9 n/a 717.4 2,662.4 | n/a n/a n/a 63.9
November |1,970.2 | 1,696.2 | 1.1 n/a 1,088.7 | 2,465.4 | nla n/a 5.0 n/a
December | 178.6 954.0 n/a n/a 354.5 909.6 n/a n/a n/a n/a
January 3779 1,842.4 n/a n/a 225.1| 1,635.3 n/a n/a n/a 92.5
February 1,567.4 218.8 n/a n/a 969.5| 1,101.1 n/a n/a n/a 69.9
March 1,346.6 434.8 n/a n/a 405.1| 2,372.1 n/a n/a n/a 13.7
April 116.1| 1,461.8 n/a n/a 2415| 19251 n/a n/a n/a 52.3
Total 10,089.0| 16,327.6| 467 0.0 8,190.6| 21,327.5| 1,172.1| 0.0 2640 910.5
Table 1-40- Monthly Cumulative Export Congested Prices by Intertie,
Mayi April 2008/2009 & 2009/2010
($/MW -Month and $/MW-year)
ONtoMB | ON to MI |  ONtoMN | ON to NY | ONtoQC |
2008/ | 2009/ 2008/ 2009/ 2008/ 2009/ 2008/ 2009/ 2008/ 2009/
2009 2010 2009 2010 2009 2010 2009 2010 2009 2010
May n/a n/a 4,841.4 | 402.9 621.5 87.8 3,784.8 | 2,102.3 | 7,667.5 | 831.3
June n/a n/a 4,942.0 | 2,353.1 | 44.6 21.0 7,628.9 | 5,538.7 | 6,021.9 | 5,969.3
July n/a n/a 3,398.9 | 2,637.9 | 949 121.8 12,705.8| 3,900.1 | 2,167.6 | 44.2
August n/a n/a 2,497.8 | 673.9 143.4 11.3 9,327.4 | 1,365.3 | 1,485.9 | 64.0
September | n/a n/a 435.0 334.8 57.7 4,619.9 | 5439.0 | 862.1 28946 | 4.1
October n/a n/a 53.4 132.1 664.7 818.4 2,846.7 | 367.2 4,777.6 | nla
November | n/a 2,040.8 | 757.8 3,481.0 | 4975 4,505.3 | 981.3 250.1 702.9 421.8
December | 311.5 | 40.4 2,879.3 | 340.9 6,746.0 | 1,601.2 | 5,393.6 | 179.4 440.4 793.1
January n/a 53.2 354 670.0 322.0 224.7| 3,231.2| 1,236.8 474.4 26.6
February n/a 9.0 3.0 418.0 341.0| 1,245.0 397.4 18.8 183.7 10.8
March 50.0 1.0| 4,652.2 274.6| 1,945.9 180.4 223.2 0.2| 1,293.8 0.9
April 10.6 12| 7,042.4 n/a| 5,030.2 69.8 16.3 502.5| 3,725.0 n/a
Total 372.1| 2,145.5 | 31,538.6| 11,719.2| 16,509.3| 13,506.6| 51,975.4| 16,323.4| 31,835.3| 8,166.2
Chapter3presesit a mor e detail ed examination of

market since market opening. Congestion patterns, ownership characteristics, and

funding issues are presentedSection 3.3.A detailed comparison of auction prices

relative to TR payoutat each individual intertie (and direction) and a discussion on

informational inefficiencies in the TR market are provided in the Appendix to Chapter 3.
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5.5 Wholesale Electricity Prices in Neighbouring Markets

5.5.1 Price Comparisons

Table 341 provides averagehdesalemarket prices for Ontario and neighbouring
jurisdictions over the last two reporting periofsFor several years, energy prices in
Ontario have generally been the lowest of the five jurisdictidis trend continued in
the2009/2010Qreporting @riod. Ontario had the lowest average overall price by
$2.14/MWh, the lowest epeak price by $1.57/MWh, and tlewvestoff-peak prices by
$1.86/MWh. All prices, both on and ofpeak, in all jurisdictions dropped significantly in
2009/201compared t®008/2009average price levelsAll prices sawan annual
average pricelecreasef 26 percent or greater, with most experiencing a fall between 35
and 45 percentOverall, the averagannualprice for all five jurisdictions dropped 38.7
percent to $34.70/MW. TheNew Englandinternal Hub pricaleclined the most,
althoughthey had by far the highest prices to begin \aitldtheir prices still remain the

highest of the five jurisdictions.

Table 1-41: Average HOEP Relative to Neighbouring Market Prices,
Mayi April 2008/2009 & 2009/2010

(SCDN/MWP)
All Hours On-peak Hours Off-peak Hours

2008/ | 2009/ | % 2008/ | 2009/ % 2008/ | 2009/ | %

2009 2010 | Change | 2009 2010 Change 2009 2010 | Change
Ontario - HOEP 4461 | 28.30 | (36.6) | 57.05| 34.10 | (40.2) | 34.37 | 23.44 | (31.8)
MISO i ONT 4535 | 30.44 | (32.9) | 58.78 | 3659 | (37.8) | 34.32 | 25.30 | (26.3)
NYISO i Zone OH | 55.27 | 32.14 | (41.8) | 62.70 | 35.67 | (43.1) | 49.21 | 29.23 | (40.6)
PIM i IMO 60.91 | 37.84 | (37.9) | 73.50 | 42.66 | (42.0) | 50.67 | 33.79 | (33.3)
NG B EITET 77.00 | 44.79 | (41.8) | 85.80 | 4893 | (43.0) | 69.62 | 41.33 | (40.6)
Internal Hub
Average 56.63 | 34.70 | (38.7) | 67.58 | 39.59 | (41.4) | 47.64 | 30.62 | (35.7)

“2To make these figures more comparable, all dollar values havebeeerted to Canadian dollars using

the daily noon exchange rate published by the Bank of Canada. However, caution should be used when
comparing market prices across jurisdictions due to their differing market designs and payment structures.
For examplen Ontario, the Global Adjustment and various uplift charges represent actual charges not
reflected in the average HOEP. Other jurisdictions, such as ISO New Endl@ndYork 1ISO and PJM,

have various capacity market designs that require consumerg ¢tajpecity charges.
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Figures 129to :31c ompar e mont hly average prices
jurisdictions for the current reporting period, for all hourspeak hours, red off-peak

hours respectivelyThe Richview shadow price is also shown since it is generally
regarded as a more accurate indicator of the marginal cost of incremental output,
particularly in southern OntaridViost noticeable in these figures is the lstigpward

trend in prices since May 2009 and the relative convergence of prices by the end of the
currentperiod. Since prices in the current reporting period were well below previous
period averages, it is not surprising that prices rebounded somewthatatter part of

theperiod.

Ontario HOEP experienced no major diversions from other jurisdatfmices. Only

New England, and to axtent PJM, diverged considerably from greup These two
jurisdictions were almost always the most expensigsns and saw prices soar above

the other jurisdictional prices from November to Marélithoughthe average annual
HOEP waganaterially lower than all other jurisdictions, there were three occasions when
themonthly HOEP wasigherthanthe average pric@ a neighbouringurisdiction
(excluding Richview).Such instances occurred once in each of August (MISO),
February (NYISO), and April (MISO).
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Figure 1-29: Average Monthly HOEP and Richview Shadow Price Relative to
Neighbouring Market Prices, All Hurs,
May 2009 April 2010
($CDN/MWh)
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Figure 1-30: Average Monthly HOEP and Richview Shadow Price Relative to
Neighbouring Market Prices, OfPeak,
May 2009 April 2010
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Figure 1-31: Average Monthly HOEP and Richview Shadow Price Relative
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Chapter 2: Analysis of Market Outcomes

1. Introduction

The Market Assessment Unit (MAU), under the direction of the Market Surveillance
Panel (MSP), monitors the market for anomaleuents and behaviour. Anomalous
behaviours are actions by market participants or the IESO that may lead to market

outcomes that fall outside of predicted patterns or norms.

The MAU monitors and reports to the Panel both high andplioged hours as wiehs

other events that appear anomalous given the circumstances. The Panel believes that an
explanation of these events provides transparency with respect to why certain outcomes
occurred in the market, leading to learning by all market participants. résult of this
monitoring, the MSP may recommend changes to Market Rules or the tools and

procedures that the IESO employs.

On a daily basis, the MAU reviews the previo
not only to discern anomalous events babdb review:

e changes in offer and bid strategieloth price and volume;

¢ the impact of forced and extended planned outages;

e import/export arbitrage opportunities as well as the behaviour of traders;

¢ the appropriateness of uplift payments;

e the applicatio of IESO procedures; and

e the relationship between market outcomes in Ontario and neighbouring markets.

The daily review process is an important part of market monitoring. This daily review
often leads to identification of anomalous events that maydoeised with the relevant
market participants and/or the IES®he daily reviews may also lead to more detailed
examinations or formal investigations related to abuse of market power, gaming or

efficiency issues.
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The Panel defines higbriced hours as Bhours in which the HOEP is greater than
$200/MWh and lowpriced hours as all hours in which the HOEP is less than
$20/MWh* including negativepriced hours.

There was one hour during the latestmsignth review period, November 2009 through
April 2010,where the HOEP was greater than $200/MWh. Section 2.1 of this Chapter

summarizes the event and factors contributing to the relatively high HOEP.

Between November 2009 and April 2010, there were 460 hours in which the HOEP was
less than $20/MWh includin26 hours where the HOEP was negative. Section 2.2 of

this Chapter reviews the factors typically driving prices to low levels in these hours.

In the January 2009 Monitoring Report, the Panel refined the indicators of anomalous
uplift as payments in exse of $500,000/hour for Congestion Management Settlement
Credits (CMSC) or Intertie Offer Guarantees (I0G) and $100,000/hour for OR payments.
Daily payments of $1,000,000 for CMSC or 10G in the intertie zones are also considered
anomalou$? During the stdy period, there was one hour with OR payments greater

than $100,000 and one hour with daily CMSC greater than $1,000,000 at a single intertie.
The anomalous uplift hour associated with the high OR payment occurred on the same
hour as the high price hoand is reviewed as part of Section 2.1. The anomalous uplift
event associated with the high daily CMSC is reviewed in Sectidrit3s Chapter

2. Anomalous HOEP

2.1 Analysis of High Price Hours

The MAU reviews all hours where the HOEP exceeds $200/MWie objective of this

review is to understand the underlying causes that led to these high prices and to

“3 Depending on fuel prices, $200/MWh is roughly an upper bound for the cost of a fossil generation unit
while $20/MWh is an approximate lower bound for the cost of a fossil unit.
““See the Panel 6s January-18009 Monitoring Report, pp.
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determine whether further analysis of the design or operation of the market or of market

participant conduct is warranted.

Table 21 depicts the totalumber of hours per month where HOEP exceeded
$200/MWhduring the winter period since 20@607. There was one hour between
November 2009 and April 2010 where HOEP exceeded $200/MWh. This was lower than
the 8 high HOEP hours observed for the same sixtimperiod one year earlier and

identical to the number of high HOEP hours that occurred during theZ80J6and

20072008 periods.

Table 2-1: Number of Hours with a High HOEP
November to April 2006/071 2009/10,
(Number of Hours)

Number of Hours with HOEP >$200/MWh

20062007 | 20072008 | 20082009 | 20092010
November | O 0 0 0
December | 0 0 2 0
January 0 0 3 1
February 0 1 2 0
March 0 0 1 0
April 1 1 0 0
Total 1 1 8 1

In previous reports, we have noted that a HOEP greater than $200/MWh typicalig o
during hours when at least one of the following occurs:

¢ reakttime demand is much higher than the-gigpatch forecast of demand;

e one or more imports fail redilme delivery; and/or

e 0ne or more generating units that appear to be available-tigpach become

unavailable in realime as a result of a forced outage or derating.

In addition, a significant increase in net exports in the unconstrained sequence from one
hour to the next can place additional upward pressure on the market clearir{yiQite

in the first few intervals, thereby increasing HOEP for that h&mikes in the MCP in

the first few intervals of an hour in which net exports increase became more pronounced

after the assumed ramp rate in the unconstrained sequence was reducEzltivdhree
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in September 2007The change in the assumed ramp rate removed some of the fictitious
energy supply that the unconstrained sequenc
increased export demand at the beginning of the hblis led to hjher MCPs in the

first intervals of hours in which net exports were increaSing.

Each of the factors discussed above has the effect of tightening thieneealipply
cushion relative to the pdispatch supply cushion. Spikes in HOEP above $200/MWh
aremost likely to occur when one or more of the factors listed above cause theneeal

supply cushion to fall below 10 percéfit.

2.1.1 January 2, 2010 HE 18

On January 2, 2010 HE 18, the HOEP was $505.94/Mi4ctors that contributed to the
price spike includd an outage at a fos$ited generation facility, demand unef@recast,
andsignificant amounts of unoffered capacity.

Table 22 lists the reatime and predispatch information for HE 18 on January 2, 2010.
The MCP reached $1,998.00/MWh during s 5 and 6 of HE 18fter gradually
increasing from $137.00/MWh in interval The MCP remained above $175.00/MWh
for all subsequent intervals in the hour. Riale demand came in 413 MW heavier, on

average, than forecast in ptesspatch while therevere no net export failures in HE 18.

“For more details, see the Pan®bo6s July 2008 Monitori
“The Panel 6s Mar ch 20 0-36nMedihatt supply cughioR levpeothan 10 paycent 1 1

was more likely to be associated with a price spike. The Panel tegganting a revised supply cushion

calculation in its July 2007 Monitoring Report, pp-&B. It remains the case, however, that when the

supply cushion is below 10 percent, a price spike becomes increasingly likely.
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Table 22: One-hour Ahead PD and RT MCP, Ontario Demand and Net Exports,

January 2, 2010, HE 18

($/MWh and MW)
PD RT Ontario

Delivery PD RT Ontario | Ontario | Demand | PD Net | RT Net | RT

Hour Int | MCP MCP Diff Demand | Demand Diff Exports | Exports | Diff
18 1 50.80 137.00 86.20 19,651 19,525 (126) 1,087 1,087 0
18 2 50.80 175.81 125.01 19,651 19,777 126 1,087 1,087 0
18 3 50.80 205.01 154.21 19,651 19,926 275 1,087 1,087 0
18 4 | 50.80 225.34 174.54 19,651 20,001 349 1,087 1,087 0
18 5 50.80| 1,998.00| 1,947.20] 19,651 20,180 529 1,087 1,087 0
18 6 50.80| 1,998.00| 1,947.20] 19,651 20,177 526 1,087 1,087 0
18 7 50.80 240.14 189.34 19,651 20,182 531 1,087 1,087 0
18 8 50.80 240.13 189.33 19,651 20,219 567 1,087 1,087 0
18 9 50.80 225.35 174.55 19,651 20,234 582 1,087 1,087 0
18 10 | 50.80 225.34 174.54 19,651 20,222 570 1,087 1,087 0
18 11 | 50.80 225.34 174.54 19,651 20,216 565 1,087 1,087 0
18 12 | 50.80 175.81 125.01 19,651 20,109 458 1,087 1,087 0
Average 50.80 505.94 455.14 19,681 20,064 413 1,087 1,087 0

Demand Forecast Error

Pre-dispatch forecasts of Ontario DemandiE 18 beginning in the first prdispatch
run dayaheadanged between 19,290 MW and 19,651 MW ¢boar ahead). In real
time, Ontario demand w&g,064MW as siown in Table 2 above which was over 400

MW (2.1 percent) higher than the forecast of demanehaue earlier. The under

forecast of demand was mainly due to cooler than anticipated tempevatickglaced
additional pressure on the reéahe HOEP.

Tight Supply Conditions in Re@ime

January 2, 2010 fell on a weeken@oing into January 2, 20106nly onenuclear unit

and two fossil units were on forced outage representing approximately 1,500 MW of

unavailable capacityAs is often the case on wesid days, numerodsssitfired units

initially submitted energy offers degheadbut eventually removed their offens

advance of redime as they were not being scheduled ingispatch.

As shown above, the MCP jumped from $225.34/MWh interval 41838.00/MWh in
interval 5. Figure A illustrates the redime offers available from generators for HE 18

on January 2, 2010. Above $200/MWh, there was less than 400 MW of available energy
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offers, some of which were accompanied with operating reséfers and eventually
selected to fulfill the |1 ESO6s operating

Figure 2-17 Reattime Energy Offer Curve
January 2, 2010, HE 18
($/MWh)
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Fossil Unit Deratings
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As is often the case when the HOEP increases above $200/MWh, geneamndtmriages
were a factor in the price spike on January 2, 2010 HE 18. Three units at-&resil
generating facility were forced derated by almost 500 MW at the end of HEEhESe
deratings occurred shortly after startlipe outagdasted for appnamately 90 minutes.
The units were scheduled for a combined 550 MWME 18in predispatch but due to
the forced derating were only able to produce 60 MW intresd.
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Supply Cushion

The realtime supply cushion was slightly less than 2 perceR&mnL8 confirming there

was little excess supply to meet demand in the hour. Théaureahead prdispatch

supply cushion as also small at 2.3 percent.

Energy and OR MCPs

Table 23b e |

mentionedabove, energy prices were very high during these hours due to a combination

ow presents

ener gy

and

opemBaAsi ng

of demand forecast error, tight supply conditions, fasdil unitderatings Energy MCP

increased to $1,998.00/MWh in intervals 5 and 6 due to a combinatinareésing

demand in the hour and ramping limitations of a fossil unit. As shown in Tdble 2

above, RT Ontario Demand was steadily increasing throughout the first half of HE 18
from 19,525MW in interval 1 to 20,180 MW in interval 5 and 20,177 MW in inteI6.

This increase in Ontario Demand placed additional upward pressure on prices. Secondly,

a 440 MW fossil unit was ramping up in HE 18 and based on ramp characteristics, was

unable to reach maximum output in the unconstrained schedule until thaibgg@hHE

19.

Table 231 Energy and Operating Reserve MCPs

January 2, 2010 HE 18

($/MWh)

Delivery Interval Energy Marginal 10N 10S 30R

Hour MCP |Resource (Energyy MCP MCP MCP
18 1 137.00 Hydro 75.00 75.00 75.00
18 2 175.81 Hydro 100.00f 100.00| 100.00
18 3 205.01 Hydro 100.00f 100.00| 100.00
18 4 225.34 Hydro 100.00f 100.00 99.91
18 5 1,998.00( Dispatchable Loa| 1,998.00{ 1,998.00| 1,998.00
18 6 1,998.00( Dispatchable Loal 1,998.00{ 1,998.00| 1,998.00
18 7 240.14 Hydro 100.00f 100.00 99.91
18 8 240.13 Hydro 100.00| 100.00 99.91
18 9 225.35 Hydro 100.00f 100.00 99.91
18 10 225.34 Hydro 100.00f 100.00| 100.00
18 11 225.34 Hydro 100.00f 100.00| 100.00
18 12 175.81 Hydro 100.00f 100.00| 100.00
Average 505.94 414.25| 414.25( 414.22
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At the beginning of HE 18, the Midinterval Optimizer (MIO)ndicateda 30-minute
operating reserve shortfatl themiddle of thehour suggesting tight OR supply
conditions The IESO cub0 MW of exportsin interval 6 and an additional 479 MW of
exports beginning intervaltd address krge negative Area Control Error (ACE)-of

400 MW. TheTLRIi source codevasapplied to thesexportcurtailmens and therefore
had no impact on thenconstrained schedule aHOEP. The average hourlYOR price
exceeded $400.00/MWh for all OR categoaesl OR MCP reached a maximum of
$1,998/MWh during intervals 5 andwhich was identical to the energy MCFhis is
indicative of OR shortage conditions in the middle two intervals of HEAE3noted in a
previous Panel report, the OR MCP is set equtlédEnergy MCP wheavailable
resources (including available CAOR) are not sufficient to meet the OR Requif€fffent.
Due to the high OROM@AmEsnN HEN18exdeaded$100,000 t ot al
which constitutes an anomalous CMSC event. In summpaices were reflective of

tight supply/demand conditions at the time.

2.2 Analysis of Low Price hours

Table 24 below presents the number of hours when the HOEP was less than $20/MWh
(low HOEP) or negative by month over the last four November to Apiibger The

total number of hours with a low HOEP declined over the latest winter period by 229
hours (33 percent) relative to the same mont2008/2009 The largest monthly

decline occurred in April 2010 where the number of low price hours fell byy@5& (71
percent). Although there was a significant drop in low price hours this winter, the total is
noticeably higher than those observed in the 285/ and 20022008 periods.

“"In times of a reserve shortfalhe operating reserve price is the greater of the highest priced reserve offer
or the energy price for the intervahtip://www.ieso.ca/imoweb/pubs/training/ ORGuide,uif7)

“8The IESO $ permitted to run short of 3@inute operating reserves if it is anticipated to last less than 4
hours. For more details, Market Manual 7: System Operations, Section 7.4 available at
http://www.ieso.ca/imoweb/pubs/systemOps/so_GridOpPolicies.pdf
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The number of hours when the HOEP was negative has also decreasedtériseldtive

to last winteras shown ifrable 23 below. There were 26 negative price hours this

winter, which is down from 219 hours (88 percent) last winter. Many of the negative

price hours last year were attributable to transmission line outatiesidéw York

interface, which led to a significant reduction in the export capability at both the

Michigan and New York interties. No such outages were scheduled in 2010 so fewer

instances of a negative HOEP were observed over the recent period.

Table 2-4: Number of Hours with Low and Negative HOEPs

November to April 20062007 i 20092010

(Number of Hours and %)

Hours when HOEP<$20/MWh Hours when HOEP<$0/MWh

2006/ 2007/ 2008/ 2009/ 2006/ 2007/ 2008/ 2009/

2007 2008 2009 2010 2007 2008 2009 2010
November 25 10 31 181 0 0 0 16
December 103 78 62 50 3 0 5 0
January 18 59 25 11 0 0 0 1
February 0 30 25 2 0 4 0 0
March 0 0 192 112 0 0 58 0
April 43 84 354 104 0 1 156 9
Total 189 261 689 460 3 5 219 26

As outlined in previous Panel repgrtheprimary factors leading to a low (or negative)
HOEP are identified 4%

e Low market demand

e Abundant low price supplfi.e. nuclear, baseload hydro, sstheduling and

intermittent generation, fossil generation up to minimum loading point, and other

hydrogeneration offering energy at prices less than $20/MWh).

Additional factors include:

¢ Demand deviation: the forecast demand that is used in PD is typically different

from, and often greater than, the average RT demand that determines the HOEP.

“9 For more information on the transmission outages at the New York intertie in March and April 2009, see
the Panel 6s

%0 These factors were first idefiti e d

July

20009
in

Report, p .
Jun&. 2004

137.
Monitori ng

Monitoring
the Panel 6s
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e Failed expa transactions: These can place downward pressure on the HOEP as

these failures represent a reduction in demand in RT relative to PD.

2.2.1 Low Price Hours

Table 25 shows reatime output by generation type and unscheduled generation that

offered atprices ess t han $20/ MWh (called 6l ow price
this period. Generation categories are segmented into nuclear, baseload hydro, self

scheduling and intermittent (wind) resources, and other hydroelectric resources (both run

of-the riverand peaking).Runtof-theriver and peaking hydro units may want to operate

when market prices are low, especially when an abundant supply of water is available

and spilling is the only alternativeAverage hourly import volumes, excluding linked

wheels,during low price hours are also included in the low price supply table.

Table 2-5: Low Price Supply During Low Price Hours
November 2009 April 2010

(MW)
Low Price Supply
Scheduled Other
Month Scheduled Self Other Imports
sl Baseload| Scheduling| Scheduled Unschedgled (excl. linked| Total
Nuclear H . Generation
ydro and Hydro (offered <$20) wheels)
Intermittent
November | 9,215 1,702 1,169 1,903 2,712 312 17,013
December | 10,308 1,741 1,492 1,889 1,712 467 17,609
January 10,405 1,908 1,495 1,877 1,692 570 17,947
February 10,449 2,031 1,095 1,402 1668 497 17,142
March 9,576 2,000 1,404 1,610 1101 471 16,162
April 9,409 1,619 1,318 1,049 1252 395 15,042
Average 9,894 1,834 1,329 1,622 1,688 452 16,819

*includes generation at the Beck, Saursd@and DeCew generation stations.

Summary statistics portraying the demand conditions during the low price hours are
presented in Table-@ specifically monthly average Ontario DemaNet Expors, and

Total Market Demandver the low price hours thisismimer. The final column in Table
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2-5 also reports the difference between low price supply and market demand over all low

price hours.

Table 2-6: Demand and Excess Low Price Supply During Low Price Hours
November 2009 April 2010

(MW)
Demand Exces
Low
Number Price
of Low- Supply
Priced Ontario Market (Supply -
Month Hours Demand | NetExports Demand Demand)
November 181 13,551 1,179 14,730 2,283
December 50 14,992 1,117 16,109 1,500
January 11 15,119 1,095 16,214 1,733
February 2 15,351 528 15,879 1,263
March 112 14,197 1,112 15,309 853
April 104 12,637 1,217 13,854 1,188
Average 460 14,308 1,041 15,349 1,470

On average, low price supplncluding scheduled importsyas1,470MW higher than

total marketdemand during the low price hours betw&mvember 2009 and April 2010

with a maximum monthly difference @283MW in November 2009 On average,

excess low price supply was lowest\March 201Gy 853MW.

Table 27 provides some additional monthly summary information on the low price hours

between November 2009 and April 2010 including failed net exports, the difference

between pralispatch demand and rdali me

Discrepancg )

and -dispatch and redlne prizes. As discussegrlier in

aver age

demand

(referre

Chaper 1, demandliscrepancyan result from demand forecast errors or simply result

from differences in peak and average demand within an hour. Abundant baseload supply

relative to total demand.(470MW surplus on average) was the most important factor

leadng to the low HOEP outcomes over the latest winter period, followed by demand
deviation (237 MW), and finally failed net exports (180 MW).
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Table 2-7: Average Monthly Summary Data for Low Price Hours

November 2009 to April 2010

($/MWh and MW)
Failed RT PD PD to RT Pre-
Net Average | Demand | Demand dispatch | Difference

Excess | Exports | Demand | Forecast | Deviation | HOEP Price | (RT -PD)

Supply | (MW) (MW) (MW) (MW) | ($/MWh) | ($/MWh) | ($/MWh)
November 2,283 20 13,551 13,927 376 9.23 20.53 (11.29)
December 1,500 219 14,98 15,299 306 12.23 25.43 (13.20)
January 1,733 211 15,119 15,454 334 11.09 25.86 (14.76)
February 1,263 307 15,351 15,511 160 15.54 26.27 (10.74)
March 853 206 14,197 14,292 95 14.19 24.16 (9.97)
April 1,188 119 12,637 12,790 152 8.27 22.27 (13.99)
Tzl 1,470 180 14,308 | 14,545 237 11.76 | 24.08 | (12.33)
Average

2.2.2 April 2, 2010, HE 7

On April 2, 2010, HE 7, the HOEP fell t8128.15/MWh, easily surpassing the previous
record low HOEP 0§$52.08/MWh set on June 7, 2009, HE' & actors contributing to
the low HOEPiIncluded reatime demandwvaslighter than projected in praispatch a

large volume of export failureandgreater than anticipated generation from wind

facilities. However, the main factor which led to a new record low HOEP resulted from a

change in the offer strategy at a nuclear facpitipr to the April 2010 long weekend

Prices and Demand

Table 28 presents prelispatch and redlme summary statistics for HE 6 to HE 8 on

April 2, 2010. Pralispatch prices between HE 6 and HE 8 warsitive and greater than

or equal to $30.00/MWh. However in rgahe, prices dropped dramatically relative to

the onehour ahead projection, especially during HE 7 where the HOEP fell to
$128.15/MWh in reatime, which is-$160.15/MWh lower than the@dispatch price of
$32.75/MWh.

*1 For a review of the previous record low HOER®5 2 . 08/ MWh, s
Monitoring Report, pp. 425.

ee the

Panel 6s
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April 2, 2010 was a holiday (Good Friday) and relative to average demand during other
low price hours this period (as shown in Tablé &ove), Ontario Demand was low at
12,064 MW in HE 7. The prdispatch projection of @tario Demand was 12,726 MW,
which was 662 MW higher than in ref@ine representing a demand over forecast of 5.5
percent. This over forecasting of demand placed downward pressure-tmesatices

relative to predispatch projected prices.

Table 2-8: One-hour Ahead PD and RT MCP, Demand, and Net Exports
April 2, 2010, HE 6 to HE 8
($/MWh and MW)

Diff
Average Ontario
Diff MCP [PD Ontario| Ontario Demand PD Net | RT Net | Net Export
Delivery|PD MCP| RT MCP | (RT-PD) | Demand | Demand (RT-PD) Exports | Exports Failure

Hour [$/MWh)| ($/MWh) | ($/MWh) | (MW) (MW) (MW) MW) | (MW) (MW)
6 32.00 | -0.84 -32.84 | 11,947 | 11,762 -185 1838 | 1,638 -200
7 32.75 | -128.15 | -160.90 | 12,726 | 12,064 -662 1699 | 1,300 -399
8 30.00 | 12.43 1757 | 13,341 | 12,701 -640 1477 | 1,461 -16

Pre-dispatch and Reatime Conditions

Due totransmission overload concerms the OntarieFrontier interfacéa component of
the New York interfaceand concerns that export curtailments could lead to numerous
nuclear reductions, a 1,300 MW limit was implemented for totabex on the NYSand
MISI interfaces going into April 2, 2010. In HE 7, 399 MW of net export curtailments
occurredn realtime (682 MW of exports and 283 MW of imports) placing additional
downward pressure on reine prices’?

Another factomplacingadditional downward pressuoe HOEP in HE 7 was excess
generation from wind facilities relative to their gispatch forecastdn HE 7,

combined wind output in redime was scheduled for 478 MW in padespatch but
produced 674 MW in redlme, a surfus of almost 200 MW (41 percent). The majority

%2 As a result of the export curtailments, MIO dispatched down Brucs bmi600 MW. The 283 MW of
import curtailments in HE 7 were made after the export curtailments to alleviate the need to dispatch down
Bruce nuclear units by the magnitude indicated by MIO.

PUBLIC 95




Market Surveillance Panel Report Chapter 2
November2009i April 2010

of the surplus was generated by two specific wind facilities. The control room contacted
these two wind facilities in HE 7 and requested a schedule change for subsequent hours

and both complied with the regst.

Assessment

Table 29 shows that nuclear units set the rixae MCP in all intervals of HE 7 on April

2, 2010. The MCP fluctuated within a tight price range betw®&?8.10/MWh and
$128.30/MWHh. In previous reviews of low price hours, the Mf2irely fell below-

$11/MWh to- $50/MWhbecausé¢here was a large quantity of offered MW in this price
range from a nuclear generating facility. Going into the April 2010 long wee&end,
nuclear facility changed thewaffer prices downward for their lardeamination of offered

MW. This was doa to reduce the frequency of dispatch down instructions as SBG
conditions were expeaehroughout the Easter weekend and is an important reason why

the price reached a historically low level.

Table 2-9: Reattime MCP and Fuel Type of Price Setting Resource
April 2, 2010, HE 7

(S/MWh)

Dﬁl(l)vuerry Interval F$7M'\<Il\(/:hp) Fuel Type
7 1 -128.30 Nuclear
7 2 -128.20 Nuclear
7 3 -128.20 Nuclear
7 4 -128.20 Nuclear
7 5 -128.10 Nuclear
7 6 -128.10 Nuclear
7 7 -128.10 Nuclear
7 8 -128.10 Nuclear
7 9 -128.10 Nuclear
7 10 -128.10 Nuclear
7 11 -128.10 Nuclear
7 12 -128.20 Nuclear

Average -128.15
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In its July 2009 Monitoring Report, the Panel observed that the new payment structure
applied to OP Gpvidpsraeiacentivie meGPG t smake more efficient
production and pump storage decisions related to their prescribed hydroasisetss
acknowledged that the payment mechanism will not always lead to the most efficient
production decisions and #gnay not occur when it appears efficient due to
environmental or safety regulations. On
scheduled for a combined 2,264 MW in-oliepatch. In realime, only 1,429 MW were
scheduled, representing a reductd835 MW relative to prelispatch. Thus, the
extremely low HOEP 0f$128.15/MWh appears to have provided some incentive for
OPG to avoid production at their prescribed asset facilities, but it did not completely
eliminate production for reasons beyond thcentives implicit in the new prescribed

asset payment mechanism.

In summary, the record low HOEP -§128.15/MWh in HE 7 orpril 2, 2010was set

due toand a change in offer prices at a nuclear generating fadiiagl these nuclear

units offered tese MW at prices similar to historical levels, the MCP would not have
reached such low record levels but would have been set at prices similar to previous
negative price hoursOther factors that placed downward pressure on HOEP in HE 7
includeda significant difference between the plispatch demand forecast and rale
demand, export failureandexcess production from wind resources relative to submitted

forecasts

3. Anomalous Uplifts

During the study period November 2009 to April 2010, there washonr with OR
payments greater than $100,000 anddesewithCMSC greater than $1,000,000 at a
single intertie. The anomalous uplift event associated with the high operating reserve

payments is discussed alongside the April 2, 2010 high price houctiorS2.1 above.

3 For a detailed assessment of the new prescribed asset paynieet s&g the July 2009 MSP
Monitoring Report, pp.20218.
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There were notherhours when the other anomalous uplift criteria were met (hourly
CMSC payments or IOG pments greater than $500,000).

3.1 Daily CMSC Payments Greater than $1,000,000 at the MISI Intertie on November
23, 2009

On Novembef3, 2009, daily CMSC tolied $1.17 millionat the Michigan interface.
Approximately80 percent of the CMSC paid was to a single market participant whose
export transactions at high bid prices that were destined for PIJM wereecuhost

hours of the dajo addrespotential reatime shortage issues in the OR mark&able 2

10 below presents the amount of CMSC paid to participants related to transactioas at
interface. The table shows that the largest payments were made during a seres of on
peakhours, specifically HE 9, 10, 11, 13, 18, and 20.

Table 2-10: CMSC Payments for Transactions on the MIS/ Interface by Hour,
November 23, 2009

(% thousands)
Delivery CMSC Amounts
Hour Total Pre-Emptively Other
Curtailed Exports
to PJM to Address
OR Shortage
1 -3.1 0.0 -3.1
2 -1.2 0.0 -1.2
3 3.2 0.0 3.2
4 0.2 0.0 0.2
5 2.7 0.0 2.7
6 2.3 0.0 2.3
7 4.2 4.5 -0.3
8 11.0 16.5 -5.5
9 171.0 162.8 8.2
10 231.5 159.1 72.4
11 229.7 154.8 74.9
12 5.7 0.0 5.7
13 161.1 161.1 0
14 1.8 0.0 1.8
16 0.6 0.0 0.6
17 2.2 0.0 2.2
18 170.0 159.5 10.5
19 176.5 171.7 4.8
20 1.6 1.6 0
21 0.0 0.0 0
22 1.1 0.0 1.1
23 1.6 0.0 1.6
Total 1,173.8 991.6 182.2
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In early November 20Q%he MAU began to obsensaepractice whereby the IESO would
occasionally preemptely curtail exports when control action operating reserve (CAOR)
had been scheduled as a component of operating reserve (ORj}timesals a result,
significant constrainedff paymentsvere made to exporters, including the event

summarized above whetige constrainedff payments were as high as $1,999/MWh.

Following further discussiowith the IESQ the MAU was notifiedthat theapplicable
internalprocedure had bearpdated to provide greater clarggthat the control room

would no longer preentipely cut exports when CAOR formed a component of OR that

was scheduled in reéime. While the Panel considers this specific issue to be closed, the

broader topic othepricing of CAOR and the differential treatment of CAOR between
pre-dispatch and redalme are continuing concerns to be studigdthe IESO, although
the stakeholder engagement plan{&% associated with studying this issue was put on
hold in early 2009?

*For more details, see the | ESO6s72Cwbpagea:l Acti on

http://www.ieso.ca/imoweb/consult/cotisise72.asp
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Chapter 3: Matters to Report in the Ontario Electricity Marketplace

1. Introduction

This Chapter summarises changes in the market related to matters discussed in the

Panel 6s | ast report that i ragnansteredintargetsef f i ci en

It also identifies and discusseew developments arising in the marketplace.

Section 2 identifies material changes that have occurred in the market since our last

report related to matters discussed in that or prior repdHhs. section includes two

issues:
e Ontario Power Generations -Rresgribed Assets.

e Hydroelectric Offer Strategly Summary of High Price Offers

In Section 3 the Panel comments on new issues arising:
¢ Anomalous CMSC Paid to two Dispatchable Loads.
e Update on Changes to the | E&amo6s

e Transmission Rights Market.

2 Changes to the marketplace since

21 Ont ari o Power -Pescribed Asseisonods Non

Gener at.i

t he

Since market opening in May 2002, OPG has been subject to a variety of measures

designed to constrain or reduceptgential to exercise market power. In 2009, OPG

generated approximately twthirds of total Ontario energy production. From nedrk

Panel

opening until April 20050PG was obliged to pay rebates to consumers under the Market

Power Mitigation Agreement (MPMAY. Beginning April 1, 2005, the MPMAvas

“For a detailed description of MPMA, sed32t he
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replaced with new regulations which separate
categories: prescribed assets,poescribed assets, and Lennox.
e The prescribed assets are coetprestgd of OPC
paid a fixed price of $58.20/MWh and the Beck, Saunders and Decew Falls
hydroelectric units (often referred to as baseload hydro), which are currently paid
a fixed price of $38.84/MWh on their average hourly production during the month
adjustedby the MCP for either production in excess of average hourly production
for the month (payment) or for production that is less than the average hourly
production for the month (charg®).
e Thenonprescri bed assets ( NHi®kdgeneatarslandd e al | 0
all of its nonbaseload hydroelectric units. From May 1, 2006 to April 30, 2009
these assets were subject to a price cap on 85 percent of their hourly output with
the balance receiving the MCP.
e The Lennox gasired station had a ReliabilitMustRun (RMR) contract with the
IESO from October 1, 2005 to September 30, 2009, but the contract was not
renewed upon expiry/.

The pri ce c apgeswied Bgei@énsrationcexpired on May 1, 2009 and
these generating units became directly egdds the market price. This section focuses
on the implications of the expiration of the price cap mechanism and the transition to
mar ket pr i ci reescribedrpedRiRglydroelactricgeneration assets.
Implications for coal generation aresdussed elsewhere in this report.

The Panel believes that the exposure of OPGS®G
market price is potentially efficiency enhancing although this could be undermined by

OPA generation contracts and IESO reliabilitpgrams. This is discussed in detail later

in this section.

®For a description of the new regul ati o814, Thisee the Pa
payment/charge structure cread@sincentive for OPG to operate during higipeiced, orpeak hours.

>’ Subsequent to the expiration of the OPG/IESO RMR contract for Lennox, the Minister of Energy and

Infrastructure has directed the OPAni@gotiate a contract coverihgnnox for the purposs of system

adequacy. The directive is available on the OPA®&s we
http://www.powerauthority.on.ca/Storage/113/16041 January 6 201énrox_Generating_Station.pdf
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2.1.1 OP G s-prébsoribedHydroelectric Generation Capacity and Output

The total gener at i-meascriedhydraelectrigassetsis OPGOs non
approximately 4.15 GW. These assets accounpiaghly 11 percent of total installed

generabn capacity in Ontario. TableB pr esents the capacity and
non-prescribed hydroelectric generating assets during the periods May to April

2008/ 2009 and 2009/ 2-9réasbihed hydboelecpicigeneration OP GO S n o

declined by 8.8 percent in the most recentrighth period compared to a year earlier.

Table 31: OPG Nonprescribed Hydroelectric Capacity and Generation
May i April, 2008/200% 2009/2010
(GW and %)

Total Output | Total Outputin | Output
Capacity in May 08 May 0971 Apr 10 | Change
(GW) Apr 09 (GW) (GW) (%)

| Total 4.15 16,600 15,141 (8.8)

212 | mpli cations of t hhe EIl i mi ndsdrimed of the Pr
Hydroelectric Generation

Under the price cap mechanism in pldceing the period from May 2006 to April 2009,
OPG was obligated to make quarterly payments to Ontario consumers based on the

following formula (subject to other minor adjustments):

No.of Hours
Rebate = Z (HOEP, — Price®?) » MW, » 0.85
=1
Where

No. of Hours -- the total number of hours in the quarter
HOEP; -- the Hourly Ontario Energy Price
Price®®® -- the price cap ($48/MWh for May 2008 to April 2009)

®The formula is detail e20080088ppnél&t he | ESO6s |icence ED
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MW, -- the hourly output at neprescribed generation assets

I f the average HOEP ( we thgnodpresdribediagsdis) wva® GO s o u't
smaller than the price cap, the calculation would yield a negative number. In these
instances, OPG was not required to make a quarterly payment and the negative value
could be carried forward and offset against positive ansoin the following quarter or
quarters. This carrgver gproach essentially guarantg@BG the price cap for 85

percent of its output while themaining 15 percent exposed to the HOEP. During the
three years that the price cap was in place thellegion never yielded a negative value
except in the final quarter (February to April 2009), when the amount$&8amillion.
Because the rebate mechanism expired, however, this negative amount was not carried
forward to offset any payments OPG might hbad to make in subsequent quarters.

Had the price cap been renewed, OPG would not have had to make any payments since
the average price of $28.30/MWh (not weighted) during the period May 2009 to April
2010 was well below the $48/MWh price cap.

As the fomula indicates, the previous payment mechanism allowed OPG to retain 15

percent of revenue associated with its-Hpoescribed asset production that exceeded the

$48/MWh price cap. This payment structure provided OPG with an incentive to shift

output fromoff-peak hours to highegriced onrpeak hours while providing little

incentive to spl water if the average HOEP weexpectedo be less than $48/MWh

The willingness to spill water during negatiggced hours isimited if the revenugaid

tothe85per cent of output that is figuaranteedo t
incurred by thel5 percent of output that is exposed to the negative price.

If OPG were to have spilled water during hours with negative prices the overall result
may havebeeno enhance mar ket efficiency. Thatos
pricing the crowdegbut marginal resource was often nuclear generation. Nuclear units

can incur large additional costs (e.g. cost of removing reactive rods) to manoeuvre or
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shutdown vinereas there atinited costs associated with spilling water at a hydroelectric

unit.>®

The new payment mec han ipesoribedhydmelectscat es OP GO s
resources at the market clearing price. To the extent possible, OPG would presumably

wish to avoid generating during negative price hours so that it would not have to pay the
negative MCP to the market. Accordingly, OPG would be expected to be cautious about
offering nonprescribed hydroelectric generation at negative prices during loes pric

periods. Table-2 below lists the occurrences of negative priced hours by hour of the

day for the periods May to April 2008/2009 (rebate mechanism applied) and 2009/2010

(rebate mechanism expired). In addition, the table provides information onathigiiepu

of energy (in GWh) offered during these negative priced hours and expresses these
negative offers as a percent agescrimedd t ot al ene
hydroelectric units. The number of hours with a negative HOEP declined by 100 hours

(40 percent) from 247 hours last year to 147 hours during the most recent annual

reporting period. During the two periods, the average amount of energy offered during
instances of negative priced hours was nearly the same (a slight decline from 3.04 GWh

in 2008/2009 to 2.99 GWh in 2009/2010). However aherageguantity offered at a

negative price during instances of negative priced hours dropped 18 percent, from 1.50

GWh in 2008/2009 to 1.22 GWh in 2009/2010. This is also reflected in the 8.3 percent

decline in the percentage of negative price offers relative to total offers during the

negative price hours, a decline from 49.3 percent in 2008/2009 to 41.0 percent in

2009/2010.

¥ There are some limited costs associated with spilling water, including maintenance of sluice gates,
spillway inspections and regulatory requirements éikample sturgeon rescue). More significantly, safety
concerns such as spillway inspections may | imit OPGSOS:
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Table 32: OPG Nonprescribed Hydroelectric Units
Numbers of Hours witha HOEP< $0/MWh and Offers < $0/MWh during Negative
Price Hours Only
May - April, 2008/200% 2009/2010

May 2008 to April 2009 May 2009 to April 2010
Number of | Negatively % Number of %
Hours with |  Priced of GWh |[Hours with a| Negatively of GWh
a HOEP Offer  [Total offer| Offered < HOEP |Priced Offer |Total offer| Offered <
Hour <$0/MWh | (GWh) (GWh) | $0/MWh | <$0/MWh (GWh) (GWh) $0/MWh
Total 247 370.3 751.1 49.3 147 179.8 438.9 41.0
Average
per Neg. 1 1.50 3.04 49.3 1 1.22 2.99 41.0
P. Hours

While notconclusive, lie decline in the proportion of energy offered at negative prices as
a percentage of total energy offered during negative priced is consistent with the
incentives associated with the expiration of the rebate mechanism. The Panel believes
that a change inffer strategy to respond to the market price signal is generally market

efficiency improving, given other market constraints as will be discussed below.

With the expiration of the rebate mechanism, OPG also has a greater financial incentive
to spill waterduring periods of low (or negative) prices, since a failure to do so would
reduce profits. Currently, spill volumes are reported by OPG on a daily basis so it is not
possible to isolate the amount of spill that occurred during the negative price hqurs onl
Although spill can occur for many reasons including lower market demand, higher
baseload supply, or physical operational constraints (such as environmental or regulatory
requirements), aggregate spill patterns can provide some insight into potesmigésiin

OPG operating behaviours related to their-pogscribed hydroelectric facilities. Table

3-3 below presents the monthly spill (expressed as energy loss in GWh) between May
2008 Apr i | -pesribéd hedioeleCtic @ssets. The am@f spill

at these facilities increased by 566 percent compared to one year earlier. Spill levels

and

were particularly high in July and August 2009 relative to the same months a year earlier

while spill was slightly lower between January and March 20h@pewed to 2009.
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Table 33: OPG Nonprescribed Hydroelectric Generation Spill Volumes®
May - April, 2008/2009& 2009/2010

(Energy loss in GWh)

Month 2008/2009 | 2009/2010 | Difference % Change
May 0.72 3.18 2.46 339.8
June 1.26 17.38 16.13 1,282.9
July 456 69.91 65.36 1,434.9
August 13.43 82.90 69.47 517.4
September 5.84 28.59 22.75 389.5
October 7.92 38.26 30.34 383.0
November 0.51 29.00 28.49 5,586.3
December 1.05 28.05 27.00 25614
January 0.20 0.17 (0.03 (14.9
February 5.26 0.80 (4.45 (84.7
March 3.61 2.03 (1.59 (44.0
April 0.87 0.92 0.05 5.6
Total 45.23 301.19 255.97 566.0

Water availability is an important factor that can influence the way OPG offers energy

into the market and the quantity of spill. A measure of water availablpéen

constructed in Table-8 below and is measured as the sum of production and spill at

OPGO6s

NP-Al dgdrioc

less favourable this year relative to last year due to low precipitatiols kkweng the

faci l

it

es.

Wat er

supply

recent winter and spring seasons. The table shows that total availability declined by 7.2

percent when compared to the previous May to April period. Large monthly declines in

water availability occurred between January and April 2010 velédi the same months

in 2009 with the largest decline in availability occurring in April (515 GW or 34.6

percent). Although water availability was lower this year, the amount of spill is over six

times higher this year compared to last year as showable B3 above suggesting

factors other than availability led to increased spill activity this year.

9 Data supplied by OPG
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Table 34. Total of NPA Hydroelectric Production and Spill i Measure of
Availability
May - April, 2008/2009& 2009/2010

(GWh)
2008/ 2009/

Month 2009 2010 | Difference | % Change
May 1,997 1,945 (52 (2.9
June 1,568 1,426 (142 9.0
July 1671 1,277 (399 (23.9
August 1,409 1,309 (101 (7.9
September | 975 930 (45 4.9
October 997 1,092 95 9.6
November | 1,115 1,389 274 24.6
December | 1,248 1,417 169 135
January 1,492 1,307 (1895 (12.9
February 1,342 1,158 (184 (13.9
March 1,345 1,220 (125 9.3
April 1,487 972 (519 (34.9
Total 16,645 15,442 (1,203 (7.2

2.1.3 The Impact of OPA Contracts and IE®@grams

As illustrated above, the Panel observes that the expiration of the rebate mechanism in

general has created mardrtven incentives and is therefore potentially efficiency

improving. However, the increased frequency of water spill does reinforce some of the

Pa e |

0s

| ongstanding

concerns

about

t he

A high volume of water available contributes to lower generation costs to Ontario

consumers because of the relatively low incremental cost of these water resoueces. Th

overa

market should encourage water resources to be dispatched ahead of fossil generators or

imports from righbouring U.S. jurisdictionshere marginal resourcese typically

fossil generatorsSpilling water in order to keep fossil generators online amfmort

from the U.S. has the effect of dampening broader market efficiency.
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As the Panel concluded in its July 2009 rePprhany fossil generators holding non

utility generation (NUG) contracts generated power during SBG conditions and negative
pricedhours. These generators have much higher incremental andpstarsts than

peaking hydroelectric resources, but are induced to generate because they receive a fixed
price for generation. The Panel has recommended that when these NUG contracts are up
for renewal the relevant agency or agencies should design the contracts in a way to

motivate these generators to respond to market prices.

The |1 ESO6s current generation cost guarantee
reducing market efficienéyand may hve led to inefficient water spill, as these units are

not dispatched based solely on economic effici€idyloreover, once these generators

are dispatched they are constratoedfor the duration of their minimum generation

block run time (MGBRT) and ahéir minimum loading point (MLP). For an individual

generator this may translate to over 100 MWh being constrained on for upward of 10

hours. This may lead to less costly water resources being spill@ald hydroelectric

resources become marginal oanenarginal at any time durirngh e GCG Par ti ci pan
MGBRT.

In addition, in previous reports the Panel observed that a significant portion of I0G
payments were made during the-p#ak period when there appears to be little to no
reliability concerns. Té Panel recommended that the IESO review the program to
determine whether it provides a commensurate improvement in relidbifttye 10G
payment encourages imports over OPG-paascribed hydroelectric resources, which do
not have a similar redgime price guarantee. As a result, in many cases the market was

importing from neighbouring markets, while OPG was spilling water. The IESO has

®The Panelds July, 200285Monitoring, Report, pp 221
“ThePmel 6s July 2007 Mel84h toring Report, pp 114

3 GCG program participants will be dispatched when, based edigwatch prices, they are economic for

50 percent of their minimum generation block run time (MGBRT) at their minimum loading point (MLP).

In addition, these generators recover large costs associated with bringing their unit®otdkieg their

units offline. At present these additional costs are not incorporated within offer prices nor are they

considered as part of the dispatch decision

“The Panelds July 200852Monitoring Report, pp 140
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moved to using forecast average demand irdmeatch during nenamp hours
beginning in December 20689which is expeted to reduce inefficient imports. As
recommended in the July 2008, the Panel believes the IESO should review-timegeal
IOG program and determine if it is providing commensurate improvements in

reliability.®®

2.2 Hydroelectric Offer Strategy Summary of jh Price Offers

In the January 2010 Monitoring Report, the Panel indicated that peaking hydroelectric
resources were often setting the MCP during the high price hours in the 2009 summer
months at prices above $200/MWh, including many intervals with MbBge
$500/MWh®" The Panel also indicated that the implications of the offer strategies
currently used by peaking hydroelectric generators would be examined further in this

report.

The Panel 6s Monitoring of Off esf@enargyd Bi ds Do
limited generation (such as peaking hydroelectric resources), the possibility of market
power being exercised through economic withholding or pricing up will be assessed by
considering offers in rela®ion to the genera

Many factors influence the offer behaviour of hydroelectric resources including water

availability, storage capability, environmental and regulatory restrictions, the co

ordinated operation of units on a river system, and joint optimization of eneigy an
operating reserves. The Panel 6s review for t

many peaking hydroelectric offers appeared to be based on opportunity cost

% see:http://www.ieso.ca/imoweb/news/newsltem.asp?newsltemlD=4973

% According to the IESO, Recommendatioil om the July2008 MSP Report is still in progress and

being assessed internally, although it is considered low priority.

See the Panel 6s Janu&sy 2010 MSP Report, pp. 34

®See the Panel 6s October 2009 Monitoring Document: Mc
Administered Electricity Markets, p. 36 available at
http://www.oeb.gov.on.ca/OEB/Industry/About+the+OEB/Electricity+Market+Surve#avonitoring+O

ffers+and+Bids
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considerations. However, a significant percentage of offers at $500/MWh and above
(and occaionally less) were used by participants to signal an unwillingness to be

scheduled for energy except as a last resort.

Figure 31 presents the frequency distribution of peaking hydroelectric offers between
May 2009 and April 2010 in $250/MWh incrememgpproximately 21 percent of all
submitted reatime offers fell in price categories above $500/MWh.

Figure 3-1: Frequency Distribution of Peaking Hydroelectric Offers
May 2009- April 2010
(% of Total Offers in $250/MWh price rangégs
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$500/MWh in 22 intervals (equivalent to less than 2 hours), with only 2 intervals over the
latestsixmont h peri od. Al t hough these offers app
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wantt o run unl ess necessaryo signalling strate
analysis, the Panel does not view the negative implications to the market from pricing up

to be material at this point due to the limited number of intervals where thenNM€ Bet

by these resourc&8.The Panel has asked the MAU to continue to monitor instances of
signatbased offers made by peaking hydroelectric resources set thenmedCP in

accordance with the Panel ds Monitoring of Of

3. New Matters
3.1 Anomalous CMSC Paid to two Dispatchable Loads

Beginning in February 2010 two dispatchable load facilities began to receive extremely

high CMSC payments. One of the facilities operates exclusively as a dispatchable load

(Facility D). The second facifithas both a registered load and a registered generator
(Facility C) but typically operates as a net
typically exc egtagenetatiore Collectvely theseywd dispatanable

load facilities have a eximum dispatchable capability of approximately 190 MW or

approxi mately 20 percent of Ontariods dispat

Over the five month period from February 2010 to June 2010 these two facilities received

over $18 million in net CMSC paymerits.The $18 million paid to these two

dispatchable loads is in sharp contrast to the approximately $590,000 of net CMSC

payments made to all other dispatchable loads in Ontario over the same period. Put

differently, two facilities that representonly 20cpe e nt of Ont ari ob6s di spa
capability received approximately 97 percent of CMSC payments made to all Ontario

dispatchable loads for the period February to June 2010.

% As noted in the Monitoring of Offers and Bids Document, p. 30, a specific quantitative materiality
threshold has not been adopted by the Panel. However, the Panel notes that two of the most significant
factors in materidly assessments are the magnitude of the increases above competitive levels and the
frequency and duration of such outcomes.

0 Gross CMSQayments were approximatelyZiillion, but IESO settlement tools automatically
clawback CMSC payments under certeimstrained off consumption deviation situations.
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Figure 32 below compares the monthly net CMSC payments made to the twbdacili
against monthlypetCMSC payments made to all other dispatchable loads in Ontario for
the period May 2002 to June 2010. Historically CMSC payments to the two facilities
were well below $1 million per month but beginning in February increased draltyatic
andduring the period March to June 2010 averaged approximately $4 million per month.

Historically, CMSC paid to all other dispatchable loads has been negfiyible.

Figure 3-2: CMSC Payments to Dispatchable Loads
May 2002- June 2010
(% millions)
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" One notable exception was August 2005 when the Ontario market experienced extremely high demand,
which caused dispatchable loads to be constrained down over the course of several detuBhe

paymets to dispatchable loads were high in August 2005, they remained significantly lower than CMSC
payments made to either generators or intertie traders.
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The sharp increase in CMSC payments to the two facilities is also in contrast to the net

CMSC payments received by generators and intertie traders. For the period February to

June 2010, these two facilities capable of providing 190 MW of dispatchablatgapa

have received approximately 75 percent as much CMSC as was received by all of
Ontariobs approximately 35,000 MWelavf. di spatc

Figure 3-3: CMSC Paymerd to All Market Participants
May 2002- June 2010
($ millions)
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The MAU notified the Panel of these extremely high CMSC payments and identified
possible causes of the payments. Since then, the MAU has contacted the owners of the
relevant facilities to gather information regarding bidding behaviour and operational
characteristics. At the time of publication of this report the Panel continues to monitor
and assess the behaviour of the two dispatchable load facilities. This section discusses
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the main factors that have contributed to the high CMSC payments to the two

dispatchable load facilities and potential remedies for the identified problems.

The Panel has observed four primary factors that have contributed to the increase in
CMSC payments:

e Frequent ramp with a reduced ramp rate and increased bid price

e Consumpiton deviation leading to constrained off CMSC

e Consumption deviation leading to constrained on CMSC

¢ Combination of a dispatchable load with a dispatchable generator

3.1.1 CMSC Resulting From Freguent Ramp with a Reduced Ramp Rate and an
Increased Bid Price

Facility D had historically followed a relatively stable consumption pattern. It tended to
gradually ramp down beginning in the early morning hours before slowly ramping back
up in HE 21. The consumption profile of Facility D changed beginning in February

201Q Facility D began to sharply ramp down in HE 6 and then sharply ramped back up
in HE 1972 Figure 34 below depicts the average interval consumption over the period
February to May 2006 (which is representative of historic operations) and the same
months in 20107 The sharp ramps in HE 6 and HE 19 generate an opportunity for
CMSC payments because each creates a large divergence between the constrained and
unconstrained sequences (the unconstrained sequence uses three times ramp rate while
the constraing sequence uses the actual ramp rate, and the constrained sequence ramps at
the end of the prior hour whereas tireonstrained sequencamps at the start of the

new hour when it ramps down, both of which automatically lead to schedule differences).

"2 The market participant advised the MAU that it has an OPA DR2 contract, which compensates the
marketparticipant for shifting consumption from peak hours to off peak hdews further information
about the OPMGéee: DR2 progra
http://www.powerauthority.on.ca/Page.asp2Bg1212&SiteNodelD=147

3 The facility was not registered as a dispatchable load from 2007 to 2009
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Figure 3-4: AverageHourly Consumption at One Dispatchableoad Facility
February - May, 2006 and 2010
(MW)
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While sharp ramps create an opportunity for CMSC payments, the magnitude of the
payments is based on the mar Kléheramppmg t i ci pant 0
capabilities at its facilities. The higher the bid price and the slower the ramp rates, the

higher the CMSC payment8.In February 2010, Facility D adopted an extremely high

bid price strategy. The market participant explained the signifincrease to the bid

price as necessary to signal its desire to avoid being dispatched down while still being

scheduled as a dispatchable load in order to provide operating reserve to the market.

Following discussions with the MAU the market participhas since adopted a

somewhat lower bid price, which the market participant has indicated is more reflective

of the opportunity cost of | ost consumpti on.
slower than they have been historically. The marketqypatnt explained to the MAU

that the slower ramp rates are a consequence of changed operating characteristics at the

facility, specifically a reduction in the number of machines operating at any given time.

" A slow ramp rate at a facility prolongs the divergence between the constrained and unconstrained
sequences, thereby increasing the number of interuaisgdwhich CMSC is paid.
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The changes in operating characteristics aedatdoption of the higher bid price have led

to the extremely high CMSC payments. Figurg Below provides a hypothetical

illustration of how a high CMSC payment could be induced by changing the ramp rate
and the bid price. The facility indicates thatvants to ramp up from 10 MW to 100 MW.
The solid black lines represent the ramp in the unconstrained sequence: the shorter line
indicates a shorter time to ramp in the past while the longer line a longer time to ramp
now. The dotted green lines represéet tamp in the constrained sequence: the shorter
line indicates a fast ramp in the past while the longer line a slow ramp now. In the past,
the load could ramp up fast in both sequences and thus the induced CMSC payment was
relatively small (the yellow agg, while currently the load ramps slowly, coupled with a
high bid price, leading to a larger CMSC payment (the pink area plus most of the yellow

area).

Figure 3-5: Hypotheticallllustration of How CMSC Could Be Increased
With a Lower Ramp Rate and a gher Bid Price

Bid Price
100 MW at a high bid price
A

100 MW ata low bid price

B £ U U s

Time

v

Over the priod February to June 201gcility D received approximately $7.6 million in
net CMSC payments associated with this daily ramping activity. In other words, Ontario
consumers paid $7.6 million or approximately $0.13/MWh teectlve CMSC payments
made to this dispatchable loafollow its voluntary, daily ramping activity. Even at the
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lower bid pricethat was implementesubsequent to conversations with the MAU, CMSC

payments to thigdispatchable load continue awerageappoximately$32,000 per day or

$11.7 million per year. | n domoEontFute®| 6 s Vvi ew
market efficiency or system reliabiliyn d ar e an unintended conseq

two-schedule market structure

One argumenthtat the CMSC for ramping is needed is that the dispatchable load may be
constraineebff at times when the locational price is heglthan its bid price. In such

circumstancs, the dispatchable loaglould be paid the constrainedf payment just like

generh or s . However, during the ramp period, t

constraineebff is largelylimited by the fact that it islreadyramping.

¢ When the dispatchable load is ramping down, the IESO tool will ramp it down
based on its submittedmg rate. As a result, the dispatchbale Itzsno
furtherrisk of being constrainedff. The CMSC payment to keep the

dispatchable load whole is unnecessary.

e When the dispatchable load is ramping up, the dispatchable load may be
instructed to ramp dowwhile ramping up. In this case, the dispatchable load
does face the risk of not consuming the amount that it wants (although it is
efficient to the market). The lost consumption in this case is only the difference
between its intended amount basedtemamp rate and the instructed amount
based on the system condition. However, the CMSC payment is calculated based
on the difference between the unconstrained amount (which is typically its full
capability within a few intervals after it starts to ramapy the instructed amount,
which is usually much greater than the difference between its intended amount
based on its ramp rate and the instructed amount. In other words, the CMSC
payment for ramping up to cover the risk of being constrained off is siibdiia
overstated relative to what is required to compensate the load for a change
dictated by system conditions.
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3.1.2 Consumption Deviation Leading to Constraireffl CMSC

Consumption deviation refers to the situations where a dispatchable load has cansumed

different quantity of energy than the IESO has instructed. Fig6rbe8ow provides an

example illustrating how constrained off CMSC is induced by consumption deviation at

Facility D. In Figure 36, the dispatchable load facility indicates a desiiat¢ease
consumption by increasing the MWO6s bid from
evening high level in HE 19, with an extremely high bid price associated with all MWs.
Accordingly, the facility receives an unconstrained schedule which rampshiytes

|l evel during interval 1 and interval 2 of th
constrained sequence, however, takes six intervals to ramp from the initial actual
consumption to the planned new | aty el (the pu
follows the dispatch instruction. The variance between the numbers of ramping intervals

required by the unconstrained and the constrained sequences reflects the prevailing

fiction of three times ramp rate (i.e. the unconstrained schedule preten@silfiegs

can ramp at a rate 3 times faster than they actually can). If the facility were to have

simply followed the dispatch instructions re
the discrepancy with the unconstrained schedule would have giedo tise type of

CMSC described in the Section 3.1.1 above.

InHE18 t he facility is consumi sdispatcess (the gr
schedule This deviation igpermissiblewithin the compliance deadband of 15 MW of

dispatch deviation fadispatchable loadS. In HE 19 the facility should begin to be

dispatched to the planned higher level in accordance with its bids, but the IESO dispatch

tool notes that the facility has failed to ramp toward itsl9Eispatch schedule.

Recognizing the faure of the facility to ramp toward its existing dispatch schedule, the

dispatch tool continues to dispatch the facility at the HE 18 level for one and a half hours

(the red or ACMWO | ine). After an hour and

dispatch schedule. The tool observes the movement, removes the original constrained

> For a facility with greateran 30 MW capability, the compliance deadband is 15 MWpsr2entf the
capability whichever is greater. For a facility less than 30 MW, the compliance deadband is 10 MW. For
details, seehttp://www.ieso.ca/imoweb/pubs/interpretBulletins/ib_IMO_MKRI_0001.pdf
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schedule amount, and begins to dispatch the facility toward the planned level. In
contrast, during the entire one and a half h
flat, the unconstrained sequence scheduled the facility at the higher planned level. As a

result, the facility was constrained off by the difference between the original and planned
consumption levels for one and half hours, generating approximately0$8dé CMSC

payment s. Of this amount, $240, 000 was cl aw
settlement tool.). The MAU will seek recovery of the remaining $60,000 of constrained

off CMSC under the authority granted by Chapter 9, s. 3.5.1A of the mald&gtwinich

allow for recovery of constrainedd f f CMSC resulting from a part

deviations’®

Figure 3-6: Constrainedoff CMSC Induced by Consumption Deviation
(MW of consumption by interval)
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® The market rule only allows recovery for constrained off consumption deviation, not constrained on
conaimption deviation.
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3.1.3 Consumption Deviation Leading to Constred-on CMSC

Figure 37 below depicts a situation at Facility C where the load is ramping down. In HE
7, the facility signals a desire to reduce consumption from its night time level to 0.1 MW.
It does so by changing it bid structure such that the tisphle capability, which had all
been bid at a very high price in HE 6 are bid in two laminations beginning in HE 7. The
first lamination of 0.1 MW is bid at $2,000/MWhand the remaining larger lamination

is bid at a large negative price. Accordinghg IESO dispatch tool dispatched down this
facility beginning interval 1 and the unconstrained scheduled reached 0.1 MW in interval
3 (the blue line). In contrast, based on its actual ramp rate, the facility was only
technically capable of reaching a samption level of 0.1 MW by interval 7 (the purple
line). Rather than reducing consumption to 0. MW by interval 7, the facility continued
to consume (the green line). The IESO dispatch tool identified that the facility was not
ramping toward its dispatcdthedule, and then calculated a new dispatch schedule, based
on its actual consumption and its ramp rate (the red line). The result was that the facility
was constrainedn, leading to a quantity difference in the two schedules (i.e. the
constrained schedk level vs. an unconstrained schedule of 0.1 MW). The consumption
deviation was within the allowed compliance deadband. This deviation led to a
constraineebn payment of about $110,000, none of which could be clawed back under

the current provision irhe market rule&®

" A $2,000MWh bid indicates to the IESO that that component of consumption should be treated as non
dispatchable.

8 There are two provisions in the market rules that could result in CMSC being clawed back from
dispatchable loads: ¢h_ocal Maket Power (LMP) provision and the constrairefl CMSC clawback.

The former deals only with high CMSC payments resulting from transmission congestion or security issues
and is not applicable in this instance. The latter allows for CMSC recoaasgd by constraineuff

consumption deviation, but the rule does not extend to CMSC caused by constrained on consumption
deviation.
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Figure 3-7: Constrainedon CMSC Induced by Consumption Deviation
(MW of consumption by interval)
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Following a discussion with the MAU, the facility has largatidressedhiluresto fully
respond to dispatch instructions that kedtito constrained on CMSC payments
associated with consumption deviatiohhe facility has also proposed to repay
constraineebn CMSC payments arising from consumption deviation, which represent
approximately 10 percent of net CMSC paid to the two fasliover the period February
to June 2010.

These three factors described above led to a significant amount of CMSC paid to
dispatchable loads since February 2010. In the absence of fundamental changes in the
two schedule system, the Panel encourdge$gSO to immediately eliminate CMSC

paid to dispatchable loads that have voluntarily chosen to change their consumptions
levels or are deviating from scheduled consumption levels. The removal of payments
associated with the frequent ramping portionhef CMSC paid to dispatchable loads (as
described in Section 3.1.1) is analogous to what the Panel previously recommended to
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eliminate the CMSC paid to generators when they have voluntarily chosen to shut
down”® Constraineebn and constrainedff paymentsassociated with consumption
deviation are also considered unwarranted as they do not contribute to the efficiency or
reliability of the market.

Recommendatiors-1

The IESO should immediately eliminate setiduced CMSC paid to
dispatchable loads resultoppfrom either a voluntary change in consumption or

a consumption deviation

3.1.4 Combination of a Dispatchable Load with a Dispatchable Generator

Beginning in late January 2010, the owner of Facility C chose to combine a dispatchable
load facility with a disptchable generation facility located at the same site for IESO
settlement purposes. As a result of this combination, the market participant offers/bids
net output/consumption to the market, as opposed to separately offering its generation
facility and bidling its dispatchable load facility. If planned generation exceeds planned
consumption (i.e. a net genaygtthe market participant offers as a generator.

Conversely, if planned consumption exceeds planned generation (i.e. a net load) the
market participat bids as a dispatchable load. The combination of the load with the

generator reduced the market participantos

n

t he mar ket participantédés transmi @aswelbn/ connec

as other chges calculated based on the net consumption such as the debt retirement
charge and IESO and OPA fees.

Table 35 below lists the total payments and CMSC settled by the IESO at the combined
facility from February to June 2010n thefive month period, tB combined load and
generator received about $3.5 million greater than its total payments to the market for the

net energy consumed. Thus,arerage, Facility C was paid $62.48/MWh for each net

“Seehe Panel 6s January 20@91. Monitoring Report, pp.
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MWh withdrawn from the market. This compares sharply t&8&56 /MWh that

Ontario consumers paid to consume energy over the same period. In addition, Facility C
avoided approximately $4.3 million in Global Adjustment charges by combining its
generation with its load.

Table 3-5: Payment and Revenue at FacilitC
February - June 2010

(% thousands and $/MWh)
Estimated | Average
Avoided |Costs by all

Net Average Global Ontario
Payment| Cost |Adjustment Load

Month | ($1,000)| ($/MWh) | ($1,000) | ($/MWh
Feb-10 (49) (6.99) 786 87.92
Mar-10 (524) (59.14) 1,233 87.05
Apr-10 (976) (80.04) 1,077 88.15
May-10 (36) (2.01) 558 88.29
Jun-10 (1,922) | (185.36) 648 82.99

Total (3,508) | (62.48) 4,301 86.56**

* including delivery and connection charges, IESO fees, OPA fees, etc.
** average for January to June 2010

Techically, any load could build an esite generator to reduce its net energy withdrawal
from the market, thereby reducing its Global Adjustment and consurrpsed

charges. Since the Global Adjustment has become a significant component of the overall
costof electricity, this could create an incentive to build and operat@temgeneration in

an inefficient manner. An independent generator is likely to operate if and only if the
expected HOEP is greater than the avoidable average incremental cost; whemneas

site generator is likely to operate whenever the expected HOEP plus the expected avoided

Global Adjustment is greater than the avoidable average incremental costs.

The issue becomes more complex where a load wigitergeneration capability is a
dispatchable loadAs described above, dispatchable loads are eligible for CMSC
payments. When the net load bids to consume at a large negative price (as is the case
here), and when the shadow price is below the negative bid price, the net load can be

constrained on. A net load can deal with this either though increasing consumption or
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through reducing its generation. In either case, the result is a large constrained

payment.

When a dispatchable load reduces net consumption through reducingigangret

generation is effectively treated differently from independent generation. For example,
assume the net load bids 1 MW-&1,999/MWh to consume and the shadow price
reaches$2,000/MWh. The net load is constrairel and the facility reduces its
generation by 1 MW. From a settl ementso
site generator appears as an increase in consumption of 1 MW by the net load. As a
result, the combined facility is paid $1,999 ((HO&P,999)i HOEP) for not geneting

the 1 MW of energy. Had the facilities been registered separately and had the generator
reduced its consumption, it would have been paid the HOEP, which is almost always far
lower than $1,999/MWH?

The root of the paymeémnconsistency lies in thisvo-dispatch sequence regime. In the

last report, the Panel recommended that for CMSC calculation purposes the IESO should
use a replacement bid (such as $0/MWh) to mitigate large CMSC payments made to
dispatchable loads in relation to negative fdehe Panel understands that a rule
amendment is under discussion at the IESO Technical Bakesuming the new rule is
implemented along the lines currently being proposed, these CMSC payments to net
load/generation facilities will be significantly reducdd.order to limit the excessive
magnitude of constrainesh payments to these net load/generation facilities, the Panel

recommends that this rule amendment be expeffited.

8 This could also occur under the DR3 program. A loadh witsite generation capability can increase its
production (thus reducing the net withdrawal from the maiked) effectivelyreceive $200/MWh fothe
increasedjeneration, while an independent generator only receives the market price, which is typically
much lower than $200/MWh.

8l geethePanel 6s January 2 Retdnméhdation-8 ppl041ap. Repor t

82 Market Rule AmendmenMR-00370- Limit CMSC Payments for Exporters and Dispatchable Loads
with Negative Bidg-or details seewww.ieso.ca/imowefamendments/tp_meetings.asp

8 |f implemented, Rcommendation-3 would effectively eliminate constrainemh payments to
dispatchable load due to consumption deviation (see Section 3.1.3). If not implemented, the use of a
replacement bid would at least te@ the magnitude of these payments
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Recommendation 2
The 1 ESO should expedite theusi mpl ementat.
recommendation that, for the purposes of calculating Congestion Management
Settlement Credit (CMSC) payments, the IESO should revise its constraaned
payment calculation using a replacement bid (such as $0/MWh) when a

dispatchable load bids at a natjve price.

3.1.5 Conclusions

Typically, dispatchable loads have a high opportunity cost for lost consumption and thus
bid a high price into the market in order to avoid being dispatched down at times when
the price is low. Given that both the HOEP and tleational shadow price are generally

much lower than their bid price, dispatchable loads are rarely dispatched off/on

During ramping, the | ESO6s two dispatch sequ
difference between the constrained and unconstra@gaence as illustrated in Figure 3

5. The two dispatch sequence can reward loads (or generators) with slow ramp rates

through CMSC paymenfé. These CMSC payments are contrary to the principle that an

efficient market should incent loads or generatioas tan offer greater flexibility. As

shown in Figure &, under the current two sequence design, an inflexible dispatchable

load with slow ramp rates receives greater CMSC revenue than a more flexible

dispatchable load with faster ramp rates. Such CMS@eats may incentiviz€i)

investments in slower ramping facilitig€g) reductiongo ramping capability at existing

facilities, (iii) claims of slower than actual ramping capabilities

Over a period of five months from February to June 2010, twiattibable loads
received $18 million in net CMSC payments. Annualized, this would translate to

8 Generators with a slow ramp rate are also rewarded through the CMSC payment. As the Panel pointed
out in its January 2008lonitoring Report at pp. 22217, a generator will often offer a high price to

indicate to themarket that it is going to shutdown. However, the two dispatch sequence wilpoftade

the generator with CMSC payment up to its offer price. As a result, the slower the ramp rate, the greater
the CMSC payment. The Panel therefore recommended atindnCMSC payments when generators are
shutting down.
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approximately $43 million in consumer uplift charges, or an uplift chiargmadsof

approximately $0.28/MWh based on annual market demand of 155 TWh. Th€ CMS

payments made to the two dispatchable loads discussed in this section highlight many of

the identified iIissues in the Panel 6s past se
consequences of the two schedul eibuseyost em and,
market efficiency or system reliability. The Panel will further comment on the unintended

consequences associated with the two dispatch sequence in Chapter 4.

3.1.6 Compliance Deadband for Dispatchable Loads

The |1 ESO6s compl i anableloadi®isacdriemtiyset atfthe greattios p at ¢ h
15 MW or 2 percent of the |l oadds maxi mum con
with a normal capacity of greater than 30 MW and 10 MW for dispatchable loads with a

normal capacity of less than 30 MW. Simaest dispatchable loads have a consumption

level of less than 750 MW but greater than 30 MW, their compliance deadband is set at

15 MW. This deadband can allow large deviations in percentage terms (e.g. 15 percent

for a 100 MW load or 50 percent for a BW load). As demonstrated above, the wide

compliance deadband contributes to the ability of loads to receive significant CMSC

payments, particularly where a load has a slow ramp rate. For many loads, the difference
between their actual consumption anspditch instructions will consistently be less than

15 MW The 15 MW compliance deadband may lead to two unintended consequences.

First, market participants may inadvertently
instruction (i.e. constrained schedutimes not change, even though the market

participant indicated a desire to ramp through its bid (or offer). ThelPas observed

that at timesnarket participants have called the IESO asking why their dispatch

schedules have not changed. These markgtipants had not realized that the problem

stemmed from their own consumption (or generation) deviation, which had been

permitted due to the 15 MW compliance deadband. Had a narrower compliance

8 For example, a load with a ramp rate of 1 MW/minute will ramp up only 5 MW per dispatch interval (5
minutes). Given that the IESO DSO schedules dispatchable loads based on their actual consuetiption le
the load will bescheduled 5 MW more than its actual consumption. It will not violate the market rules even
though the load does not move at all.
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deadband been i n pl ac e, spdtchiastrictoesimore dlogelys f ai | u
would have led it to be necompliant. Therisk of norcompliance encourages market
participants to better align their actual consumption (or generation) with their dispatch

instructions.

Second, a large compliance deautbalso provides market participants with

opportunities to manipulate dispatch schedules to generate CMSC payments. A market
participant can manipulate its consumption (or generation) level while remaining in full
compliance with the market rules. Theulegan be large, unjustified CMSC payments.

In many instances this CMSC cannot be recovered under the market rules. Accordingly,

the Panel encourages the IESO to revisit its definition of compliance deadband for

dispatchable loads, perhaps by linkihngthe adband more c¢cl osely to a

ramping capability.
Recommendation -3

The IESO should explore the feasibility of tightening its compliance deadband
definition for dispatchable loads by linking the deadband more closely to the

f ac i lispatchable camhbility and/or ramp rate.

32 Update on Changes to the | ESO6s Generati ol

3.2.1 Introduction

In the previous Monitoring Report the Panel discussed a market rule amendment
affecting the | ESOG6s cogderreglitoastresgaree ( GCG) pr
generation online (SGOL) prografhAs background, the IESO introduced the GCG

program in 2003 as a reliability initiative to encourage-qoitk start generators

(typically coal and gas) to provide spare online capacity suclhiatnits could

quickly respond to IESO dispatch instructions in the event of a system disturdance.

%sSee the Panel 6s Januid®3y 2010 Report, at pp. 106
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day-ahead version of the program was introduced as part of thaliad Commitment
Process in 200 Under theeGCG prograrg, coal and gas generatdfshat provided

online generation capacity weeguaranteed to be constraireto their minimum

loading point (MLP) for the duration of their minimum run time (MRT). Several days
later, these eligible GCG generators could provide cost submissions EStbeahd

would be entitled to a full reimbursement of their costs. Given supply concerns at the
time the GCG program was implemented, eligibility criteria was set very low. To
achieve GCG eligibility and the corresponding guarantee, a generator neededbenly
economically scheduled for a single MW in a single hour of its MRT. The
reimbursement in turn was comprehensive, covering all submitted fuel and O&M costs
for ramping the unit to its MLP as well as for all MWs generated over the duration of the
MRT(up to the d¢eneratorés MLP).

With the guarantee in place, generators were fully insulated against downside variability
to the MCP. For example, a market participant that wished to have its generation facility
dispatched could submit a negative prio#gr. Following the generation event the

market participant would submit an aftbe-fact cost submission to the IESO and would

be fully reimbursed for the cost of operating the unit. At no point was the generator
exposed to an operating loss becabseGCG program ensured that at a minimum all of
the generatoroés costs would be fully reimbur
upside profit potential. If generation revenue exceeded the GCG cost submission the
generator would keep the operating mve®® Because generators could offer at-sub
marginal costs without any exposure to losses, the GCG program effectively created an
opportunity for interested generators to operate in a manner similar-scketfulers or

nortutility generators. In a préws report the Panedised concerns about the structure

8" The steam units of combined cycle generasmesalso eligible for the GCG program.

8 preDecember 8 there was in fact a discrepancy between thethes and dayahead GCG programs.

Day-ahead participants were guaranteed fuel and O&M costs, wheretisne@CG participants could

not claim O&M wsts.

8 If revenues exceeded the GCG cost submission the generator would not receive a GCG payment from the

| ESO. Conversely if the GCG cost submission exceedec
differencebetween revenues from the marketlahe GCG cost submission. Consequently eligible GCG

generators had no exposure to downside variability in MCP, but unlimited e taximum market

clearing pric¢ upside exposure.
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oft he GCG progr am. The Panel 6s primary conce
meant that the true cost of running the generator was not transparent at the time of

dispatch and accordingly led toeifficient dispatch. At the time, the Panel recommended

that the IESO consider basing the GCG payment on the offer submitted by the generator

or to implement another solution that would allow actual generation costs to be taken into

account at the time attheduling decision?®.

On December'®, 2009 the IESO introduced a GCG rule amendémat was intended
to restrict eligibility under the program and to better allg8O dispatch decisiawith
GCG generator costs. Under the amended rule generasatsanbe economically
scheduled at their MLP for at least half of their minimum generation bloekmen
(MGBRT) in order to qualify for the guarantee. Significantly, the rule amendment

divided the guarantee into two component parts. One componetdukatad based on

the generatords MBGRT offer price. Speci fic
as the generatoro6s MGBRT dwuration, multiplie
by the generatoros MLP. As y#ansparentiahdt t hi s MC
accounted for at the time of dispatch. Cont

that the full amounts of the GCG cost reimbursements be accounted for in scheduling
decisions, the IESO chose to continue to permit generators tosmiaecaftethe-fact

cost submissions to recover fuze well aoperatingandmaintenance (O&M) costs
associated with stattp and with ramping generation units to MLP. This secondgpart

component is neither transparent nor accounted for at the tidigpaftch.

ThePanel 6s anal ys ithe Deceimbeo'®2009 manketsrulechange e
indicates that ihas not eliminated the distortive market effects of the GCG program.

Specifically the continued use of aftitie-fact cost submissions aggr to have led to

®See the Pan eMoiorindRegontsatpp. 221aB.7Also, seethePanel 6 s January 20009
Monitoring Report, at pix.

1 Market Rule #356 Interim Changes to Redlime and DayAhead Generation Cost Guarantee Programs

Also, see the IESO Redime and DayAhead Generation Cost Guarantees-88lt stakeholdering ve

page athttp://www.ieso.ca/imoweb/consult/consult_se80.asp
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inefficient dispatch, a depressed market clearing price, and an inflated global adjustment.

The Panel 6s findings are discussed in greate

3.2.2 Assessment

For the period Decembel’'92009 to April 3¢, 2010 there were 1,383CG eligible runs

or an average of 9.70 GCG eligible runs per Haln total, 40 different generation

facilities, representing coal, gas and steam (from combined cycle facilities) made GCG
submissions. The breakdown of daily GCG runs and payouts bgduede for the

periods May 1, 2009 to December 8, 2009 and December 9, 2009 to April 30, 2010 are

set out in Table-& below.

Table 3-6: Total and Average GCG Payments Recelved by Fuel Type
May 1, 2009- Dec 8, 2009 and December 9, 2004pril 30, 2010

($ thousands)
May 1, 20091 December 8, 2009 December 9, 2009 April 30, 2010
Amount RUEEgE % of Total Amount AEEEE % of total
Number GCG Number GCG
of GCG GCG of GCG GCG
of GCG p Payment b of GCG Payment b
Starts ayme s Received FEVOU 9 Starts Paym_ents Received PRI 9]
Received Fuel Source Received Fuel Source
per Start per Start
Coal 588 5,302 9.018 9 243 12,06 49.403 31
Gas 1,592 56,932 35.761 91 967 26,139 27.031 68
Steam 114 3 0.030 0 177 446 2.519 1
Total 2,294 62,237 27.131 100 1,387 38,590 27.822 100

Table 36 indicates that the average GCG payment per eligible GCG run increased
modestly following the Decembel"@ule change. The most significant change before
and after the rule change is the significant increase in GCG p&ymede to coal

generatorg?

Table 37 below shows the total generator GCG submissions by component paigstart
and MGBRT) for the period December 9, 2009 to April 30, 2010 (posthadage).

92 Calculated as 1,387 runs divided by 143 days. This compares to an average of 10.33 runs per day from
the period May 1, 200® December 8, 2009 calculated as 2,294 GCG runs divided by 222 days.
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Table 3 7: Total GCG Submissions by Fuel Type and Compant Part

December 9, 2009 April 30, 2010

(% millions)
Start-Up Cost Submissions MGBRT Costs Total
Total Fuel Cost | Total O&M Cost Total MGBRT Total Costs Covered
Submitted Submitted Cost Covered under GCG
Coal 3.31 9.86 1.91 15.08
Gas 11.98 19.90 2357 55.45
Steam 0.22 0.39 2.76 3.37
Total 15.51 30.15 28.24 73.9

The total cost submissions associated with the GCG program for the period December 9,

2009 to April 30, 2010 was approximately $73.9 million. Aftexfact submissions to

recover startp fuel and O&M costs accounted for $45.7 million, or 61.8 percent of total

submission, whereas the guarantee component associated with the MGBRT runs

accounted for only $28.2 million, or 38.2 percent of total GCG submis¥idnsother

words only 38.2 peent of costs recoverable under the GCG program were reflected in

generator so

decision.

of fer

prices

and

therefore

consi

Table 38 below compares by resource type the percentage of intervals that the MCP was

set by agenerator on the GCG program for the periods May 1, 2009 to December 8, 2009
and December 9, 2009 to April 30, 2010. ring both periods GCG generagor

frequently set the MCP. lall 1,387 GCG runs made following the Decembér@e

amendment, generamade aftethe-fact submissiosfor start up cost®> Since in each

instance that a GCG generator set the market clearing price the full cost of generation

was not accounted for, each of these instances necessarily depressed the market clearing

price anl inflated the global adjustmentn fact, any time a GCG generator was

scheduled but would not have besmimeduled but for the existence of the GCG program,

% The portion of the guarantee associated with the MGBRT run is calculated as: offer price * MLP MWs *

MGBRT hrs.

% Prior to the Decembef"@ule amendment, the entire GCG paymens associated with an aftére-fact

cost submission.
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the market price would have been depressed and the global adjustment would have been

inflated®®

Table 38: Percentage of Intervals where a GCG&enerator St the MCP, by
Resource Type,
May 1, 2009 to December 8, 2009 and December 9, 2009 to April 30, 2010
(% of Intervals)

May 1, 2009- December 9, 2009 May 1, 20091 April 30,
December 8, 2009 April 30, 2010 2010
Coal 8.71 3.32 6.60
Gas 7.10 11.27 8.74
Steam 0.13 2.29 0.98
Total 15.94 16.89 16.31

As noted above, GCG cost submissions associated with start up costs accounted for 61.8
percent of total cost submissions made under the GCgsgmmo The Panel also observed

a wide discrepancy among generators as to the percentage of GCG costs that were
recovered through start up costs asaggul to recovered throughGBRT offers. For

example, the percentage of total GCG costs attributed teugt@osts ranged from 5

percent to 70 percent among the 17 generation units that were scheduled for at least 30
GCG runs during the period December 9, 2009 to April 30, 2010. Expressed differently,
anywhere between 30 percent and 9 @et of these 17 GG generat@dtotal costs

were reflected in their MGBRT offer prices and therefore accounted for as part of the

| ESO6s dispatch deci si on.

While it is beyond the scope of the present analysis, the Panel did notice a huge
discrepancy in statip cost sulmissions among generators that on their face appeared to
be quite similar in nature (i.e. similar vintage, MLP, and MGBRT). The abilisppbmit
afterthe-fact costgaises the possibility of gaming opportunities, especially if the

program is not regulbr audited. Thd?anel encourages thieSOto exercise the

% Unless the contracted price to all generators with an OPA contract was below the MCP
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authority granted to it under the market rules to audit the cost submissions that generators

have made under the GCG program.

As Table 36 above indicates, the vast majority (69.7 percent)@Gligible runs were

made by gas generators during the period December 9, 2009 to April 30, 2010. Eight gas

units, operated by three different market participants accounted for 669 or 48 percent of

all GCG eligible runs during this peri6d.These gastint s have MLP&s rangin
MWt o 126 MW and MGBRTO6s ranging from 6 to 8
built recently, coming online within thadt two years. Table3belowdetails each

generator8average statip cost submission for the peribé&cember 9, 2009 to April 30,

2010.

Table 39: Average StartUp Cost Submission®f Selected Generating Facilities

Under the GCG Program
December 9, 2009 April 30, 2010
(%)
Average Total
Average Fuel Cost Average O&M Start-up Cost
Submission Cost Submission Submission
Generator A 21,600 9,171 30,770
Generator B 5,604 9,125 14,728
Generator C 16,629 44,443 61,072

More significantly, Table 30 below demonstrates that the generator with the lowest

average MGBRT offer price was by far the mogtensive to operate once stapt costs

were accounted fof From an IESO dispatch perspective, however, the most expensive

generator (Generator C) would always be dispatched ahead of #peci@enerators A

and B. That idecause in makingpedispatchrd e ci si on only considers t
MGBRT offer price.

" Each market participant had at least 150 GCG eligible yrggas units.

BAver agenofalolst p elated M\Wial GCE costaubrissions (starand MGBRT
components) divided b-ypaktWdbestheidargtienoftthe MGRRU (uptothe st ar t
units MLP).
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Table 31 0. Av e fl angpe addaetéd Generating Facilities Under the GCG
Program
December 9, 2009 April 30, 2010
($/MWh and Rank)
Average 'All-In’ Average After-the-
Cost per MWh Fact-l @Al ICo
Average MGBRT Offer | Average Cost| Assuming Units | MWh based on %gtual
Price Submission | Generated at MLP MW Injected
$/MWh Rank $/MWh $/MWh $/MWh Rank
Generator A 36.92 2 23.43 60.35 58.35 1
Generator B 44.56 3 22.30 66.86 62.54 2
Generator C 36.32 1 81.77 118.09 96.58 3
Assuming t he gen eupadste aresréflecsva df tingir triue eodts, anty a r t

instancenvhere Generator C @enerator Bvas dispatched ahead of Gener#&avould
have resulted in an inefficient displatdecision; yet this is precisely what would have

happened.

Table 311 belowprovides an estimate of tleficiency lossrelated to the scheduling of
Generator C per monthough the GCG prografor the period December 9, 2009 to

April 30, 2010. Totalef i ci ency | oss associ ansevas$IBi t h Gene
million and 94.8 percerdf starts were inefficient. An inefficient start is a start that
would not have occurred but for the existence of the GCG program.
% This calculation conservatively assumes that the generators knew in advance of themeixact number
of MWhés in excess of their MLP that they would prod:u
price as MWO6s up to MLP. Forl 0eOx aviwy laen di fo ftf heer eudn itth ohsaec
$30MWh but actual production was 1MW, t he cal cul ati on assumes that all/l .
$30MWh.
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Table 3-11: Total Efficiency Lossby Generator C Resulting from Scheduling of
Generator C in the GCG Program
December 9, 2009 April 30, 2010

(% and $ millions)
Percentage of Inefficient Total Efficiency Loss
Starts (%) ($ millions)
December 2009 70.6 1.2
January 2010 96.6 3.2
February 2010 96.4 3.9
March 2010 97.7 45
April 2010 100.0 35
Total 94.8 16.3

Efficiencyloss was calculated on an interval by interval basis and aggregated for each

GCG run.We use locational price at the location where Generator C operaggsdsent

the cost of the next marginal resource if generator C was not opergaich.runvas

defined asall megawatts injected between #tart of thefirst GCG interval to the last

megawatt injectedncludingmegawatts injected durim@mpup and ramglown.The

formula for calculating efficiency loss per run was as follows:

A negative value represerdn efficiency gain while a positive value represents an

efficiency loss. In conducting the efficiency analysis thed? made the following three

assumptions: (i) t h-epcgsesiireludang foetcossand@® b mi t t e d

S

costs) represent eduptobt® gEeiniey at lne dgenenat cit &S

price is a marginal price offer and that the gatw continued to use the MGBRT offer
price even after the MGBRT had ended, including during ramp ¥dvamd (iii) the

19f the submitted cost is overstated, the efficiency loss ategbe overstated However, if the submitted

costs are overstated it would suggest generators are not compiling witG@erégram rules.
191 This assumption would understate the efficiency loss if a generator raised its offer price following the

MGBRT run. For the period December 9, 2009 to April 30, 2010, Generator C eangistentlyincrease
its offer price following is MGBRT run, typically raising the price by a magnitude of 5 times or more to
signal a desire to shut down the unit.

PUBLIC

136



Market Surveillance Panel Report
November2009i April 2010

Chapter 3

locational price remained constant, i.e. it was not affected by the generation status of the

generator:??

In addition to the efficiencgnalysisrelating to Generator,Ghe Panel conducted a
simulation to determine the overall impact tahiGCGrunshad on the MCP. To do so,
the Panel replaced tfi@al predispatch® MGBRT offer price of each generator that
participated in the GC@rogramwi t h t hat ge n e-thaftaootd sddaaleles & ge
per MWh based on actual MW injected. For example, for the purposes of the simulation,

C dMWh aftert prica Was fe@daged &ith an offer price of

$96.58/MWh (see Table-B) above). The results tiie simulation are detailed irable

3-12 below.

Gener ator

Table 312 Simulation of Impact of GCG-Eligible Generators Below-Cost Bids on

HOERP,
December 9, 2009 April 30, 2010
($/MWh)
Simulated HOEP
Simulated with Revised GCG
Actual HOEP Offers Difference
(A) (B) (B-A) % Change
Dec09' 37.38 70.48 33.08 88.6
Jan-10 37.64 81.93 44.34 117.7
Feb-10 37.03 76.60 39.77 106.9
Mar-10 30.81 49.24 18.55 59.8
Apr-10 31.73 54.01 22.26 70.2
Average/Total 34.75 66.07 31.39 90.1

The simulatio indicates thataccounting for GCG generatdsdl-in costs at the time of
dispatch would have increased HOEP by over 85 percent for the period January to April

2010. I nterestingly, the simulated mar ket

192The assumption of constant locational price may overstate the efficiency loss.

193 A pre-dispatch simulation allows for intertieansadbns to be rescheduled, whereas a-tigad

simulation does not, because intertie transactions are set in the fiaddpaechrun. A predispatch
simulation, however, cannot take into account dynamic resptmsesould occur at least twiwours out

(due to offer/bid window restrictiong)y market participantswvhich may have occurred as they attered
pre-dispatch price signabpproaching redime.

1% Erom December 9, 2009 to December 31, 2009 reflecting date that new GCG market rule came into
effect.
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effecive price of $66.97/MWh for the period May 1, 2009 to April 30, 2010 and which
includes the Global Adjustment and OPG Rebate. The Ratedthat there are

limitations associated with running a simulation of this magnitude and complexity. A
key limitation is an inability tdully account for dynamic resporssay market

participants However, the results are directionally consistent with the expected effect of

a generator having left out a portion of their costs from théimitted offers

Table 313 kelow compares the sutation results for net exportsr the period

December 92009 to April 30 2010. The results indicate that a higher MCP would have
led to a significant decline in net exports in all months of the study p&ridkhis

suggests thahe GCG program, which contributed toamificially low HOEP in

Ontario, also contributed to a significant number of inefficient intertie transactions.

Table 3-13 Simulation of Impact of GCG-Eligible Generators Below-Cost Bids on

Net Exports
Deaember 9, 20091 April 30, 2010
(in TWh)
Simulated Net
Export with Net
Simulated Actual | Revised GCG Export Percentage
Net Export Offers Change Change
(TWh) (TWh) (TWh) (%)
December 2009 0.85 0.52 (0.33 (38.9
January 2010 0.88 0.38 (0.50 (56.9
February 2010 0.64 0.20 (0.43 (68.2
March 2010 0.72 0.35 (0.39) (51.9
April 2010 0.42 0.18 (0.29 (58.6
Total 3.52 1.63 (1.88 (53.9

The 19 TWh of net export change reflects a combination of:

1% These results are likely understated. The simulator cannot account for dynamic response by intertie

traders and assumed no change in bidding behaviour in response to price changesof@ntages

export bids at extremely high prices, whiodicatesthat the exporter wishes to be price taker. Itis
understandable that an exporter would be a price take
in other jurisdictions. However, i f is@iclitnggoneods MCP we
would expect a dynamic response by intertie traders. Traders would no longer be willing to act as price

takers in Ontario. In theory, if Ontario were to become the new high price jurisdiction, one would expect

Ontario to become a net imger.
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1. A 0.37TWhincreasean incremental importsl@.6perceny thatwould have been
scheduled ahead of domeggenerationf offer prices refleatd full costs.

2. A 1.52 TWh decreade incrementakxports 23.6percen} that would have been
scheduled ahead of domegienerationf offer prices refleatdfull costs.

3.2.3 Condusions

The Panel concludes that GCG program, which permits after the fact costs submissions,
led to inefficient dispatch, a depressed market clearing price, and an inflated global

adjustment.

The Pandl Monitoring Document: Monitoring of Offers anddBiin the IES©

Administered Electricity Marke@®OB document)’®indicates arexpectation that

fossiHired generation would be priced at the higher of marginal cost or average

i ncrement al cost. Average incrembexosal <cost
per MW of starting a generating unit and running it at a specified rate for a specified
number d% ThédRanerrecammends that the IESO remove all cost guarantees
based on aftethe-fact cost submissions. To the extent thatIESO believea

reliability program such as the GCG program continues to be warranted, the Panel
recommends that the IESO base the GCG payment on the offer submitted by the
generator or that the IESO implement another solution that would allow actual generation
costs b be taken into account at the time of scheduling decisions. This wmoalttivize
generators seeking GCG eligibility to offeraaprice which reflecttheir average

incremental cost, leading to more efficient dispatch, an increase to the fideligy of th
market clearing price and a decline in #ioansparent costs such as the global

adjustment.

1% gee:
http://www.oeb.gov.on.ca/OEB/_Documents/MSP/MSP_Monitoring_Offers_Bids_Document_20091026.p
df

197 bid, at page 32.
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At present the IESO is working toward the implementation of an enhancexhdag
commitment process (EDAC) and has an expected implementation date of ate 201
Under EDAC, generation units will be scheduled using a thageoptimization process
with 24 hour optimizationOnce EDAC is implemented, it should eliminate dispatch
inefficiencies scheduled on a dakiead basisGiven the change in demand/supply
conditiors relative to when the GCG programvereimplementedit may be desirable for
the IESO taeassessment the benefit of a{taale GCG program. In addition, the IESO
may wish to consider more generally whether a generation cost guarantee psogram i

necessary
Recommendation 3:

To the extent that the IESO believes a reliability program such as the
generation cost guarantee program continues to be warranted, the IESO should
base the guarantee payment on the offer submitted by the generator or gdhoul
implement another solution that would require actual generation costs to be

taken into account at the time of scheduling decisions.

3.3 Transmission Rights Market

The Ontario market is currently divided into 15 zones (including the Quebec Outaouais

interface that came into service in July 2009),
zones® and one of which is referred to as th
major transmission lines that link Ontario with external markets or jurisdicti¢resy. act

as proxies for the external market or jurisdiction to which they are linked and reflect the

limited transmission capability that links Ontario with that external market or jurisdiction.
Conversely, the Ontario zone covers all domestic generatmbioads, and calculates the

HOEP based on imports and exports scheduled in the unconstrained sequence.
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Congestion

The IESO runs two dispatch sequences: the constrained and the unconstrained. The
constrained sequence takes into account most physicgtaions in the electricity
network (including some characteristics of external networks), while the unconstrained
sequence ignores most of these constraints. Both sequences modelitbetional
Scheduling Limit (import and export limits), which is tgally the intertie specific

transfer capability (subject to adjustments for outages, projecteditoonduced by
external control areas, reliability margin, etc). On the basis of Scheduling Limits, the
constrained sequence further accounts for theaingf internal transmission and
generation conditions on the interface. This is referred to as an Operating Scheduling
Limit (OSL). In other words, the unconstrained sequence uses the Scheduling Limit,
while the constrained sequence uses bwlschedulng Limit and OSL, whichever is

binding first.

The IESO also runs two piispatch sequences (constrained and unconstrained) and two
reattime sequences (constrained and unconstrained). Intertie transactions are determined
by the final one hour ahead gpalespatch sequences and carried over totiesd. As a

result, intertie congestiatypically related toccongestion in the final preispatch'®®

Congestion can arise in either sequence. An interface is congested in the constrained

sequence when the phyaipower flow at the interface reaches its OSL and/or

Scheduling Limit. In the unconstrained sequence, congestion occurs when the net

schedules reach the Scheduling Limit.

e When an interface is congested in the constrained sequence, the associated

congestbn price is not applietbr settlemenpurposesrather, it is used to
determine the schedules. If the offer/bid prices of these scheduled transactions are
different from the market price, the traders may receive or be charged a CMSC

payment (see examplasTable 312 below).

198 Congestion can alsesult in reatime but not in pralispatch. If this is the case, the IESO may have to
curtail intertie transactions to avoid overload the transmissionitiresl time
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¢ When an interface is congested in the unconstrained sequence, the price at the
external zone differs from the price in the Ontario zone. There are two
implications to traders: a price implication and a CMSC implication. Under these
circumstances, an importer or exporter faces the risks that the power it has
contracted to buy or sell may not flow; or, if it does flow, the final price (the
market price plus the CMSC payment) may be unfavourable. Unless otherwise
stated, congestion ié following analysis refers to congestion in the

unconstrained sequence.

The following examples in Table Bt illustrate how the two sequences work and how a
trader faces different financial consequences. Assume the intertie is export congested,
eitherin the constrained sequence or the unconstrained sequence. There are two
exporters: Exporter 1 bids 200 MW at $100/MWh, and Exporter 2 100 MW at $45/MWh.
When there is congestion in the constrained sequence only, Exporter 1 has the same
schedules in botheguences and pay the external zonal MCP of $40/MWh while
Exporter 2 is constrained off but receives $5/MWh of CMSC payment. When the intertie
is congested in the unconstrained sequence only, Exporter 1 has the same schedules in
both sequences and pays $8Wh while Exporter 2 is constrained on but pays

$45/MWh (its bid price) after adjusting for the CMSC payment. These examples
highlight the complexity of the two sequence design and the different financial

consequences for different offer/bid strategiesmtm@ngestion occurs
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Table 314: lllustrated Examples of Export Congestion

Congestion in the
Unconstrained Sequence
Only

Congestion in the
Constrained Sequence Only

Exporter 1: 200 MW @ $100/MWh
Exporter 2: 100 MW @ $45/MWh

(1) MCP: $80/MWh
(1) Shadow price: $80/MWh (external) vs. $50/MWh
(external) vs. $50/MWh (internal)
(internal) (2) Shadow price: $46/Wh
(2) MCP: $40/MWh for both for both

Bid

Price/Shadow Prie

(1) 200MW scheduled in  |(1) 200MW scheduled in
Exporter 1 both sequences both sequences
(2) Pays $40/MWh (2) Pays $80/MWh

(1) 100MW in the

(1) 0 MW in the constrained ined b
sequence but 2100MW in constr'ame sequence
the unconstrained OMW in the unconstraing

Exporter 2 sequence

sequence
(2) Pays $80/MWh

2) Receives $5/MWh for ;
@) being constrained off (3) Receives $35/MWh for
beingconstrained on

The two dispatch sequence system also imposes additional risks to traders, compared to
domestic generators or load. For example, if there are transmission constraints within
Ontario as well as congestion at the intertie itself (e.g. iengport congestion as the

HOEP is greater than the intertie zonal MCP), an import may be accepted in the
unconstrained sequence but not in the constrained sequence (in other words, it is
constraineebff). The resulting constraineaff payment to the imgrter is the difference

bet ween the zonal MCP and the i mporterés
off payment that would be made to a domestic generator (the difference between the
HOEP and the offer price at the generator or $0/MWh, whictis\greater). Because

the zonal MCP is lower than HOEP, constraining off an importer results in a lower
constrained off CMSC payment to the importer than constraining off a domestic

generator.

Various Ontario interfaces have become increasingly expogested in the

unconstrained sequence since market opening. In contrast, the Manitoba and Minnesota
interfaces have been increasingly import congested in recent years. The percentage of
hours with congestion is shown in Tabld® The increase in expiocongestion is a
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result of improved supply and demand conditions in Ontario relative to external markets

in recent years. The increase in import congestion in the Northwest appears to be mainly

a result of increased participation at the interties, Wwaters having an interest in
obtaining constrainedff payments for their proposed impotfs.

Table 315: Percentage of Hours with TransmissionCongestion(in the
Unconstrained Sequence)
May-April, 2003-2010
(%)

2003/ 2004/ 2005/ | 2006/ 2007/ | 2008/ | 2009/
2004 2005 2006 2007 2008 2009 2010

Manitoba 0 0 0 1 0 0 0
Michigan 0 0 0 0 6 15 11
Minnesota 0 0 0 1 10 7 6

Export New York 2 3 10 8 16 25 16
PQAT n/a n/a n/a n/a n/a n/a 2

PQDA 0 0 0 0 0 0 0

PQHZ 2 3 6 1 10 16 3
Manitoba 1 1 1 1 1 6 14
Michigan 12 12 17 1 4 0 0
Minnesota 0 16 23 8 7 5 29

New York 1 0 1 0 0 1 0

Import PQAT n/a n/a n/a n/a n/a n/a 2
PQBE 0 0 0 1 1 0 0

PQDA 0 0 0 0 0 0 0

PQDZ 1 0 0 0 0 0 0

PQPC 0 0 0 1 0 0 0

PQXY 0 0 0 0 0 0 0

The increasing incidence ttBnsmission congestion at a few major interfaces has two
potential effects. First, payments to TR holders may increase, and anticipation of

increased payments may increase the TR auction price for current rounds of TR auctions

(assuming informational éffiency)'® Second, congestion rents should increase.

19 Because of large surplus supply in Northwest, generators and importers arytypitstraineeoff,
and are paid constrainedf payments for not producing or importing. For detailed discussion on the

Nort hwest iissues, refer to the PR®hel s January 2010

10 For a discussion of the extent to which TR auwiceflect accurate expectations of TR payoutstteee
Sectiontitled Auction Price and Payout
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Transmission Rights

Transmission Rights (TR) can be used by intertie traders to hedge the risks associated

with congestion at the interface and can potentially improve market efficiency. They may

also be purchased by parties that are not hedging physical transactions. When an intertie

is congestedh the directiorthat theTR holder owns TRs, the TR holder is entitled to a
payment (fApayouto) equal to t hepriggandthe di f fer
HOEP. For instance, a TR holder who has 100 MW of TRs for exports on the NYISO

interface during the year 2010 would be entitled to a payout of 100 times the positive

Intertie Congestion Price (ICP) (which in this case is the price at thE®'¥bne minus

the price in the Ontario zone) for each hour of the wholey&dn this example, the TR

holder would be hedged against the risk of export congestion on the NYISO intertie.

The example below in Figure8depicts how a trader could hedge tongestion risk by
holding TRs. Assume a trader has observed two possibilities: no congestion at all with a
possibility of 50 percent and an export congestion ICP of $20/MWh with a possibility of
50 percent. Then the expected ICP is $10/MWh. Based @xflexted congestion cost,

the trader has determined that a contract with Ontario generators to purchase 100 MW of
energy at $40/MWh and with New York consumers to sell the same amount of energy at
$60/MWh would allow him $5/MWh of profit (assuming $5/MVhtransaction costs).

If there is no congestion, the trader receives a profit of $15/MWh. However, when the
intertie is congested, the trader will lose $5/MWh. To hedge against the uncertainty, the
trader decides to purchase TRs. By holding TRs, thertveoléld receive $15/MWh of

TR payout from the congestion and his total profit returns back to $15/MWh, which is
exactly the same as when there Iis no congest

from congestion is fully hedged (at the expensédefauction price paid for holding

M1 The actual TR payout is based on feiaie price differences between the zones, which equals the ICP
except when one of the prices is capped at plus or r82@IMWh (the Maximum Market Clearing

Price). (When the ICP is negative, only the TR holders with TRs for imports rather than exports are entitled
to the TR payout for congestion.)
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those TR5). For example, assume the purchase price for a TR is $10/MWh. The

trader s net r et-$4035$10)svhed théraMIvb cofgestiom.. $ 6 0
Similarly, the trader 6$60$5+&20$10) whentheneisi s $5/ MWh
congestion. The traderodé6s net return is exact

uncertainty associated with congestion is fully hedged.

Figure 3-8: Hedging Against Congestion Risk

Ontario New York

$40/MWh X $60/MWh

NYISO Zone (in Ontario
50% chance at $60/MWh
50% chance at $40/MWh

Profit with congestion: $500 (s6.000 received from New York - $6.000 paid to
Ontario - $500 (uplift) ~ $2.000 (TR payout from Ontario) - $1.000 (paid for IR)

Profit without congestion: $500 (56.000 received from New York - $4.000
paid to Ontario - $500 (uplift) + $O (TR payout from Ontario) - $1.000 (paid for TR)

In reality, most physical traders do not ha\Rs or have TRs at different paths than their
physical transactions. This is not a surprise given that traders typically arbitrage the real
time price differentials between Ontario (external zones) and external markets and do
business in the markets ologucts that they are familiar with. The basic point is that

when an interface is congested, the TR holders collect the payout regardless of whether
or not they are actually trading, and thus the trading decision depends purely on the price
difference betwen the Ontario external zones and external markets. In this sense, all TR

holders are financial participants. Howesetrader with contractual commitments over a

"2How much a trader is willing to pay for TRs depends on his risksare For example, dsk averse
trader may be willing to pay up to ¥MWh for the TR(so that it breaks evemhile anotherisk taking
trader may be willing to pagnly up to $8/MWh for the TRs.
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path may want to lock in the expected ICP over the duration of the contract, or may not
contact until he/she has locked in the expected ITRat trader would be willing to pay

up to or even more than the expected value of the ICP for the requisite FTR, depending
on its tolerance of risksThis locks in the ICP over the duration of the coritedi¢he cost

of the auction price for owning the TRs, and the trader is fully hedged against congestion

at the path

Table 316 below shows the total transactions with and without corresponding TRs and

the total TRs owned by physical traders and firangarticipantsvho never have had

any physical power transactions. On average, about 64 percent of intertie trades have no
associated TRs, with a high of 70 percent in May 2008 to April 2009 and a low of 56
percent in May 2005 to April 2006. Financiakpeipants (who never have had physical
transactions) have purchased on average 23 percent of total TRs sold. The data indicates
that most othe TRs sold are not used for purposes of hedging the financial risks

resulting from physical transactions. Theoiec al | vy, even i f TRO6s were
hedging purposes financial participants could play an important role by improving the
price discovery process, thereby enhancing information brought to the market and
improving market efficiency. As is indicatedtime Appendix at the end of this Chapter,

it does not appear this theoretical benef it
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Table 316: Transmission Rights Owned by Physical Traders and Financial
Participants
May i April, 2003/2004- 2009/2016"
(in TWh equivalents)

Financial
Physical Traders Participants
Percentage of
Transaction | Transaction | Transaction
without With without Total TRs TRs
Corresponding |Corresponding|Corresponding| Owned Owned

Annual Period | TRs (TWh) TRs (TWh) TRs (%) (TWh) (TWh) Own %
May 03-Apr 04 11 6 66 43 11 21
May 04-Apr 05 12 8 59 44 14 24
May 05-Apr 06 12 9 56 57 6 9
May 06-Apr 07 10 6 62 60 8 12
May 07-Apr 08 17 9 66 46 25 35
May 08-Apr 09 20 8 70 35 20 36
May 09-Apr 10 14 6 69 47 15 24
Total 96 53 64 334 98 23

ThelESO offers both short and losigrm TRs for sale. Shotterm TRs areights for the
following month, while long term TRs have a duration of 12 months. Both guarantee the
TR holder a revenue stream for each hour in which there is congestion duringdte per

when the TRs are valid.

TR Clearing Account

In compliance with the Market Ruldd,4the IESO maintains a TR Clearing Account.
This account includes the TR auction revenue, congestion rent collected, and payouts to
TR holders (as well other relatedriie such as interest earned etc.). Auction revenue is

the revenue from selling TRs (both shtatm and longerm). Congestion rent is the

13 The data for the first year of the market (May 20682pril 2003) is not included because not all TRs
were sold at beginning of the market as a result of a lack of historical relevance to both the IESO and
market participants.

14 Market Rules, Chapter 8, Section 4.18.1.
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amount that the IESO collected as a lesficongestion at interfacé$® The TR payout

is the amount that the IESOigdo the TR holders for congestioff,(i.e. the TR awarded
times the ICP). Table-B7 below provides details on these three components over the
past eight May to April periods. Congestion rent shortfall is defined as the difference
between congestionmecollected and the payouts to TR hold&svhich will be further
discussed in later sgons. As a whole, the IESO hadcumulated an account balance of
$49 million*® by the end of April 2010 (after deducting a refund of $57 million to
consumers and exgers in 2007). The IESO Board of Directors is authorized to disburse

funds from the TR Clearing Account at such times it determines appropfiate.

Table 317: Transmission Rights Clearing Account Summary
May i April, 2002/2003- 2009/2010

(% millions)
Congestion Profit of

TR Congestion Rent Auction Holding Surplus

Payouts Rent Shortfall Revenue TRs (Deficit)

Annual Period (A) (B) (B-A) (© (A-C) (B+C-A)
May 02-Apr 03 82.21 81.37 (0.84) 11.62 70.58 10.78
May 03-Apr 04 38.13 34.85 (3.28) 16.70 21.43 13.42
May 04-Apr 05 29.02 22.10 (6.92) 27.51 1.51 20.59
May 05-Apr 06 90.63 65.01 (25.62) 40.66 49.96 15.04
May 06-Apr 07 25.78 16.18 (9.60) 39.51 (13.73) 29.91
May 07-Apr 08 69.34 41.62 (27.72) 25.64 43.69 (2.08)
May 08-Apr 09 97.92 68.32 (29.60) 28.38 69.54 (1.22)
May 09-Apr 10 38.40 27.17 (9.54) 30.43 7.97 19.20
Total* 469.72 356.60 (113.12) 220.46 250.95 105.65

*After reimbursement of $57 million to Ontario consumers and exporters in 2007, the account balance is
$49 million

There are two major obsations:
e The total TR Payouts (Column A) has exceeded the total Congestion Rent
(Column B) in all periods, leading to a Congestion Rent shortfall of $113.12

15 Congestion Rent is the retine net schedules in the constrained sequence times the ICP. Thus if the
reattime net schedulds different from the TR awarded, the congestion rent collected by the IESO would
be different from the payment to TR holders.

18 The revenue from selling lorigm TRs is evenly allocated to 12 months for which the TRs are valid.
17 Congestion rent shortfall is similarly defined in other markets, such as NYISO, MISO and CAISO.

18 Other account activities (e.g. interest adjustment, penalty, etc.) are not consideradrddetails, see:
http://www.ieso.ca/imoweb/marketdata/marketSummary.asp

19Market Rules, Chapter 9, Section 4.19.
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million since market opening. The large shortfall indicates that the volume of TRs
sold may be grater than the actual net schedules and/or there may be significant
transaction failures on at least some interfaagesvill be examined in more detall
below. The large shortfall is being more than offset by other sources, in the
current case, by the T&uction revenue, which has amounted to 23.6 percent of

total TR payouts since market opening.

e TR Payout (Column A) has exceeded Auction Revenue (Column C which is what
TR holders have paid) in most periods by about 110 percent on average. The
excess paynre represents a high rate of return for TR holders (as discussed more
fully in the SectionAuction Price and Payoljtpossibly indicating either a high
risk of owning TRs, or potential flaws in the TR auction design/process (e.g.
overselling TRs in ordeptstabilize the TR account which increases the volatility
of TR amount for sale and/or decreases the TR auction price), or uncertainty at

some interfaces where essentially only plteg/erhas dominated the transactions

The following sections assess in maaletailthe issue o€ongeston rent shortfall issue
and thehighrate ofreturn.

Congestion Rent Shortfall

As illustrated above, there are three main cash flowlseim R market: congestion rent,
payouts to TR holders and revenue from TR auctions. @tuneiéy:

e Congestion rent is the money generated by congestion and collected by the market
operator who manages the congestion. For example, when the NYISO interface is
export congested, exporters pay the IESO a higher zonal price at the NYISO zone,
while the IESO pays a lower price to internal generators for producing the energy.
The difference (i.e. the ICP times the net export schedules) is the congestion rent.

e Payout to TR holders is the amount paid to TR holders biEtB®who also
collects the congéisn rent. The payouts to TR holders tend to be roughly equal
to the congestion rent collected if the quantity of TRs sold is close to the net

schedule on a path in rei@ine.
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e Revenue from TR auctions is effectively the price for scarce transmission
capady, which inamarket with commercial transmitters would accrue to the
transmission owners. The auction revenue can be used for constructing new
transmission lines, or offsetting the transmission service charge to end users,
which everually benefits the @rket. Inreturn for the auction revenue, the
transmission owneliseep their capacity available. If they do not, thegy be

charged for overselling capacits’

As noted above, the Panel defines the congestion rent shortfall (or surplus) as the
difference between the collected congestion rent and TR payout to TR holders. In a world
without a TR market, there would be no sale of a fungible TR rights. Rather, traders
wishing to use scarce transmission would compete with one another to purchase firm
transmission service from the transmission owners. The payments made to the
transmission owner for this firm transmission service is conceptually equivalent to
congestion rent in a TR mark®&t. In addition, absent a TR market there would be no
payouts or auctiorevenues. Accordingly, when a TR market is introduced, payouts to
TR holders should not exceed congestion rents since congestion rents reflect the
conceptual value of the TR right. That 6s be
the TR rights to Thholders at a price that reflects the expected value of congestion. In
Ontario this principle should still apply even though the owner of all intertie transmission

capacity (Hydro One) does not directly participate in the TR market.

In fact, according tohe Market Rules®’t he amount of TRo6s for sale

established in such a way that the congestion rent collected by the IESO should be

120 For example, see:

http://www.nyiso.com/public/webdocs/documents/tariffs/market_services/services_tariff.pdf

1211n Ontario all scheduled transactions are treated as having firm transmission service. As such, bids and

offers implicitly include the expected cost of congestion.

2ZMar ket Rules, Chapt e rthe & SO shal condud asimultaseous feasibilayttests t h a't
during each TR auction to ensure that the congestion rent collected by the IESOurstealinost

circumstances, be sufficient to cover any payment obligations owing by the IESO to TR holders ... in

respect of all transmission rights outstanding and all transmission rights to be offered during the TR

auctiord Recognizing the potential coestion rent shortfall in some periods, Secdion 1 further states

t hat IESQ Bogardshkall establish a confidence level reflecting the degree to which the congestion rents
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sufficient to cover the payouts to TR holders under most circumstances. In other words,
the TR market is designed anway similar to what the Panel has anticipated, and thus
Column B in Table 47 should be approximately equal to or greater than Column A.
However, the results listed in the table indicate that, on that aggregate basis, this has not

occurred in any yeaince market opening.

Il n its response to the Ontario Energy Boardo

IESO stated thaf®

The TR market is a Aclosedod design whi

c h

rights auction proceedssdesig@dsbcongesti on

that these proceeds and rents are sufficient to fund TR payouts.

Specifically, the market is designed so that over time the offset of TR

auction proceeds/congestion rents and TR payouts maintains a rolling

balance of approximately $20 miliioOver time, nofTR market

participants (and rate payers) are therefore not exposed to TR market

costs. Similarly, the reference at p.

|l ess rebate to Ontari o consumerso i s n
the current TR markalesigns. As noted, the market is designed to

maintain a rolling balance of $20 million and to not rebate any

surplus to Ontario consumer@p. 5)

The Panel disagrees with this interpretation. As stated above, auction revenue
conceptually belongs to mamission owners and thus the TR market should not be
consi der ed as UWsingthelawtor rdvénuena afféetethte congestion rent
shortfall reduces the payment to transmission owners (likely the ratepayers in the Ontario
case if the auction venue is used to reduce transsidn charges to them) and over

compensates the TR holdensth little apparenbenefit to the market.

collected by théESQin a given period described in section 4.18.1.1 wilsbficient to coverthé ES O0 s

payment obligations tdR holderainder section 4.4.1 for that periodo.

123 Questions for IESO at Technical Conference Relating to MSP Monitoring Report on the IESO

Administered Electricity Markets for the Period from May 2009ctober 2009 (and previous MSP
reports), EB2009-0377, filed February 22, 2010.
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First, overcompensating TR holders does not help reduce congestion. Over
compensating TR holders neither brings in ntcaasmission capacity, nor
distributes electricity more efficientlywhich would also reduceansmission
congestion.

Second, ovecompensating TR holders does not necessarily lead to more intertie
transactions or greater intertie competition. As illusttabove physical intertie
transactions argypically divorced from TR ownershipnless traders condition

their transactions on TR ownership. Tabl@&shows that the majority of

physical transactions have no associated TR, implying that TR ownegship h
limited relationship with physical transactions. Moreover, a better way to promote
intertie competition is to improve the price fidelity and solve seam issues at the
interties.

Third, overcompensating TR holders dost necessarily result in a greater
participation in the TR market. As will be showed in Secfoistion Price and
Payoutlaterin Chapter 3there is a persistent lack of competition in the TR
market and a persistent large amourtiregoldTRs. All these signs indicate that

the TR marketd not working efficiently and the design warrants some serious
rethinking by the IESO.

A few important factors may have contributed to the significant excess of TR payouts

over congestion rent collected.

Transaction Failure: the congestion rent is deieed by multiplying the intertie
congestion price set in paispatch by the net transaction volume which is
scheduled in regime. When a transaction that has contributed to congestion in
pre-dispatch subsequently fails in rdathe, the total congestiorent collected
(based on the préispatch ICP) is smaller than what had been expected in PD
because of the lower retine volume. For example, assume the NYISO interface
is export congested with an ICP of $20/MWh and adispatch net export flow

of 1,000 MW. If all transactionsuccessfully flowin reattime, then $20,000 of
congestion rent will be collected. If a 50 MW export has failed after the pre
dispatch run, however, then lost congestion rent is $1,000 ($20/MWh times 50

PUBLIC 153



Market Surveillance Panel Report Chapter 3
November2009i April 2010

MW) because the congestioent is collected based on the reale net schedule
of 950 MW.

e Overselling of TRs: this could occur as a result of unexpected outages or
deratings, and/or intentional overselling
stabilize the TR account, whidould leads to potential ovselling of TRsSince
2004, he IESO Board has set a threshold of $20 million for the TR Clearing
Account in order to offset possible congestion rent shatfdlhen the TR
Clearing Account has accumulated above the thrdstiwd IESO is instructed to
increase the TR amount for sale until the accumulated amount drops close to the
threshold, or the TR amount for sale at any interface reaches its expected
maximum transfer capability, whichever comes fiféin simple terms, in
operating the TR market, the IE31@s been advisatbt to balance congestion
rent collected with the TR payment obligation. This purposely led to overselling
of TRs.

e The Two Schedule Market Design: as mentio
sequence@kign adds further complexity to the market. The unconstrained
sequence, which determines the ICP, uses a scheduling limit that typically reflects
the capability specific to the interface. However, the constrained sequence applies
the lower of the OSL/Scldeling Limit which can reflect constraints elsewhere
the entire system. In other words, the two dispatch sequence design leads to a net
schedule for collecting congestion rent being different from the net scheduling
limit that is used to calculate the ICP.

Figure39 bel ow il lustrates one example, showing
sequences can lead to congestion rent shortfall. Assume both the unconstrained export
Scheduling Limits and TRs sold are 1,500 MW at the MISO interface and 1,000 MW at

the NYISO interface. There are 2,000 MW of exports bid at the MISO interface at

124 For details, seénttp://www.ieso.ca/imoweb/pubs/training/TRworkbook. patid
http://lwww.ieso.ca/imoweb/pubs/consult/sel17/s20@70201TR-Info.pdf. It is worth noting that the
estimated maximum transfer capability could be much higher thatimeahctual transfer capail
because of forced outages/deratings, parallel flow, and other factors that affect-timeer@gleration.
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$100/MWh, and 1,500 MW at the NYISO interface at $50/MWh. In the unconstrained
sequence, both interfaces are export congested with a zonal price of $100/MWh at the
MISO interface an50/MWh at the NYISO interface. Assume the Ontario HOEP is
$30/MWh. As a result, the TR holders will collect payouts of $105,000 (1,500 MW *
($100%30)) at the MISO interface and $20,000 (1,000 MW * ¢($30)) at the NYISO
interface. However, because @rpllel flows of these export transactions (assume 30
percent of exports to MISO actually flow through NYISO, and 30 percent of exports to
NYISO actually flow through MISO), there are 1,500 MW scheduled at the MISO
interface but only 786 MW scheduled a¢ tRYISO interface in the constrained
sequencé?® Consequently, the congestion rent collected is $105,000 at the MISO
interface (matching the TR payout), but only $15,720 at the NYISO interface, (leading to
a congestion rent deficiency relative to the TRquayof $4,280 at the NYISO interface).

FEor a detailed discussion of parallel flI8@w, see

The 786 MW is calculated in order notdeerload the NYISO interface based on the portion of exports to
MISO is through the NYISO interface.

PUBLIC 155

t

he



Market Surveillance Panel Report Chapter 3
November2009i April 2010

Figure 3-9: Scheduling Differences between the Unconstrained and Constrained
Seqguence

Ontario ($30)

Offer:2,000MW @ Offer:1,500MW @
$100 to MISO S50 to NYISO

To isolate the effects identified above, the Panel has decomposed the congestion rent
shortfall into three components: shait$ due to the overselling of TRs compared to the
unconstrained Scheduling Limit; shortfalls due to the difference between the net
unconstrained schedules and the net constrained schedules, (when there is congestion in
the unconstrained sequence, theumatonstrained schedules are equal to the

unconstrained Scheduling Limit); and shortfalls due to transaction failures.

Mathematically, the decomposition can be expressed as follows:

Congestion Rent Shortfall = TR Payment — Congestion Rent
=TR*ICP —RT“™" = ICP
= (PDMW — RTCMW) « [CP
+(TR— PD"™) = ICP
+(PDYMW — pDMW) = ICP
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WhereTR --- the TR amount sold
PDYMY ... predispatch Net Schedules in the unconstrained sequence
PD“M"_.. Predispatch Net Schedules in the constrained sequence
RT*MY ___ RealTime Net Schedules at the same directiothas

congestion

e The first component(PD“*"™ — RT“M") = 1CP) measures how much of the
congestion rent shortfall was induced by transaction failures. Ideally, this
component should be further decomposed 1in
external | IO r&keetti g ,t ian pant sd acti ons.
continual adjustments to IESO coding practices, it is difficuttoiasistently
identify the failure reason. This is especially true when the IESO changed its code
in July 2007 at the NYISO interface tetter reflect the true causes of the
failures’®

e The second componer(ff(rR — PD"*™)

* [CP) measures how much of the
congestion rent shortfall was due to the IESO overselling the TRs in comparison
to the unconstrained Scheduling Limits. If the unconstrainedistihg limits are
the proper limits (because the ICPs are calculated based on these limits), then this
component measures the effect of overselling TRs.

e The third component(@D"" — pp“™") = 1CP) measures how much of the
congestion rent shortfall was inducedtbg difference between the two dispatch

sequences.

Table 318 reports the total congestion rent shortfall and its decomposition. There are a

few observations:

Before July 2007, the | ESO assumed almost all trans:
failure due to NYISO reliability. After having é&htified that some of the failures occurred because

transactions were not scheduled in NYISO simply due to being uneconomic, the IESO changed the coding

practice to better reflect the failure causes.
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e Transaction failures were the cause of most shortfalls in only one May to April
annual period (@03/2009.

e The overselling of TRs was the major cause of congestion rent shortfall in four
out of seven annual periods (2004/2005, 2006/2007, 2007/2008 and 2008/2009).

e The difference between the unconstrained and constrained sequence contributed
to mostof the shortfall infwo out of £ven annual periods (2005/20&6d
2009/2010).

Table 318: Congestion Rent Shortfall by Reasons
May i April, 2003/2004- 2009/2010

(% millions”)
Due to Due to

Transaction Overselling of Due to Two Total
Annual Period Failure TRs Sequences Shortfall
May 03-Apr 04 191 (0.99) 1.70 2.62
May 04-Apr 05 1.38 3.67 1.94 6.99
May 05-Apr 06 9.63 3.39 13.36 26.38
May 06-Apr 07 1.96 5.23 2.57 9.76
May 07-Apr 08 3.60 19.46 4.89 27.95
May 08-Apr 09 4.29 14.34 12.11 30.74
May 09-Apr 10 1.22 (1.86) 13.45 12.81
Total 23.99 43.24 50.02 117.25

*The numbers are slightly different from Tabld Babove because of missing numbers in the
schedule tables due to IESO tool failures. For example, thdigpatch constrained sequence
may fail, leading to no prelispatch record in the database.

The analysis above suggests that congestion rent shortfall can be significantly reduced if
the IESO reduces the number of TRs for sale and better matches the unconstrained
Scheduling Limits with theonstrained OSL/Scheduling Limit&’ Intertie failure was

also a significant cause for congestion rent shortfall.

127 Matching the two can also reduce the CMSC paymenmitéstie traderdecause match the two limits
would reduce the difference between the schedules in the constrained and unconstrained sequences
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Shortfalls Arising from Transaction Failures

Table 319 below lists the transactiefailure-induced congestion rent shortfall by failure
reason from the period of May 2007 to April 20f®Market participants who own TRs

have been responsible for the transaction failures that contributed 21 percent to 36
percent of the annual congestion rent shortfall, with an average of 29 percent over the
past three years. In other words, market participants holding TRs have contributed
congestion and received TR payments but have made no contributions to the congestion
rent due to transaction failures they were responsible for. This represented $2.6 million

of the shortfall over the past three years.

Table 319: Contribution of Congestion Rent Shortfall by, Failure Reasons
May i April, 20077208 - 2009/2010

(% thousands and %)
- : Participant-
Participants with TRs Controlled as
Participants | Participant External % of Total
Annual Period | without TRs | controlled IESO ISO Total Failure
May 07-Apr 08 2,117 747 241 495 3,600 21
May 08-Apr 09 1,972 1,536 486 294 4,288 36
May 09-Apr 10 350 346 93 427 866 28
Total 4,439 2,629 820 1,216 9,104 29

It is possiblehat a TR holder may strategically offer or bid to cohgesntertie and

then subsequently fail its transaction in order to receive TR payout. Fablbe8ow

|l ists the failed transactions wundfer mar ket p
transat i on under a partitbetrpdarwna R oo that interfade i s f ai
in the same direction as the trade. The amotimRs owned by the trader could be

different from the amount dWs scheduled or failed (e.g. a trader may own 100 MW of

TRswhile trading500 MW butfailing only 200 MW).Upon reviewthere is no evidence

128 Before July 2007, almost all failed transactions at the NYISO interface that were induced by
part i cigawetesodledascNYISO reliability. The estimate of congestion shortfall due to actions
under mar ket participantsd control for the period Ma)
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that TR holderfiave strategically congestadinterfaceonly to subsequently fail the

transaction.

Table 3200 Transaction Failures undd&FRHBlder t i ci pan
May i April, 2007/2008 - 2009/2010
(TWh and %)
Transaction . . Traders with TR . . deaswnmmtTR :
Type Annual Period Faneq thedmed Failure Faneq Scheduled in| Failure
Transactions in PD Rate (%) | Transactions PD Rate (%)
May 07 - Apr 08 41 4,839 0.8 146 5,397 2.7
Import May 08 - Apr 09 49 4,896 1.0 160 4,430 3.6
May 09 - Apr 10 14 2,419 0.6 46 3,757 1.23
Total 104 12,154 0.9 352 13,583 2.6
May 07 - Apr 08 199 8,660 2.3 343 8,753 3.9
Export May 08 - Apr 09 217 11,100 2.0 308 9,533 3.2
May 09 - Apr 10 186 7,785 24 207 7,936 2.6
Total 603 27,545 2.2 857 26,222 3.3

The Panel also reviewed the failure rate at the individual level and found no evidence

indicating that any participant has employed such a strategy. However, givéa.éhat

million out of the $9 million of congestion rent shortfall induced by transaction failure

wer e

due

to

monitoring the issue.

mar ket

Congestion Rent Shortfall by Interface

partici pant s dcordive

acti

Table 321 below reports the congestion rent shortfall by interface (all Quebec interfaces

are grouped together). As indicated by the data, the largest contributor to the congestion

rent shortfall is the NYISO interface, followed by the Minnesota interface. These two

interfaces accounted for about 74 percent of total congestion rent shortfall. Note the

Minnesota interface is a small interface with a normal import/export capacity of less than
150 MW, in contrast to about 2,000 MW each at the MISO and NYISO interfa@e, 27

MW at the Manitoba interface, and more than 1,000 MW at Quebec interfaces (excluding

the new 1,250 MW PQAT interface that came into service in July 2009). Given its small
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size, the average contribution to the congestion rent shortfall at the Minngsdtcin

was far greater than any other interface.

Table 321 Congestion Rent Shortfall by Interface,
May i April, 2002/2003 - 2009/2010

($ million s and %)

Annual Period | New York Michigan Minnesota | Manitoba | Quebec | Total
May 03-Apr 04 6.64 (4.06) (0.05) (0.07) 0.16 2.62
May 04-Apr 05 (0.45) 2.58 3.50 0.11 1.25 6.99
May 05-Apr 06 15.87 3.16 5.67 0.32 1.37 26.39
May 06-Apr 07 4.70 0.98 0.84 0.42 2.81 9.75
May 07-Apr 08 10.67 8.64 4.23 1.46 2.95 27.95
May 08-Apr 09 25.64 (0.112) 2.16 2.14 0.91 30.74
May 09-Apr 10 3.49 2.18 3.94 3.35 (0.15) 12.81
Total 66.56 13.37 20.29 7.73 9.27 117.25
% of Total 57 11 17 7 8 100

Table 322 below decomposes the causes of congestion rent shortfall at the NYISO and
Minnesota interface into three categories: transadéitures, the overselling of TRs and
differences between, the two dispatch sequences.

e Atthe NYISO interface, overselling TRs were the largest contributor to the
congestion rent shortfall (47 percent of the total). However in May 08 to April 09,
this fador contributed to $17.59 milliotf® accounting for about 60 percent of
total shortfall due to overselling of TRs. Otherwise, the three factors had roughly
comparable contributions to the congestion rent shortfall.

¢ At the Minnesota interface, overselling §®as the largest contributor (61
percent of the total shortfall), followed by the difference between the
unconstrained and constrained sequences (39 percent). Transaction failures did
not contribute to the congestion rent shortfalls.

129 There wasignificant export congestion in June and July 2008. There were alsmtu®in December
2008 with an ICP of above $1,900/MWHh, leading to about $2.9 million of congestion shortfall due to
overselling or TR (sold TR 1,024 MW vs. Scheduling Limit of 400 MW due to forced outages at the

Michigan interface).
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Table 322: Congesion Rent Shortfall by Reasons at the NYISO and Minnesota

Interfaces
May i April, 2003/2004- 2009/2010
(% millions)
New York Minnesota
Due to Due to Due to Due to Due to Due to
Overselling| Two Transaction | Total | Overseling Two Transaction | Total
Annual Period of TR Sequence]| Failure Shortfall of TR Sequence| Failure Shortfall
May 03-Apr 04 4.35 1.19 1.10 6.64 (0.06) 0.01 0.00 (0.05)
May 04-Apr 05 (1.30) 0.35 0.50 (0.45) 3.14 0.29 0.07 3.50
May 05-Apr 06 2.12 7.67 6.08 15.87 3.26 2.42 (0.01) 5.67
May 06-Apr 07 1.56 1.61 1.53 4.70 0.42 0.42 0.00 0.84
May 07-Apr 08 6.85 1.35 2.47 10.67 3.38 0.82 0.03 4.23
May 08-Apr 09 17.59 4.64 3.41 25.64 0.81 1.34 0.01 2.16
May 09-Apr 10 (0.20) 3.33 0.36 3.49 141 2.65 (0.12) 3.94
Total 30.97 20.14 15.45 66.56 12.36 7.95 (0.02) 20.29

Table 323 shows the decomposition of the causes of congestion rent shortfall at the
NYISO interface by transaction direction. It can be seen that there were more problems
with the export direction (83 percent of total sFaidl}. This is not surprising given that

the NYISO interface was typically export congested in both sequences, and the export
failure rate was the highest (see Chapter 1), and the schedules were highlgdiopact

the Lake Erie Circulation.

Table 323: |mport and Export Congestion Rent Shortfall by Reason at the NYISO

Interface
May i April, 2003/2004- 2009/2010
(% miflions)
Imports Exports
Due to Due to Due to Due to Due to Due to

Transaction|Overselling| Two Total |Transaction|Overselling| Two Total
Annual Period | Failure of TR |Sequenceq Shortfall |  Failure of TR |Sequence| Shortfall

May 03-Apr 04 0.03 5.32 0.17 5.52 1.07 (0.97) 1.02 1.12
May 04-Apr 05 0.01 0.02 0.00 0.03 0.49 (1.32) 0.35 (0.48)
May 05-Apr 06 0.99 3.05 1.07 5.11 5.09 (0.93) 6.60 10.76

May 06-Apr 07 0.00 0.21 0.08 0.29 1.53 1.35 1.53 4.41
May 07-Apr 08 0.08 0.46 0.04 0.58 2.39 6.39 1.31 10.09

May 08-Apr 09 0.06 (0.13) 0.01 (0.06) 3.35 17.72 4.63 25.0

May 09-Apr 10 0.00 0.00 0.00 0.00 0.36 (0.20) 3.33 3.49
Total 1.17 8.93 1.37 11.47 14.28 22.04 18.77 55.09
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Chapter 3

Table 324 presents the import and export path decompositions for the Minnesota

interface. The bulk of the shortfall (63 percent of the total) arose in the import direction.

The Minnesota interface was often import catgd in the unconstrained sequence but

often had no corresponding imports in the constrained sequence, as the Panel noted in its

January 2010 Monitoring Repdff

Table 324: Import and Export Congestion Rent Shortfall by Reason at the
Minnesota Interface
May i April, 2003/2004- 2009/2010

($ miflion s)
Imports Exports
Due to Due to Due to Due to Due to Due to

Transaction|Overselling| Two Total ([Transaction|Overselling] Two Total
Annual Period | Failure of TR | Sequence{ Shortfall | Failure of TR |Sequencey Shortfall
May 03-Apr 04 0.00 0.06 0.01 0.07 0.00 (0.12) 0.00 (0.12)
May 04-Apr 05 0.06 1.12 0.29 1.47 0.00 2.03 0.00 2.03
May 05-Apr 06 (0.01) 3.23 2.42 5.64 0.00 0.03 0.00 0.03
May 06-Apr 07 0.00 0.33 0.42 0.75 0.00 0.09 0.00 0.09
May 07-Apr 08 (0.01) 0.65 0.80 1.44 0.04 2.74 0.02 2.80
May 08-Apr 09 (0.14) 0.22 0.90 0.98 0.16 0.59 0.44 1.19
May 09-Apr 10 (0.14) 0.29 2.63 2.78 0.01 111 0.02 1.14
Total (0.24) 5.90 7.47 13.13 0.21 6.47 0.48 7.16

The Panel has observed some fundamental desigieprs in the current TR market

operati

on.

I n

parti

cul

ar ,

t he

mar ket i

S

TR auction revenue and congestion rent) are purposely distributed to TR holders. This

has led to an ovesompensation to TR holders af auction revenue that could have

been used more efficiently (e.g. building more transmission lines to relieve congestion).

In the near term, the IESO should revise its current design that has led to a significant

congestion rent shortfall and balance TR payout with the congestion rent.

1308 e e
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Recommendation %

The IESO should limit the number of transmission rights auctioned to a level
where the congestion rent collected is approximately sufficient to cover the
payouts to transmission right holders.

Auction Price and Payout

The above analysis has assessed the design of the transmission market. The other
important aspect of this market is the financial implications to the TR holders, i.e. how
much TR holders have paid and how much they have received/fomg the TRs. The
appendix to this chapter provides details on how profitable the TR market is and how
different it is at individual intertie

In summary, the Panel has achieved several purposes through the study:

¢ to show the distribution of profits @eturns received by investors in TRs and also
how these returns vary by type of TR, by path and over time;

¢ to show how the characteristics of paths differ in terms of the number of auctions
held, the number of bidders per auction, growth or variatidghe number of
bidders and the incidence of congestion;

e to investigate the possibility of a systematic relationship between the returns
received by investors in TRs and the characteristics of the path to which the TRs
apply;

e to quantify the payoff foregee on TRs not purchased and find the circumstances
under which this occurs; and

e to measure the extent to which tn@mund auction design of lorigrm auctions
reduces the discrepancy between the auction clearing price and the payout on the

TR concernedtfis is called the price discovery effect).

The Panel finds that, while some paths are better than others, the TR market as a whole is

not informationally efficient. In other words, the auction clearing price (ACP) of a TR
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provides relatively little infamation about the future payout on it. This may be because
bidders cannot readily predict incidents of congestion or predict the ICP when there is
congestion, or both. There is some limited indication that bids may respond to past

incidents of high payds but, as is the case with flipping coins, the past has not been a

reliable guide to the future.

On average, payouts to TR holders have been much higher than ACPs, but on some paths
and during some time periods there is a preponderance of pagsaithdn ACPSs.
Profits on TRs are due principally to occasionally very high payouts. Payouts vary

widely from period to period while ACPs vary within a much narrower band.

While the findings reported above are consistent with an inability on thefgadders

to predict incidents of very high payouts, an inability to predict specific incidents of high
payouts is not a sufficient explanation for high returns experienced on most paths over

fairly long periods. In the simplest terms, TRs sell at aifssgmt discount to the historic

average payout on them and while there is room for debate about the risk premium an
uncovered TR investor might require, it is hard to imagine that it would approach the

premium implicit in the long term return that havebeealized on most paths and in
aggregate (about 100 percent) since market
expectations regarding the longn average payout over time are simply less than the

historic experience but there are other possibiéagations.

The number of bidders on most paths is small and, with a few exceptions (most notably
the export path to Michigan), has not increased appreciably over time. The number of
bidders on most paths has absenfairly steady from period togsiod. There is at

present little to indicate the presence of potential bidders poised to bid in auctions on

paths on which returns to TR holders have been high.

While imperfectly competitive bidding cannot be ruled out as a reason for the high long
term returns to TR holders on many paths, there is no simple relationship between the

long term return on a path and its characteristics. Long term returns vary markedly
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across paths and are lowest on some of the paths with the fewest bidders. Further
analysis will be required to better understand the nature of the linkage between path long

term returns and path characteristics.

A major implication of the findings in this report is distributive. If the auction revenue
collected by the IESO was equal average to the amount it pays out to TR holders, this
would leave the entire congestion rent collectetheyESO available to rebate to
transmission owners or transmission users (loads and exporters) according to the market
rules. However,the amounthe IESO pays out to TR holders is well in excess of the
auction revenue it receives from them, so a significant part of its payout to TR holders
comes out of congestion rents. Thus, the result of the TR auctions is that a significant
fraction of congestin rents collected by the IESO has effectively been shared with TR
holder, many of whom are not participants in the physical market. In principle, the
participation of purely financial investors in the TR market should increase competition,
liquidity andinformation flows thereby resulting in a more informationally efficient

market. At present, there is little to indicate that this has occurred to any meaningful
degree. The IESO may wish to address the question of whether it sees the TR market as
a shamg device for congestion rents that would otherwise be rebated to transmission

owners or users and if so, who it wishes to share these rents with and to what end.

The informational inefficiency of the TR market may also have implications for the
efficiency of the physical market. If market participants are unable to predict intertie
congestion prices, they may enter into some intertie transactions that turn out to be
inefficientex post But the TR market is merely reflecting this rather than cautsing
market participants were to use ACPs in TR auctions as a signal of future intertie
congestion prices and the ACP is distorted, say, by lack of competitive bidding, then the
informational inefficiency of the TR market could have adverse efficienngequences

for the physical market.
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Summary

Some fundamental TR market design issues were identified by the Panel is this section.

The Panel identified the issues with the ocl
revenues (including TR auction rewee and congestion rent) are purposely distributed to

TR holders. Futhermore, the TR market was identified as not being informationally

efficient and the average payouts to TR holder were much higher than the auction

clearing prices since market opening2002. Based on these observations, the Panel

suggests the IESO conduct a full study to assess whether the TR market has performed its
primary function of helping physical traders hedge their financial risks and to identify

barriers that have preventgdrom properly functioning.

Recommendation &

The IESO should reassess the design of the Ontario TR market to determine
whether it can play a more effective role in supporting efficient trade with
neighbouring jurisdictions.
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Chapter 3 Appendix: Analysis of Transmission Rights Auction Price and Payout

1.1 Introduction

This appendix analyzes the transmission right auction revenue (to TR holders, it is the
cost paid for owning TRs) and payout (to

TRs) andhas the following objectives:

e to show the distribution of profits or returns received by investors in TRs and
also how these returns vary by type of TR, by path and over time;

e to show how the characteristics of paths differ in terms of the number of
audions held, the number of bidders per auction, growth or variation in the
number of bidders and the incidence of congestion;

¢ toinvestigate the possibility of a systematic relationship between the returns
received by investors in TRs and the charactessif the path to which the
TRs apply;

¢ to quantify the potential profit on TRs not purchased and find the
circumstances under which this occurs; and

e to measure the extent to which tnaund auction design of lortgrm
auctions reduces the discrepancinaen the auction clearing price and the
payout on the TR concerned*

The balance of this section is organized as follows. Section 1.1 outlines the dataset that
the Panel has used and how to interpret the auction series in the report. The relative
importance of shoiterm and longerm auctions and export and import paths is examined
in Section 1.2 Section 1.3 reports on differences in the average number of bidders per
auction across paths and over time. Section 1.4 reports the numbers of p&statipan

each intertie. Section 1.5 explains our measures of the profitability of TRs to those who
have invested in them. We define two measures of profitabiéiyrnandCumulative

131 Economists call this the price discovery effect
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Return and report values of them for each path and for various timedgerSection 1.6
reports on the proportion of TRs offered at auction for which there were no bids and on
the ultimate payout, if any, on these TRs. Section 1.7 examines the question of whether
the two round auction format in loigrm TR auctions results second round auction

clearing prices that predict payouts more accurately.

Section 2 of this appendix focuses on groups of paths. In Section 2.1, the variation over
time in the payout to holders of TRs and in the auction revenue received by @enES

all paths taken together is analyzed. Section 2.2 provides an analysis of the time pattern
of the payout to TR holders and the auction revenue received by the IESO on import

paths and export paths respectively.

Section 3 provides an analysis o fhR markets for each individual path. This analysis
includes a description of the behaviour of the auction market clearing price (ACP), the
payout per TR and the return on TRs over time on each path. It also includes an
examination of the relationshigtween the ACP in each auction and the payout on the
TRs involved in order to shed some light on the role of TR market in providing

information about future intertie congestion and intertie congestion prices (ICPs).

Section 4 contains some general casins arising from the analysis in the preceding

three sections.
1.2 Data used in this report
The data used in this report runs from market opening to March 2010. This covers

auctions from May, 2002 until February, 200.The last monthly auctiorof which we

can calculate a return or profit to an investor in a steonh TR is the February 2010

132\We have omitted 12 observations on stierm TRs from 2002003 from our graphical analysis of the
ACP, Payout and Return variables. These were cases in whrehwths no monthly auction in the month
prior to the month in which the TR paid out. The omitted observations are confined to the first year of the
market. These observations acg excluded from our calculation of the Cumulative Return since market
opening.
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auction. The last quarterly auction for which we can calculate a profit or return to an
investor in a longerm TR is the February 2009 auction. A lgegn TR purchased in
February 2009 would be valid from April 1, 2009 until March 31, 2010 that is, it would
have a payout period beginning April 1, 2009 and would be designated Q2 2009 under

the naming convention we have adopted.

1.3 Relativeimportanceof auction types and paths

There are two types of Financial Transmission Rights (TRs):-tront (monthly) and
long-term (annual). Auction revenues received by the IESO and payouts to TR holders
are reported in Appendix Tablel3below. Longterm TRs acount for nearly 75 percent

of both the TR auction revenues received by the IESO and the payouts to TR holders.
Viewed in terms of either auction revenue received by the IESO or the amount paid out to
TR holders, the lonterm TRs are more important thalnortterm TRs. Appendix Table

3-1 also shows that export paths are slightly more important than import paths in terms of
the percentage of auction revenues and payouts for which they account. Export paths
have accounted for 55 percent of the payoutsc@nglercent of the IESO auction

revenues since market opening.

Appendix Table 31
Auction Revenues and Payouts by Auction Type and Path
May 2002 March 2010133

($ millions)
Type of TR Auction Revenue Payout
Import | Export | Total Percentage| Import Export Total Percentage
Paths | Paths of Total Paths Paths of Total
(%) (%)

Short-Term 21 35 56 26.5 78 48 126 26.9
Long-Term 79 76 155 73.5 131 211 342 73.1
Total 100 111 211 100.0 209 259 468 100.0

The number of shotterm (ST) and longerm (LT) TRs solceach quarter since market
opening is shown in Appendix Figurel3 Each TR represents a MW. The figure shows,

133 These totals include lorgrm auctions running from market opening in May, 2002 to February, 2009
and shorterm auctions running from market opening to February, 2010. These are the auctions in our data
set for which we have completed paypatiods.
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for example, that TRs totalling 27,163 MW were sold during Q1 2008. This is comprised
of 3,107 shorterm plus 6,449 longerm TRs in January,884 shorterm plus 6,449
long-term TRs in February and 1,825 shtatm plus 6,449 longerm TRs in March.

The chart shows that although there is considerable variation over timeéefangRs to

account for a greater portion of TRs sold than dotsgieom TRs.

Appendix Figure 31: Transmission Rights Sold
May 2002i March 2010
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1.4 Number of idders per auction

The average number of bidders per auction on each path is reported in Appendix Tables
3-2 through 35 below*** The number of bidders imaauction is one of the factors that
determine how competitive the bidding is. Another factor is the number of potential
bidders.

As is shown in Appendix TablesZBand 33, the average number of bidders per auction
since market opening is between 2 &rfs] depending on the path, on the Manitoba and
Minnesota interties, close to four on the Michigan intertie and between three and four on
the New York intertie. The average number of bidders on the Quebec interties ranges

134 This is the average number of bidders in auctions with completed payout periods as of March 31, 2010.
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from less than two to over fiV€> The export path from Ontario to Quebec at PQAT has

averaged over five bidders for shtetm TRs but this is based on only sevecent

auctions.

The largest number of bidders in any auction to date is thirteen. This occurred on the

Ontario to Michgan export path in the May, 2009 monthly auction.

Appendix Table 2
Average Number of Bidders per Auction, Import Paths
May 2002i March 2010

Auction lnlene
. _— . New Quebec
Type Manitoba|Michigan |Minnesota York |POAT | POBE | PODA | PODZ | POPC|POXY
Short -Term 2.0 3.9 2.2 3.3 3.6 2.8 2.2 2.0 2.4 1.8
Long -Term 2.0 4.0 2.2 3.2 n/a* 2.6 2.1 1.9 2.4 1.8
* No complete LT TR data available
Appendix Table 33

Average Number of Bidders per Auction, Export Paths
May 2002i March 2010

] Intertie
Auction New Quebec
Type Manitoba | Michigan | Minnesota York POAT | PODA | POHZ
Short -Term 2.5 3.8 2.5 4.3 5.3 2.7 2.3
Long-Term 2.3 3.4 2.3 3.5 n/a* 2.2 2.3

* No complete LT TR data available.

The number of bidders per auction has increased on saiing gince market opening.

The number of bidders has increased slightly on all export paths (except PQDA),
especially in the case of shderm TRs on exports to Michigan. This can be seen in

Tables Appendix 3 and 35 which show the average number afders per auction for
auctions held in 2008 and 2009. This is consistent with the increased incidence of export

congestion in recent years.

135Because of the nature of these interfacéthe seveninterties between Ontario and Quebsg,are able
to handle imports (because thare only generators on the Quebec side)threkare able to handle
exports (because there are either load or transfer capability on the Quebec side).
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Appendix Table 34
Average Number of Bidders per Auction, Import paths

2008 Intertie
. bec
200uction  |yanitob alMichigan Mi New Que
Type Manitob a|Michigan [Minnesota York POAT | POBE | PQDA | PQDZ | POPC | POXY
Short -Term 2.0 4.5 2.1 3.3 4.5 3.1 2.6 1.8 2.8 na*
Long -Term 2.1 6.2 2.3 3.6 n/a* 2.8 2.3 2.1 2.6 2.0

* No complete LT TR data available.

Appendix Table &
Average Number of Biders per Auction, Export Paths

20082009
Auction Intertie Quebec
Type Manitoba | Michigan [MinnesotgNew Y ork POAT | PODA | POHZ
Short -Term 2.8 5.6 3.1 4.9 5.5 2.6 2.5
Long -Term 2.3 4.4 2.5 4.4 n/a* 2.1 2.7

* No complete LT TR dta available.

The average number of bidders per path on g€kam TRs on all import paths and all
export paths taken together is shown in Appendix Figit2e 3'he number of bidders on
export TRs shows an upward trend since 2004 with some spikesira@8®009. This
result is due largely to some spikes in participation in auctions for the export paths to

Michigan and New York. This feature is illustrated in Appendix Figuge 3

The average number of bidders per path {targh TRs on all import pashand all export
paths taken together is shown in Appendix Figude Jhere is no apparent trend in the
case of longerm auctions although there have been several incidents of spikes to three
bidders since 2007.

While there is variation in the avage number of bidders per auction on export and
import paths taken as a whole, the number of bidders on most paths has remained
relatively steady over time. The export path to Michigan appears to be an exception. The

export path to New York may also ba exceptiort>°

136 \Whether the apparent increase in participation on these paths reflects a systematic response to
anticipated congestion or profit opportunities remains to be determined.
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Appendix Figure 32: Average Number of Bidders, Shefiterm Auctions
May 2002i March 2010
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Appendix Figure 33: Average Number of Bidders, Export Paths
ShortTerm Auctions,
May 2002i March 2010
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Appendix Figure 34: Average Numbepf Bidders, LongTerm Auctions
May 2002i March 2010
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1.5 Profitability of TR Purchase

1.5.1 Definitions

The profit or return to the holder oMW of TR is measured in this report as the ratio of
the amount paid out by the IESO on it (referred tthig report as the payout) to the price
paid for it(i.e. the auction price)This measure is referred to as Return throughout the

balance of thisppendix. Thusa MW of TR that is purchased at auction for $1a0V

and yields a subsequent payout of $MB is defined to have yielded a Return of 1.30

or a revenue o$1.30for everydollar invested?’

The Return received by the holder cdteortterm TR is the payout on th€R (usually the
sum of the hourly intertie congestion prices (ICP) on the patberned during the
month concerned) divided by the amount paidfofflRe n t he precedi ng mont

auction. The price paid forMW of TRi n t he pr ecedi ngauaionnt hds au

1371n other words, the profit is $0.30/MW for every dollar invest&dr those more interested in rates of
return, the decimal fraction rate of return is simply (Retuthand thepercentage return is (Retuirrl) x
100 i.e. 30 percent in this example.
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clearing price (ACP) in that auction. The A& all TRs sold in amuctionis equal to

the bid of the marginal successful bidder in the auction.

The Return received by the holder of a ldagn TR is the payout on that TR during the
year it is in effect divided by the amount paid for it in the preceding quarterhpauttie
ACP). The payout on a lortgrm TRis the sum of the hourly intertie congestion prices

(ICP) or congestion rents on the path concerned during the yeafféasve.

The Qumulative Returmeceived by the holder of shadrmTRs during a giveime

period is the sum of the monthly payouts receivedhmrtterm TRsduring that time

period divided by the sum of the amounts paid for tAié&e For example, the
Cumulative Return oshortterm TRs during the year 2009 would be the sum of the
payous on shorterm TRs during 2009 divided by the sum of the ACPs in the relevant
monthly auctions (in this case, auctions held between December 2008 and November
2009).

The Cumulative Return on loftgrm TRs during a given time period is the sum of the
payouts received on lortgrm TRs outstanding during the period concerned divided by

the sum of the amounts paid for these TRs at auction.

The Cumulative Return is a weighted average Return where the weights are auction
revenue shares. The cumulativiure over two periods (months, quarters) can be

expressed as follows:

AQ, P AQ, P,
CR=(PQ +P,Q)(AQ +AQ,) = () )+ 7))
TR AQ AAQ, AT TAQFAQ, A,
where CR = cumulative return over periods (months, quarters) 1 and 2
P; = payout per TR on TRs valid for period
A = ACP of TRs valid for period
Qi = quantity of TRs sold foperiodi
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In contrast to the Cumulative Return, the simple average or unweighted mean Return
gives equal weight to individual monthly or quarterly Returns. Using the notation
defined above, the two period unweighted mean or simple Average Return (ABY ca

written as follows:

1P, 1P
ARZE(E)ﬁLE(E)

1.5.2 Findings

The distribution of Returns on TRs is skewed to the right. It is characterized by a
preponderance of low or zero Returns with some infrequent high and very high Returns.
This is illustrated in Appendix Figu@5 and 36. Appendix Figure % shows the
distribution of Returns on shetgérm export and import TRs. Most of these Returns are
either below one or zero but there are some above 25 (i.e. a revenue of $25 for every
dollar invested). Appendix Figure@shows the distribution of Returns on letegm

export and import TRs. There are fewer zero Returns but many below one. There are
also incidents of Returns above 25.

While they are relatively few in number, the very high Returns pull the simple
(unweighed) mean upwards so that it is well above the median Return on most paths.
This is especially true of Returns on skhemm TRs.
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Appendix Figure 35: Distribution of Return, Shor{Term Auctions

May 2002i March 2010
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Appendix Figure 36: Distribution of Returns, LongTerm Auctions

May 2002i March 2010
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The simple mean and median Returns on short aneténgTRs for individual paths are

shown in Tables Appendix@, 37 and 38. There are Returns on shtetm TRs as
high as 5,500 but this gacular case is due to TRs that were sold at $0.01/MW each

paying off $55/MW. These high Returns result in a very high simple average Return

although very little money may be involved. An extreme example is the export path to

Michigan. The simple avege Return on shoterm TRs for the period May 2002 to
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March 2010 is 73.55 (i.e. a $1 investment yields a $73.55 of revenue) but the median
Return is zero and, in fact, 80 percent of the monthly Returns on this path have been zero.
The distribution of Retrns on longterm TRs is less highly skewed than the shemn

Returns. There are fewer zero returns because incidents of congestion are more likely
during a year than during a single month. There also fewer extreme Returns-teriong

TRs because higReturn months with small payouts carry little weight in the full twelve
month payout period. Nevertheless, the simple average Return in the study period on
longterm TRs for exports to Minnesota, for example, is 11.40 (i.e. a revenue of $11.40

for everydollar invested), the median Return is 4.38 and 31 percent of the Returns on this

path were below one.

Appendix Table 36
Simple Average and Median Returns by Path and TR Type
May 2002i March 2010

Type Intertie
Manitoba Michigan Minnesota | New York
Mean| Median [Percentag{Mean|Median|Percentagg Mean|Median|PercentaggMeariMedian| Percentage
of Return of Return of Return of Return
<1 <1 <1 <1
(%) (%) (%) (%)
ST Import | 0.98| 0.47 69 2.06| 0.26 71 2.83| 0.68 56 3.94| 0.00 86
ST Export | 0.12| 0.00 96 85.01 0.00 77 11.92| 0.13 76 2.10| 0.50 65
LT Import | 2.77| 2.08 29 4.63| 1.59 42 4.26| 1.57 38 4.64| 0.95 50
LT Export | 2.92| 0.92 53 4.76| 2.53 32 10.69| 3.74 29 3.54| 2.30 32

Appendix Table 37
Simple Average and Median Returns, Imports from Quebec
May 2002i March 2010

Type Intertie
PQBE PQDA PQDZ PQPC
Mean |Median|Percentag{Mean|Median| Percentagg Mean|Median|Percentagg Mean|Median|Percentage
of Return of Return of Return of Return
<1 <1 <1 <1
(%) (%) (%) (%)
ShortTerm (12.92 0.14 72 4.72| 0.00 96 1.32| 0.00 87 12.93 0.00 94
LongTerm | 7.32| 2.34 43 0.15( 0.03 96 1.23| 0.27 82 13.00 0.08 75
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Appendix Table 3
Simple Average and Median Returns, Exports to Quebec
May 2002i March 2010

Type Intertie
PQDA PQHZ
Mean Median Percentage | Mean | Median | Percentage
of Return <1 of Return <1
(%0) (%0)
Short-Term 8.95 0.00 92 33.40 0.13 74
Long-Term 0.29 0.01 80 15.69 2.27 14

The Cumulative Return is much less sensitive to extreme observations than the simple
average Return. This is because the Cumulative Retumvegyated average where the
weights are given by auction revenue shate§.he Cumulative Returns on shaerm

and longterm TRs on each path in the study period and for varioupatihds are

reported on Appendix Table®Bto 314 below. It is apparetihat the Return to TR

holders varies widely between shtegtm and longerm TRs and among paths and time
periods. TR holders at every auction would have done very well on most paths: The
Cumulative Returns on shesgrm and longerm TRs on export andhport paths at the
Michigan, Minnesota and New York interties, for example, range from 1.04 to 5.02 (see
Appendix Table 3 and 310). On the other hand, TR holders confining themselves to
specific paths or time periods could have done very poorly. Xaongle, shorterm TR
holders with payout periods in 20082009 would have lost money on all but two import
paths (see Appendix Tableld).

Appendix Table 29
Cumulative Return, Import Paths
May 2002i March 2010

Auction & Intertie

Path . . . Quebec
Manitoba | Michigan | Minnesota [New York POAT* | POBE |PODA| PODZ [ POPC]| POXY

Short-Term 0.70 1.76 2.17 4.90 1.03 6.35 0.13 | 7.13 | 6.56 0.23

Long-Term 1.83 1.47 1.88 1.73 n/a 3.83 0.15 | 1.82 | 491 0.55

* No complete LT TR data available.

13870 take a simple example, suppose 10 TRs were sold in month 1 for 10¢ each and each paid $5/MW
resulting in a monthly Return of 50. Suppose 10 TRs sold in month 2 for $10/MVémdetach paid
$20/MW resulting in a Return of 2. The simple average Return for the two months would be 26. The
Cumulative Return would be 2.48. The cumulative return is [(50+200)/(1+100)] = 2.48.
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Appendix Table 310
Cumulative Return, Export Paths
May 2002i March 2010
Auction & Intertie
Path Manitoba| Michigan |MinnesotgNew York| Quebec
PQAT* | PQDA PQHZ
Short-Term  0.19 1.04 2.07 1.23 1.70 0.38 1.14
Long-Term 0.36 5.02 4.77 2.25 n/a 0.23 1.89
* No complee LT TR data available.
Appendix Table 311
Cumulative Return on Shorlferm TRs, Import Paths
20082009
Intertie
Manitoba | Michigan | Minnesota |New York| POAT | POBE PQDAQueFt’)g(I:DZ POPC POXY
0.67 0.08 1.24 0.09 1.97* 11.55 0.00 0.04 1.09 n/a**
* Therewere four auctions on this path with payout periods in 202809.
** There were no auctions on this path with payout periods in 2Q59.
Appendix Table 312
Cumulative Return on ShorlTerm TRs, Export Paths
20082009
Intertie
, _ : Quebec
Manitoba | Michigan |Min nesotaNew York POAT | PQDA | POHZ
0.39 1.08 0.89 1.12 2.59* 0.50 1.00
* There were four auctions on this path with payout periods in 2@089.
Appendix Table 313
Cumulative Return on Longrerm TRs, Import Paths
Auctions held between Q1 2007 and Q1 2009
Intertie
Manitoba | Michigan | Minnesota | New York POBE PODA S(l;eDk;ac POPC POXY
3.36 0.76 1.96 1.25 4.40 0.01 0.09 0.45 0.01

Appendix Table 314
Cumulative Return on LongTerm TRs, Export Paths
Auctions held baveen Q1 2007 and Q1 2009

Intertie
. . . Quebec
Manitoba | Michigan | Minnesota| New York PODA PQHZ
0.09 6.41 5.64 2.78 0.49 2.20 |

1.6 TRs Not Taken at Auction

In some cases, the quantity of TR bidders demand at auction is less than the quantity

offered forsale. In this case, the ACP is equal to the lowest bid price, which is the
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marginal bid. One reason this occurs may be that there has been no recent congestion on
the path concerned and market participants may see little prospect of a payout during the
month or year concerned. Another reason is that the number of TRs offered for sale on
some paths in a monthly auction is much greater than has been offered in the preceding

auctions.

Given that TRs have been purchased for as little as $0.01/MW per ritevdi)d

generally have been profitable in retrospect

and purchase any TRs that would otherwise have gone unsold. The (decimal) fraction of
TRs not taken and the payout they would have yielded is shown iasTAppendix 3L5

and31 6 bel ow. The payout dAleft on the tabl
the study period amounts to $9,138,000/MW. The New York import path and the

Michigan export path each account for more than one quarter of tHis tota

Appendix Table 315
Proportion and Value of TRs Not Taken, Import Paths
May 2002 to March 2010

Auction Intertie

& . o . Quebec
Path Manitoba | Michigan |MinnesotalNew York POAT | POBE | PODA | PODZ | POPC | POXY

ST Proportion 0.000 0.079 0.000 0.294 0.095 0.045 0.017 0.007 0.000 0.000
Not Taken

ST Value Not 0 4 0 2,454 0 1,434 0 0 0 0
Taken, $1,000
LT 0.000 0.014 0.000 0.014 n/a* 0.064 0.000 0.000 0.002 0.053
Proportion
Not Taken
LT Value Not 0 1,097 0 471 n/a* 18 0 0 0 5

Taken, $1,000

* No complete LT TR dta available.
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Appendix Table 316
Proportion and Value of TRs Not Taken at Auction, Export Paths
May 2002i March 2010

Auction Intertie
& . _ . Quebec
Path Manitoba | Michigan |MinnesotalNew York POAT | PODA | PQHZ
ST Proportion 0.000 0.088 0.000 | 0.025 | 0.007 | 0.000 | 0.000
Not Taken
ST Value Not 0 2,488 0 274 20 0 0

Taken, $1,000
LT Proportion 0.000 0.034 0.023 | 0.003 n/a* 0.000 | 0.025
Not Taken
LT Value Not 0 123 109 441 n/a* 0 204
Taken, $1,000
* No complete LT TR data available.

1.7 Effect of th&wo Round Auction Design on the Informational Efficiency of Long

Term TR Auctions

The IESO runs the lonatgrm TR auction quarterly, with approximately 25 percent of the
annual total longerm TR offered at each auction. Each auction is done in two réands
allow price discovery, with 25 percent of total available for that auction offered for sale
in the first round accounting and the remaining 75 percent in the second round.

The price discovery opportunity arising from the second round, thetdosngaution can

be regarded as beneficial (improving informational efficiency) if the ACP in the second
round auction is closer to the ultimate payout to the rights holder than the ACP in the first
round auction. Put another way, if the absolute difference battie payout and the

second round ACP is less than the absolute difference between the payout and the first
round ACP, this supports the inference that second round bidders learned something from
the results of the first round auctioH.

139 Given that the second auction is usually held thrgesdla af t er t he first auction,

information from the first round is the ACP. There are possibly other information flows in the three days,
such as transmission and generation outage planning, and forced outages at major trafigesssiwh
generation, both internal and external.
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We define the Bcovery variable for a lonterm TR with a payout period beginning in

quarter t as:

Discovery (t) = (|Payouti ACPy; | - | Payout;T ACPy |) / ACPy

where:

Payout; = payout on an longerm TR with a payout period beginning in quarter t

ACPy; = first round auction market clearing price for an kiegn TR with a payout

period beginning in quarter t

ACP;; = second round auction market clearing price for a-tengn TR with a payout

period beginning in quarter t.

|Payaut ;1 ACPy; | represents the absolute difference

The Discovery variable is greater than zero if the second ACP is closer to the payout on
the TR concerned than the first round ACP. The discovery variable is less than zero if
the gap between the ACP atti@ payout is greater in the second round than the first

round.

The values of the Discovery variable reported in the Tables Apperidix 318 and 3

19 below show that, since market opening, the absolute difference between the ACP and
the payout hasden greater in the second round in some cases, notably on both Manitoba
paths and the PQDA and New York import paths, and lower in some cases, most notably
on the export paths to Michigan and Minnesota. Averaging across paths, the second
round ACP has beecloser to the payout than the first round ACP and this effect is more
pronounced with the export paths. For ldagn auctions held between Q1 2007 and Q1
2009, the second round ACP is, on average, closer still to the payout and this effect is

more pronanced with export paths.
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In sum, the results of the first round auction do not inform bidding behaviour in the
second round auction in all cases. However, they do so on average. The extent to which
the results of first round bidding behaviour inforetend round bidding is greater in the

case of export paths and has improved over time.

Appendix Table 317
Price Discovery: Percentage Reduction in Second Round vs. First Round Discrepancy
between Payout and ACP, LoABerm Auctions, Import Paths
May 20@ 1 March 2010

Time Frame Intertie
&
. o . New Quebec
Path Manitoba|Michigan |Minnesota| York | POBE | PODA | PODZ | POPC | POXY
Since market opening -13 4 -3 -4 7 -1 24 25 1
Auctions held between Q1 -5 57 9 -13 -27 -6 7 30 -6
2007 and Q1 2009

Appendix Table 318
Price Discovery: Percentage Reduction in Second Round vs. First Round Discrepancy
between Payout and ACP, LoABerm Auctions, Export Paths
May 2002i March 2010

Time Frame Intertie
& . o ) New Quebec
Path Manitoba |Michigan [Minnesota York PODA POHZ
. . -5 13 31 4 -4 11
Since market opening
Auctions held between -3 19 51 7 -12 21

Q1 2007 and Q1 2009

Appendix Table 319
Price Discovery: Average Percentage Reduction in Second Round vs. First Round
Discrepancy between Payout and ACP in Leiigrm Auctions
May 20021 March 2010

Time Period Import Paths Export Paths
Since Market Opening 4 8
Auctions held between
Q1 2007 and Q1 2009 5 14
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2. Analysis of Aggregate Auction Revenues and Payout
2.1 Time Pattern of Auction Revenue and Payout on All Paths

The aggregate auction revenue received by the IESO and the aggregate payout to holders
of longterm TRs are plotted against time in Appendix Figuie 3\ggregation across
paths washes out random fluctuations in individual paths so that underlying aycles o

trends are easier to discern.

To interpret Appendix Figure-3, note that vertical axis is in dollars and the horizontal

axis represents time, measured in quarters. The blue line is the revenue received by the
IESO from the auction of lonterm TRs vith a payout period beginning in a given

guarter. The red line is the payout to holders of TRs with a payout period beginning in a

given quarter.

Examining Appendix Figure-3, we find that, for the most part, the payout to TR holders
exceeds theuwtion revenue received by the IESO, sometimes by a very large amount.
The difference between the two series is the profit to TR holders. The auction revenue
tracks the payout but does so very imperfectly. Sometimes it misses turning points in the
payou entirely. Other times, it increases with the payout but by a smaller amount. In
essence, while the payout varies widely, the auction revenue varies within a much

narrower range.

The auction revenue received by the IESO and the payout to holdemstetesim TRs

are much more volatile than is the case with {@rgn TRs. This is shown in Appendix
Figure 38.1*° There are many spikes in monthly payouts that have a muted effect on
annual payouts. Moreover, the payouts on{targy TRs auctioned eachayter overlap

so the payout series is effectively a moving average. Looking past this volatility, there is

140 september 2002 is omitted from Appendix FigB® as it is a significant outlier and would otherwise
distort the Figure. Total revenues and payouts for the month were $42.3 million and $0.6 million,
regectively.
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essentially the same messéagauction revenues do not anticipate subsequent spikes in

payouts very well.

Appendix Figure 37: Auction Revenue anéayout,

Long-Term, All Paths
May 2002i March 2010
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Appendix Figure 38: Auction Revenue Received and Payout,
Short-Term TRs, All Paths
May 2002i March 2010
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The relationship between the aggregate revenue received by the IESO ftartongRs

in each quarterly auction and the aggregate payout to holders of these TRs is shown in
Appendix Figure 3. The IESO auction revenue is on the vertical axis and the payout to
TR holders is on the horizontal axis. The scatter of points in the figure regrésent

IESO auction revenue and the payout to TR holders associated with each quarterly
auction. The scatter of observations in this figure is-bveflaved compared with the
scatters for individual paths. There are no zero observations and only a feredus

close together.

There are three lines in Appendix Figur®.3The first is the Auction Revenue = Payout

line. Although it may not appear so due to the scaling of the axes of the figure, the slope

of the Auction Revenue = Payout lineisonebydeni t i on . I f the |1 ESOO:-
auction equalled the subsequent payout on the TRs concerned, all the data points in

Appendix Figure 3 would lie along this line. In this case, bidders would just break

even (Return = 1). This line representsglieation of a perfectly informationally
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efficient market in which bidders anticipate the payout on a TR and pay theirdweak

price for it}**

The second (dashed) line is the Auction Revenue = Average Payout line. This line is
horizontal becaus@verage Payout is a constant. If the revenues the IESO received from
each auction were equal to the average payout since market opening, all the data points in
over the longerm Appendix Figure-3 would lie along this line. Bidders would also

just bre&-even in this case. This line represents a more realistic but still idealized

situation in which bidders cannot predict the payout on individual TRs but do know what
the average payout over time will be and they bid that amount in every auction. When
there is no payout, they lose money and by definition they make enough money when the
payouts occur to breadven over time.

The third line is the LS (least squares) line fitted through the scatter of IESO auction
revenue and payout observations. Time provides a rough estimate of the average
relationship between the revenues received by the IESO in individualdondl'R

auctions and the payouts on these TRs. If the LS line slopes upwards, this means that
there is some tendency for bidders to paye for TRs that turn out to yield higher

payouts.

In Appendix Figure 3 we see that the scatter of observations around the Auction
Revenue = Payout line shows that occasionally the auction revenue received by the IESO
is higher than the payout to T®Iders but most of the time it is lower. The LS line

reflects this. It lies below the Auction Revenue = Payout line except at very low payouts.
It has a positive intercept and a positive slope that is less than one. The positive intercept
is a refletion of the positive prices paid for TRs when it turns out that there is little
congestion. The positive slope implies that that bidders pay somewhat higher prices for
TRs that turn out to have higher payouts but not on a dollar for dollar basis. As a

141 pepending on the risk aversion, some traders may be willing to pay a higher price than the expected
payout, while others willing to pay a lower price. On average, the auction price inleleiled TR
market should be approximately equaltie payout.
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consequence, their Return on high payout TRs is very high and this more than offsets low
Returns on TRs with low payouts. This is also implied by the scatter of observations
around the Auction Revenue = Average Payout line. All but one observation@se bel

it, implying that with one exception, the revenue received by the IESO from each auction

is less than the average payout to TR holders since market opening.

Appendix Figure 39: Auction Revenue and Payout,
Long-Term, All Paths
May 2002 March 2010
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2.2 Time Patterns of IESO Auction Revenue and Payout to TR Holders on Import and
Export Paths

The auction revenues received by the IESO and payouts to holders-télom@Rs sold

on all import paths and all export paths respectively show cle@rpabver time and

these illustrate another characteristic of the TR market. High payouts on import path TRs
reflect import congestion during the early years of the market. High payouts on export
path TRs reflect export congestion in recent years dtsio apparent that for the very

high payout TRs, payouts vastly exceed the prices paid thus resulting in very high
Returns to TR holders as well.

One implication of this is that inferences as to whether Returns to TR holders on a
particular path areigh or not differ according to the time period examined. This can
lead to false inferences about whether there has been learning among potential bidders or
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whether bidding has become more or less competitive. The declining trend of Returns to
TR holderson import paths does not necessarily imply more competitive bidding while
the increasing trend of Returns to TR holders on export paths does not necessarily imply
less competitive bidding.

The auction revenue received by the IESO and the payout otdongl'Rs on all import
paths are shown in Appendix Figurd@. The pattern is one of very high payouts, well

in excess of the prices paid for these TRs, in 2002 and 2005 with much smaller payouts
thereafter. The highest annual payout (nearly $21 milioiiRs that sold for under $2.7
million) occurred for the Q3 2002 TR (July 2003une 2003 payout period). The

second highest annual payout (over $16 million on TRs that sold for $4.5 million) was for
the Q2 2005 TR (April 2006 March 2006 payout perigd

The auction revenue received by the IESO and the payout otdongl'Rs on all export
paths are shown in Appendix Figurd B. The pattern is one of very low payouts in the
early years of the market with much higher payouts in recent years. THestagnual
payout ($45.8 million for TRs that sold for under $6 million) was for the Q1 2008 TR
(payout period JanuaiyDecember 2008). The second highest payout ($43 million for
TRs that sold for under $7 million) was for the Q2 2008 TR.
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Appendix Figue 3-10: Auction Revenue and Payout
Long-Term TRs, All Import Paths
May 2002i March 2010
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Appendix Figure 311: Auction Revenue and Payout
Long-Term TRs, All Export Paths
May 2002i March 2010
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The relationship between the quarterly auction reveaceivved by the IESO for lorg
termTRs on all import paths the subsequent payout on them is shown in Appendix

Figure 312. The relationship between the quarterly auction revenue received by the
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IESO for longterm TRs on all export paths and the subseqo@ydut on them is shown
in Appendix Figure 3L3.

As was explained above in connection with the analysis of the relationship between IESO
auction revenues and payouts to TR holders on all import and export paths taken
together, IESO auction revenue istbe vertical axis and the payout to TR holders is on

the horizontal axis. The scatter of points in these figures therefore represents auction
revenuepayout combinations for lorggrm export or import path TRs auctioned in each
guarter since market opeg. The LS (least squares) line fitted through the scatter of
auction revenuepayout observations provides a rough estimate of the extent to which
auction revenues received by the IESO on export paths and import paths vary with the

subsequent payouts TR holders.

There are some observations above the Auction Revenue = Payout line in Appendix
Figure 312 but most are below it and some are very far below it. Similarly, there are
some observations above the Auction Revenue = Average Payout linegiwdrenbelow

it. The LS line, fit through the center of the scatter, reflects this. It lies below the
Auction Revenue = Payout line except at relatively low payouts. It has a positive
intercept and a positive slope that is less than one. The pastaveept is a reflection of

the positive prices paid for TRs that turn out to have low payouts. The positive slope
implies that that bidders pay somewhat higher prices for TRs that turn out to have higher
payouts but not on a dollar for dollar basis. adsonsequence, their Return on high

payout TRs is very high and this more than offsets low Returns on TRs with low payouts.
The position of the LS line below the Auction Revenue = Average Payout line implies

the same thing.

Appendix Figure 3.3 (forexport paths) can be interpreted in the same way as Appendix
Figure 312 with the results implying a higher Cumulative Return to TR holders. There

is only one observation above the Auction Revenue = Average Payout line. There are
only three observatiorebove the Auction Revenue = Payout line implying a Return

greater than one in all but three payout periods. As the LS line indicates, TRs yielding
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higher payouts tend on average to fetch higher ACPs but this is not sufficient to keep the

Return on high pgout TRs from being much higher.

Appendix Figure 312: Auction Revenue and Payout
Long-Term TRs, Import Paths
May 2002i March 2010
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Appendix Figure 313: Auction Revenue and Payout
Long-Term TRs, Export Paths
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3. Analysis ofndividual Path
3.1 Introduction

The analysis of th&R markets for individual export and import paths makes use of three
sets of figures. The first set plots the ACP and payout, on-trartand longerm TRs
respectively, against time. This providesindication of the dollar magnitude of payouts
and ACPs and of the difference between them.

The second set of figures plots the Return (Payout/ACP) ontenortand longerm
TRs respectively against time. It is useful to look at the first two $étguoes together
because there are many instances in which the Return is very high but the dollar payout

involved is quite small}*?

The third set of figures summarizes the relationship between the prices paid for short
term and longerm TRs respectig and the subsequent payouts on them since market
opening. The ACP is on the vertical axis and the payout per TR is on the horizontal axis
of these figures. The scatter of points in the figures represents the ACP and payout

resulting from each TR aucticsince market opening.

The position of the LS line relative to the ACP = Payout line and the ACP = Average
Payout line tells us something about both the informational efficiency and profitability (to
holders of TRs) of the TR market concerned. [fltBdine coincides with the ACP =

Payout line, the market (for the TR type and path concerned) is informationally efficient.
That is, the ACP is an unbiased estimator of the future payout on the TR concerned. In
this case, TR markets provide informatavout future congestion and Intertie

Congestion Prices (ICPs). If the LS line coincides with the ACP = Average Payout line,
bidders break even over time but the ACP provides no information about the future
payout on the TR concerned and therefore nom&bion about congestion during the

payout period of the TR concerned. If the LS line has a zero slope and lies below the

142 Twelve shortterm auctions in 2003 are omitted from these figures.
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ACP = Average Payout line, bidders have made profits on average and the ACP provides

no information about congestion during the paymriod of the TR involved.

As stated above, the LS line provides a rough estimate of the relationship between the
ACP and the payout in the auctions held to date. This estimate can be very rough indeed.
If the scatter of observations around the I lis highly dispersed, estimates of its slope

and intercept can be very imprecise. This is also the case if there are extreme
observations or if there are many observations massed on a single point (for example, at
the zero payout point). In such sitioats, even though the estimated slope of the LS line
may be positive, the slope is statistically indifferent from zero. Thus, in the cases
examined below, a positively sloped LS line may imply that that the TR market is
providing some indication of futul€Ps but it is also possible that it is providing none.

3.2 Manitoba
3.2.1 Imports from Manitoba

There is one path for imports from Manitoba. There have been 8étsirarand 24
long-term auctions on this path in the study period. Thasebeen an average of two
bidders in both the shetérm and longerm auctions.

The auction clearing price (ACP) and payout per TR on gbort TRs on the import

path from Manitoba are plotted against time in Appendix Figutd.3Note that in

contast to the aggregate results presented in Appendix Figi8e3 B0 and 311 above,

the figures for the individual paths show the price and the payout on a single TR (1 MW)

on the vertical axis.

The Return on shoeterm TRs is plotted against time Appendix Figure 3L5. The
Cumulative Return on shererm TRs was 0.70 (i.e. a revenue of $0.70 per dollar
invested in TRs). The Cumulative Return on stemn TRs was 0.67 (or a revenue of
$0.67 to TR holders for every dollar they invested) in 209&nd 0.58 in 2009.
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Notwithstanding these negative Returns, all TRs offered in monthly auctions for this path

have been taken.

The ACP and payout per TR on letegm TRs on the import path from Manitoba are
plotted against time in Appendix Figurel8. The Return on longerm TRs is plotted

against time in Appendix Figure1¥.

The Cumulative Return on logrm TRs is 1.83. The Cumulative Return on lbsgn

TRs auctioned between Q1 2007 and Q1 2009 was 3.36 (or $3.36 revenue to TR holders
for evay dollar they invested). As can be seen in Appendix Figure, 3he high

Cumulative Return is the result of three episodes of high Returns: 2003, 2005 and 2007
09.

Appendix Figure 314: ACP and Payout for ShofTerm TRs
Manitoba to Ontario
May 2002i March 2010
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Appendix Figure 315: Return on ShodTerm TRs
Manitoba to Ontario
May 2002i March 2010
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Appendix Figure 316: ACP and Payout, Longerm TRs
Manitoba to Ontario
May 2002i March 2010
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Appendix Figure 317: Return on LongTerm TRs
Manitoba to Ontario
May 2002i March 2010

The relationship between the prices paid for steath TRs and the subsequent payout

on them is shown in Appendix Figurel8. The relationship between the prices paid for
long-term TRs and the subsequent payoutfeem is shown in Appendix Figureld.

The ACP is on the vertical axis and the payout per TR is on the horizontal axis of these
figures. The scatter of points in the figures represents the ACP and payout resulting from

each TR auction.

In the cas®f shortterm TRs on this path (Appendix Figurel8), the LS line lies above

the ACP = Average Payout line implying that, on average, the ACP has tended to exceed
the average payout. The LS line has a positive slope that is less than one. This implies
that the ACPs are somewhat higher for TRs that turn out to have higher payouts but not
on a dollar for dollar basis. The slope of the LS line is pulled down by two extreme
observations with relatively high payouts and relatively low ACPs implying vety hig
Returns to TR holders. The market for shertn TRs on this path differs from most

other paths (although it is similar to some of the Quebec paths) in that, on balance,
bidders have ended up with a Cumulative Return that is less than one, i.e. TiR holde

have lost money in the TR market. .
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The estimates of the slope and intercept of the LS line are very sensitive to extreme
observations such as the TR that sold for $350/MW and paid $4,246.19/MW in
September, 2007. Given the broad scatter of the-R@pff observations around the LS

line, the extreme observations and the number of observations massed at the zero payout
point, neither the slope nor the intercept of the LS line can be said to have been estimated

with any degree of accuracy.

The rehtionship between the ACPs and the payouts for-teng TRs is another matter
entirely. The LS line in Appendix FigureI® has a slightly negative slope indicating

that, if anything, bidders end up paying slightly less for TRs with higher payoutsn Give
the imprecision of the slope estimate, the LS line can be treated as being horizontal
implying that the ACP provides no information about differences in payouts from auction
to auction. The position of the LS line as well as most of the scatter oVatises

below the ACP = Average Payout line reflects the Cumulative Return of 1.83.

Appendix Figure 318: ACP and Payout on ShoiTerm TRs
Manitoba to Ontario
May 2002i March 2010
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Appendix Figure 319: ACP and Payout on Londerm TRs
Manitoba to Ontario
May 2002i March 2010
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3.2.2 Exports to Manitoba

There have been 58 shaoerm and 19 longerm auctions on exports to Manitoba path in
the study period. The number of bidders since market opening has averaged 2.5 in the
shortterm auction and 3.in the longterm auction. The average number of bidders in

the shorterm auctions increased to three in 2009.

The time pattern of the ACP and payout on skenih TRs on this path is shown in
Appendix Figure 20. The Return on shetgrm TRs is showin Appendix Figure 21.

The Cumulative Return on shdgrm TRs since market opening is 0.19 (or $0.19

received by TR holders for every dollar they invested). The Cumulative Return on short
term TRs was 0.39 in 2068 and 0.10 in 2009. There hawseh only two instances
(December 2005 and December 2008) in which the payout materially exceeded the ACP.
Despite the negative average Returns, all of the-¢éort TRs offered on this path since
market opening have been taken.
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The time pattern adhe ACP and payout on loftgrm TRs on this path is shown in
Appendix Figure 22. The Return on lortgrm TRs is shown in Appendix Figure23.

The Cumulative Return on lortgrm TRs since market opening is 0.36. The Cumulative
Return on longerm TRsauctioned between Q1 2007 and Q1 2009 was 0.09. There have
been only two quarters in which the payout materially exceeded the ACP (payout periods
beginning Q2 2006 and Q3 2006 respectively). Despite the negative average Returns, all
long-term TRs offerean this path have been taken.

Appendix Figure 320: ACP and Payout on ShoiTerm TRs
Ontario to Manitoba
May 2002i March 2010
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Appendix Figure 321: Return on Shortterm TRs
Ontario to Manitoba
May 2002i March 2010
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Appendix Figure 322: ACP andPayout on LongTerm TRs

Ontario to Manitoba
May 2002i March 2010
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Appendix Figure 323: Return on LongTerm TRs
Ontario to Manitoba
May 2002i March 2010
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The relationship between the prices paid for steath TRs and the subsequent payout
on threm is shown in Appendix FigureZ!. The relationship between the prices paid for
long-term TRs and the subsequent payout on them is shown in Appendix Fgbire 3

In the case of the sheterm TRs (Appendix Figure-34), most of the observatioris |

above both the ACP = Payout line and the ACP = Average Payout line and the LS line
does so as well. This is consistent with the Cumulative Return onrtsharf Rs being

less than one. The LS line has a positive intercept and a positive slopddbsatisn

one, indicating that bidders pay more for TRs with higher payouts but not dollar for

dollar. This slope estimate is the result of only a few observations, however, as most data

points are massed on the vertical axis (positive ACP, zero payout).

In the case of the lorgrmTRs (Appendix Figure 25), the LS line has a positive
intercept and a negative slope. This is a result of some high ACPRSan which
there was no payout (in 2004 and 2007,Aggendix Figure 21) and twolRs (Q2
2006 and Q3 2006) that yielded higteturns but sold for relatively low ACPs. This
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combination of high ACPs with no payout and high Returns but modest payouts also

resulted in Cumulative Return since market opening that is less than one.

Appendix Figure 324: ACP and Payout on Shoiferm TRs

Ontario to Manitoba

May 2002i March 2010
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Appendix Figure 325: ACP and Payout on Longerm TRs

Ontario to Manitoba
May 2002i March 2010
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3.3 Michigan
3.3.1 Imports from Michigan

There is one import path o Michigan to Ontario. There have been 80 stemrh and

24 longterm auctions on this path in the study period. The number of bidders since
market opening has averaged close to 4 in both the-&mortand longerm auctions.

The number of bidders iruations for shorterm TRs with payout periods in 2009
increased to an average of 4.8. The number of bidders itdomgauctions averaged 6.2
in auctions held between Q1 2007 and Q1 2009.

The time pattern of the ACP and payout on skenth TRs on tis path is shown in
Appendix Figure 26. The Return on sheterm TRs is shown in Appendix Figure 3
27.

The Cumulative Return on shddrm TRs since market opening is 1.76, but this is driven
by some extremely high Returns in 2002, 2003 and 2005s gteown on Appendix

Figure 327, shoriterm TR holders on this path have earned much lower Returns since
the end of 2005. The Cumulative Return on stemwh TRs was 0.08 (or $0.08 received
by TR holders for every dollar they have invested) in 2008nd zero in 2009. A
consequence of these negative Returns was that about 20% of theshdrRs offered

in 200809 were not taken.

The time pattern of the ACP and payout on lbeign TRs on this path is shown in
Appendix Figure 28. The Returnmlongterm TRs is shown in Appendix Figure28.

The Cumulative Return on logrm TRs is 1.47. This is driven in part by exceedingly
high Returns in 2002 (over $20 per dollar invested) as well as generally high Returns
between 2002 and 2005. Sinbert, Returns have been lower, frequently less than one.
This is shown on Appendix FigureZ®. The Cumulative Return on lotgrm TRs
auctioned between Q1 2007 and Q1 2009 was 0.76.).
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Appendix Figure 326: ACP and Payout on Shoiferm TRs
Michigan to Ontario
May 2002i March 2010
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Appendix Figure 327: Return on ShorTerm TRs
Michigan to Ontario
May 2002i March 2010
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Appendix Figure 328: ACP and Payout on Longerm TRs

Michigan to Ontario
May 2002i March 2010
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Appendix Figure 329: Retun on LongTerm TRs

Michigan to Ontario
May 2002i March 2010

Return
|_\
o

e
iy
ﬁ
L
L

The relationship between the prices paid for stearth TRs and the subsequent payout

on them is shown in Appendix Figure38. The relationship between the prices paid for

long-term TRs andhe subsequent payout on them is shown in Appendix Fig8le 3
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In the case of shoterm TRs, the LS line has a positive intercept and a positive slope that
is less than one. The positive intercept reflects the instances in which TRs have sold for
postive ACPs but have yielded zero payouts. The positive slope implies that bidders
tend on average to pay more for TRs that turn out to have higher payouts although not on
a dollar for dollar basis. Examination of the scatter of AXalout observations in

Appendix Figure 30 reveals that there are many observations above the ACP = Payout
line, that is, there are many instances in which bidders ended up paying more for TRs
than the payout they received on them. Nevertheless, for the most part the ke@st squ
(LS) line through the scatter lies below the ACP = Payout line. This reflects the

influence of a few instances of extremely high payout on the right hand side of the figure.

The estimate of the slope of the LS line in Appendix Figu8@ & sengive to extreme
observations such as the TR that sold for $1,500/MW and paid $7,749/MW in January,
2004. Given the broad scatter of the AB®yoff observations around the LS line, the
considerable number of observations massed on the vertical axis dgetg)@nd the

extreme observations, the slope of the LS line cannot be said to have been estimated with

any degree of accuracy.

In the case of longerm TRs, the LS line has a positive intercept and a slight positive
slope. Given the broad scattertioé data points, this indicates little, if any, relationship
between ACPs for TRs and the subsequent payouts on them. The LS line lies uniformly
below the ACP = Average payout line. This tells us that while there are instances in
which the ACP exceedetld average payout since market opening, on average it did not.
This is consistent with the Cumulative Return of 1.47 on this path.
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Appendix Figure 330: ACP and Payout on Shoiferm TRs

Michigan to Ontario
May 2002i March 2010
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Appendix Figue 3-31: ACP and Payout on Longerm TRs

Michigan to Ontario
May 2002i March 2010
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3.3.2 Exports to Michigan

There have been 82 shoerm and 22 longerm auctions on this export path in the study

period. The number of bidders since market openisgliaraged 3.8 in the shaoerm
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and 3.5 in the longerm auctions. The number of bidders in the stearh auctions has

increased in recent years, averaging 6.5 in auctions with 2009 payout periods.

The time pattern of the ACP and payout on skenh TRs on this path is shown in
Appendix Figure 332. The Return on shetérm TRs is shown in Appendix Figure33.

The Cumulative Return on shddrm TRs is 1.04 (or $1.04 payout per dollar purchase)
but the Return has been much higher recently. Timeutative Return on sheterm TRs
was 1.08 in 200® and 1.57 in 2009. This is largely a consequence of a payout of
$4,293/MW in March, 2009 on TRs that sold for $295/MW. Appendix Figt88 8hows
that there have been a number of instances of very laglri® on this path. The reason

is that while the Returns were high, in many instances the ACPs and payouts involved
were not very large (see Appendix Figur82 so the high Return carries relatively little
weight in the Cumulative Return. For example March 2004 TR paid out $58.33/MW
but sold for $0.01/MW yielding a Return of 5,833.

Almost 9% of shorterm TRs offered on this path have not been taken. In 2009, 25% of
the shortterm TRs offered were not taken. These TRs would have paid oosteth) 2

million.

The time pattern of the ACP and payout on lbegn TRs on this path is shown in
Appendix Figure 84. The Return on shetgrm TRs is shown in Appendix Figure33.

The Cumulative Return on lortigrm TRs since market opening is 5.02he
Cumulative Return on lonrterm TRs auctioned between Q1 2007 and Q1 2009 was 6.59.
Consistent with these high Returns, all TRs offered in these nine auctions have been

taken.

As Appendix Figures-34 and 335 show, the high Cumulative Returnlong-term TRs
on this path is a consequence of high payouts in R@ADD9 which resulted in high
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Returns and also of much lower payouts in 2004 which, nevertheless, resulted in high

Returns as well.

Appendix Figure 332: ACP and Payout on ShoiTerm TRs
Ontario to Michigan
May 2002i March 2010
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Appendix Figure 333: Return on ShorTerm TRs
Ontario to Michigan
May 2002i March 2010

20
18
16
14
C 12
E 10
8
6
; |
éo”’ > 0“‘%0“ N 0:0"%6” $ e 0‘°000Q’ N 6\ N 6\00‘30‘1’ AN 0‘?0
Qv \® ?9 o <<e,®'z> <<e® <<<z, \\\, \q, 3 O"@’b \OOOQ

PUBLIC 212






